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ABSTRACT

Geologic carbon storage has a great potential in reducing atmospheric CO2 emissions by
permanently sequestering large volumes of carbon dioxide in reservoir formations sealed with
tight rock. During CO: injection, multi-physical processes occur, affecting the mechanical
stresses, pore pressures, temperature, and chemistry of the participating subsurface rocks and
pore fluids. These processes are coupled, meaning that changes in each aspect do impact the
others mutually. Thus, the interdependent factors need to be understood as a combined system,
while it should also incorporate the time-dependent response, as COx is projected to be stored for
thousands of years.

Experimental techniques are introduced to characterize the poroviscoelastic and hydraulic
behavior of reservoir rock, including two-phase flow, with CO» treatment tests conducted under
high-pressure conditions. Berea sandstone is selected to represent silica-rich rock, while Apulian
and Indiana limestones are chosen as calcite-rich rock. This study investigates the effect of CO»
treatment on the compressibility, time-dependent response, and relative permeability.

The compressibility is measured for the selected materials and their composing minerals. By
comparing pristine and CO; treated specimens, experiments reveal that the compressibilities of
sandstone, quartz, and calcite minerals do not change, while the limestone’s response can be
affected by creating new connected and non-connected pores. Then, the effect of CO; treatment
on the time-dependent response is investigated. In contrast to the compressibility measurements,
it is reported that the treatment significantly promotes the time-dependent behavior of the
sandstone and limestones. It is argued that the mechanism for the effect of CO; treatment is

different for sandstone and limestones, where the dissolution of calcite is the main reason for the
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changes in the properties of the latter ones, while the generation of microcracks due to stress
corrosion is the main mechanism for silica-rich rock.

The hydro-mechanical-chemical constitutive model is adopted to address the coupled response of
subsurface rock, with investigation of the impact of duration of CO» injection. The importance of
considering the chemical aspect in the constitutive equations is highlighted by comparing the
hydro-mechanical and hydro-mechanical-chemical coupling for the porosity change. Moreover,
the multiphase flow response of water and CO> is experimentally studied with the impact of CO»
treatment. A novel method to determine the degree of saturation for the relative permeability
curve is introduced, and additional measurements of the microscale properties are conducted for
the capillary pressure, wettability, and surface roughness. The experiments show that CO>
treatment alters the relative permeability curve by increasing the permeability and maximum
CO2 saturation for the limestones, while no significant effect is observed for the sandstone.
Furthermore, the experimental techniques developed in this study are utilized for reporting the
poromechanical and hydraulic properties of two shales and one granite representing the sealing
layers for CO, storage. Ultra-low permeability of the sealing formations is accurately measured
in a few month-long experiments and is coupled to the mechanical and pore network
characteristics of the rock. By establishing the porosity-permeability relationship, the findings
reveal that the exponent value for tight rock is significantly larger than that of porous rock,
which is often misused. This implies that for tight rock, a small increase in porosity can result in
a considerable change in permeability, which is crucial for the sealing layers.

In summary, this thesis provides a comprehensive experimental workflow aimed at
characterizing the poromechanical and hydraulic response of representative rock types during

CO:2 injection, where the time-dependent and chemical effects are also considered.
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CHAPTER 1: INTRODUCTION

1.1 Problem Statement

The emission of greenhouse gases to the atmosphere has been widely recognized for its negative
impacts on the global environment by warming the ecosystem, resulting in rapid changes in the
atmosphere, ocean, and land (Cox et al., 2000; IPCC, 2007). Recent reports stated that carbon
dioxide (CO2) plays a dominant role among other greenhouse gases, as the global surface
temperature has been increasing with the cumulative amount of CO; discharge (IPCC, 2005;
2021). Although it is unequivocal that CO; emission is warming the planet, fossil fuel
combustion has been continuously growing to satisfy the global energy demand, accelerating the
production of CO> (Anderson and Peters, 2016; Metz et al., 2005). As an effort to mitigate
climate change, geologic carbon storage (GCS) has been introduced as a promising method to
reduce the atmospheric emission of anthropogenic CO> (Bachu, 2008; IPCC, 2005).

The objective of GCS is to inject large volumes of CO: into geologic formations for long-term
storage and to prevent its release into the atmosphere. The reservoir rock is carefully selected
considering the sealing layers on the top (caprock) and bottom (basement rock), which should be
low permeable and have high entry pressures to safely capture CO> (Nordbotten and Celia, 2012).
The geologic formations targeted for CO: injection are usually deep saline aquifers with a total
capacity of thousands of Gt, mostly comprised of sandstones and limestones (Guéguen and
Palciauskas, 1994; IPCC, 2005). For caprock, claystones are the typical representative materials
due to their low permeability, while crystalline formations usually serve as the basement rocks
(Orr, 2009).

As the main objective of GCS is to store the injected CO2 securely, the trapping mechanisms

need to be considered for efficient storage, and they include structural and stratigraphic trapping,



residual trapping, solubility trapping, and mineral trapping (Gunter et al., 2004; IPCC, 2005).
During the CO» storage process, the injected CO» plume rises due to buoyancy, and the structural
and stratigraphic trapping occurs at the micropore level, preventing leakage through the caprock
layer. Also, as CO; acts as the non-wetting phase in the water-wet system, residual trapping takes
place in the small pores, where the injected CO»> remains as a stagnant residual phase due to
drainage/imbibition processes that are closely related to the storage capacity. While CO> may
dissolve and generate an acidic solution (solubility trapping) that can induce chemical reactions
with the reservoir formations (mineral trapping), these reactions are considered to play a
significant role at the later stages of the injection, while the first two trapping mechanisms are
dominating the initial injection processes (IPCC, 2005). Nevertheless, it is vital to properly
assess the pore-scale mechanism and capillary pressure of the reservoir formations, which are
also coupled with the relative permeability functions (Craig, 1971).

Based on the trapping mechanisms above, this study investigates the poromechanical and
multiphase flow responses of subsurface rock that are directly related to safe and efficient CO»
storage. As high-pressure CO: is injected into the reservoir, an instant and direct poromechanical
response occur due to the pore pressure increase, decreasing the effective stress tensor (Rutqvist,
2012). Thus, the stress state would migrate closer to the failure conditions, accompanied by
mechanical deformation from overpressure that may jeopardize the system’s stability and result
in induced seismicity and reactivation of faults (Bachu, 2003). Furthermore, while the
poromechanical response of porous rock incorporates both elastic and inelastic behavior, it is
vital to concentrate mainly on the elastic response for GCS, because any inelastic behavior
should be avoided to exclude large deformations and failure. Thus, considering the permanent

time scale of carbon storage (up to thousands of years), the poroelastic response of the involved



formation needs to be extensively examined for both short-term (poroelasticity) and long-term
behavior (poroviscoelasticity), and it can be done by adopting the constitutive models that
include the immediate and time-dependent deformation (Coussy, 2004; Cheng, 2016; Yarushina
and Podladchikov, 2015).

Another important aspect that needs to be assessed is the multiphase flow behavior, as it is
closely related to the CO> injectivity, migration of the CO; plume, and storage capacity (Bachu
and Bennion, 2008; Krevor et al., 2013). The two-phase flow of water and CO; in the reservoir
can be described by the relative permeability, since most reservoir formations are infiltrated with
aqueous fluid. Understanding the multiphase flow phenomenon is a complex task, as it involves
knowledge of the hydromechanical response, interaction between the wetting and non-wetting
fluids, and capillary forces at pore scale (Kumar et al., 2005; Spiteri et al., 2005; Kopp et al.,
2009; Bachu, 2013).

After injection, the plume of high-pressure CO> rises due to buoyancy and reaches the caprock,
which may end up in undesirable leakage to the upper aquifers (Cavanagh and Haszeldine, 2014).
Besides, for cases where the injection happens near the basement rock, there exist risks that the
injected fluid may affect the ambient pore pressure and trigger seismic activities (Dyer et al.,
2008; Evans et al., 2012). Thus, the poromechanical and hydraulic characteristics of the sealing
layer need to be studied. The fluid flow through the subsurface rock is directly affected by the in-
situ stress state, changes in which may alter the pore structure and modify the flow paths (Biot,
1973). Thus, coupling the mechanical and hydraulic properties of the participating formations is
a requisite that can be accomplished by establishing the porosity-permeability relationship
(Bernabé et al., 2003). For GCS, understanding these responses is of great interest since the

stability in terms of leakage needs to be evaluated for the tight sealing layers, as in many cases,



the measurements of the material properties are limited (Trimmer, 1981). Moreover, as the
porosity-permeability relationships are often misused between the porous and tight rock,
accurately evaluating their applicability is vital for the proper reservoir modeling (Zhang et al.,
2015).

On top of the poromechanical and hydraulic responses occurring during CO> injection, the
chemical aspect can complicate the problem (Wawersik et al., 2001). As the injected CO>
generates an acidic mixture of brine and CO, it may chemically react with the composing
minerals of the reservoir rock. Consequently, the poromechanical and hydraulic responses - the
short- and long-term deformation, relative permeability, and the porosity-permeability
relationship, may be affected by CO: injection. Therefore, understanding coupled hydro-
mechanical-chemical (HMC) response of the subsurface formations to CO; treatment becomes
essential for safe long-term storage (Figure 1.1). As the injected CO; is at a lower temperature
than the adjacent rock due to the geothermal gradient, the thermal stresses are induced (Vilarrasa
et al., 2013). This effect is not considered in this study to simplify the problem, as it allows to
focus on the chemical effect of CO, treatment on the poromechanical and hydraulic
characteristics during GCS (Figure 1.2). Moreover, the thermal effect on the properties of
reservoir rock is not that significant for the temperature gradients of 20-30 °C considered for a

few km depth storage (Somerton, 1992)
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Figure 1.1. Schematic illustration of the geological carbon storage system and potential risks.

1.2 Research Objective

This study involves a large set of laboratory experiments aimed at measurements of the
poroviscoelastic and hydraulic properties of reservoir rock and sealing layers. The parameters
and constitutive models adopted to explain the multi-physical behavior of the materials are
presented. Experimental methods are introduced to accurately measure the compressibility, time-
dependent behavior, and multiphase flow properties, and evaluate the coupling parameters. The

chemical effect of CO> injection is investigated by comparing the material properties before and



after the treatment, while an additional study is conducted to examine the impact of the duration
of CO; treatment. Three reservoir materials are selected, representing silica-rich rock (Berea
sandstone), low-stiffness calcite-rich rock (Apulian limestone), and high-stiffness calcite-rich
rock (Indiana limestone). Although these materials are not directly utilized for GCS, their
isotropic and homogeneous poromechanical properties provide advantages that allow the
adoption of the linear constitutive models for monomineralic rocks. Opalinus Clay and Eau
Claire shale are tested as the caprock representatives, while Charcoal granite is selected as the
basement rock material. The primary focus of this study is to provide extensive experimental
knowledge of the poromechanical and hydraulic response of subsurface formations during CO>
injection, and adopt a constitutive model to adequately describe the phenomenon. The following

five main objectives are addressed in this dissertation:

1) Introduce experimental methods to accurately measure the hydromechanical properties of
subsurface rock, including the time-dependent behavior and the CO» injection process under
the regime of poroviscoelasticity.

2) Investigate the chemical effect of CO, treatment on the poromechanical response of rock
considering its mineral composition.

3) Explore the effect of CO, treatment on the time-dependent response of reservoir formations
and introduce an appropriate chemo-poro-visco-elastic constitutive model.

4) Experimentally assess the effect of CO, treatment on the relative permeability of CO, and
water by introducing a technique to estimate the degree of CO; saturation.

5) Accurately characterize coupled poromechanical and hydraulic properties of the sealing layer

(tight) formations and establish a porosity-permeability relationship.
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Figure 1.2. Conceptional illustration for hydro-mechanical-chemical coupling.

1.3 Dissertation Organization

For this dissertation, six different studies addressing the designated objectives are assigned as
separate chapters. Before introducing the particular results, detailed experimental methods for
the whole study are described in Chapter 2. Five of the following six chapters are presented as
research papers, three are already published, and two are under review. The first paper, “CO»
Injection Effect on Geomechanical and Flow Properties of Calcite-Rich Reservoirs”, has been
published in Fluids, and is designated as Chapter 3. The second paper, “Changes in Rock Matrix
Compressibility During Deep CO» storage”, has been published in Greenhouse Gases: Science
and Technology and is presented in Chapter 4. “Short- and Long-term Responses of Reservoir
Rock Induced by CO; Injection” makes up Chapter 5 and is currently under the second round of

reviews in Rock Mechanics and Rock Engineering. Chapter 7 contains the manuscript on “Effect
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of CO; Injection on Multiphase Flow Properties of Reservoir Rock™ that has been submitted to
Transport in Porous Media. “Coupling Between Poromechanical Behavior and Fluid Flow in
Tight Rock”, published in Transport in Porous Media, makes up Chapter 8. Additionally, further
discussions on the chemical effect of CO» injection are elaborated in Chapter 6, “Development of
Hydro-Mechanical-Chemical Model Describing Reservoir Rock Response During CO» Storage”.
Finally, Chapter 9 is devoted to the implications of the research findings and suggested future

work and Chapter 10 consists of the extended conclusions.
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CHAPTER 2: METHODS

This section presents the experimental methods used to characterize the poromechanical and
multiphase flow properties of subsurface rock. Before introducing the methods, theoretical
background on Biot poroelasticity is presented. As the corresponding chapters introduce the
devices and methods used for the measurements in detail, each technique is briefly described
here with images of the experimental setup. In addition, experimental information not presented
in the other chapters is reported along with the approaches to error analyses. A summary of the

methods and measured material properties are provided in Table 2.1.

Table 2.1. Summary of the experimental methods.

Device Setup Measured Parameters Spe;(i:;r;en
Mercury .
Intrusion - Porosity (¢) 0.5cm’
P . - Pore size distribution
orosimetry
Core - Intrln‘sw permeab}l{ty (k) D =508 mm
. - Relative permeability (%) _
Flooding , . L=100-110
. - Skempton’s B coefficient
Device mm
Prismatic
- Drained (dry) bulk shape with at
Hydrostatic modulus (K) least 20 mm
Compression - Unjacketed bulk modulus in each
Cell (K" dimension,
usually
50x35%x35mm
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Table 2.1. Cont.

- Drained (dry) bulk
modulus (K)
Modified - Unjacketed bulk modulus
Hydrostatic (K"
Compression - Skempton’s B coefficient 23>23>30mm
Cell - Bulk viscosity (774)
- Reaction parameter (Rx)
- Drained/Undrained
Young’s modulus (E/Ey)
Conventional - Drained/Undrained
. ) R . D =50mm
Triaxial Poisson’s ratio (v/w) _
. , . L =90-
Compression - Skempton’s B coefficient 110mm
System - Bulk viscosity (77¢)
- Permeability (k)
- Strength (c and @)
Microgonio- - Apparent contact D=1-2cm
meter angle () L =0.5cm
D=2cm
Profilometry - Surface roughness I =1lem
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2.1 Biot Poroelasticity

As this thesis suggests a more advanced model coupling the hydro-mechanical-chemical aspects
and considering the time-dependent behavior of reservoir rock during CO> injection, it is
important to understand the fundamental basis of the mechanical response of porous media. In
this section, the classical constitutive model for poroelastic response of isotropic and
homogeneous fluid-saturated porous material is introduced. The behavior of a fluid-saturated
rock can be described by the Biot poroelasticity, which defines the porous media as a coherent
solid skeleton and freely moving pore fluid (Biot, 1941). The kinematic parameters for the
components can be presented as the solid displacement and specific discharge, followed by the
strain parameters: strain tensor &; and the increment of fluid content ¢ (Biot, 1941; Detournay
and Cheng, 1993). Also, the dynamic parameters that affect the mechanical response of the
porous media need to be introduced, which are the applied total mean stress P = (o7 + o2 + 03)/3
and the pore fluid pressure p/. Then, the Terzaghi effective mean stress P’ = P — p/ can be defined
(Terzaghi, 1923).

Assuming linearity and elasticity, Biot’s constitutive equations for the fluid-filled porous media
can be established, where the strain &, increment of fluid content £, and change in porosity A¢
can be expressed with a set of poroelastic parameters (Equations 2.1 to 2.3) (Detournay and

Cheng, 1993).

1
8=E(P—apf) 2.1)
c=Z p_P_f 2.2
% 3 (2.2)
AM K K;JP ¢(K; K;']p -
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Then, the poroelastic constants introduced in the constitutive relationships can be defined under
three boundary conditions: unjacketed, drained, and undrained (Detournay and Cheng, 1993).
The unjacketed condition implies that the change in the total mean stress is equal to that of the
pore pressure (AP = Ap/). Under this boundary condition, the unjacketed bulk modulus K’ and
unjacketed pore modulus K" can be defined, giving an understanding of the compressibility of

the solid matrix and the pores, respectively (Equations 2.4 and 2.5).

f
K =y 2.4)
CTAY
Ap‘f:AP
,
K" =y 2P (2.5)
N7
p Apf:AP

Under the drained condition, the fluid can freely move in or out of the pores while the pore fluid
pressure remains constant (Ap/=0). The drained bulk modulus K and Biot coefficient & can be
defined under the drained condition. Drained bulk modulus K can be calculated from the change
in the volume of the material due to the applied mean stress:

AP
K==L 2.6)
AV AP'/:O

Biot coefficient « is introduced as the ratio between the volume of fluid expelled from the
element during the drained loading and the change in the element volume. Also, «can be
expressed with the drained and unjacketed bulk moduli:

A K
AV Ap’ =0 K'

N

a (2.7)

The undrained condition is defined by zero change in the increment of fluid content: £=0,

indicating that the fluid cannot move in or out of the porous material, causing changes in the pore

14



pressure when external loading is applied. Skempton’s (1954) B coefficient is introduced to
describe the undrained loading, where it is defined as the change in the pore pressure due to the

variation in the total mean stress:

=¥

N (2.8)

=0
Based on Biot poroelasticity, this study extends the constitutive behavior by adopting additional

aspects to the equations, regarding time-dependent response and chemical reactions.

2.2 Material

Representative reservoir rock, caprock, and base rock materials are selected for this study. As
most reservoir formations are sandstones (silica-rich) or limestones (calcite-rich), Berea
sandstone, Apulian limestone, and Indiana limestone are tested. Although the chosen reservoir
rocks are not directly used for carbon storage, the materials provide advantages considering their
isotropy and homogeneity, which allow adopting Biot’s poroviscoelastic constitutive equations.
Also, as the selected materials can be assumed monomineralic, the effect of CO» treatment on a
particular rock-forming minerals can be investigated. In addition to the reservoir formations, the
two major minerals - quartz and calcite, are examined separately in the form of crystals. For
caprock, Eau Claire shale and Opalinus clay are chosen, while Charcoal granite represents the
base rock. The reported porosity, and permeability are accurately measured using the mercury
intrusion porosimetry and core flooding device, respectively. All tested specimens are presented
with scanning electron microscopy (SEM) images in Figure 2.1. Detailed descriptions for each

sample are elaborated in the corresponding chapters.
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Figure 2.1. Rock formations that are selected for this thesis representing the reservoir rock,
caprock, and crystalline basement.
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2.3 Mercury Intrusion Porosimetry

The porosity measurements and evaluation of the pore size distribution are measured using the
mercury intrusion porosimetry (MIP) device Quantachrome Poremaster 60. The device forces
mercury to penetrate the interconnected pores while accurately measuring the volume of the
intruded mercury. The pressure is increased up to 413.7 MPa, followed by the unloading
procedure. Also, the bulk density of the rock can be calculated by measuring the weights of the
dry sample and the sample in the cell filled with mercury up to ambient pressure.

For sample preparation, it is crucial to completely clean and dry the sample cell since even a

minor amount of remaining mercury in it can induce a critical error, considering the small size of
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the samples. Also, the temperature condition needs to be monitored to resume the isothermal
condition, as the thermal change can affect the measurements. The relative error for the reported
porosity values is 3% and it considers the variation between values measured on different

samples. Detailed descriptions of this method are introduced in Sections 4.2e and 8.2e.

. /

.,. ‘\

Quantachrome Poremaster 60

Figure 2.2. Experimental setup for a) mercury intrusion porosimetry device, b) sample
installation in the sample cell, and c) cell filled with mercury after intrusion.

2.4 Core Flooding Device

2.4.1 Intrinsic Permeability

The permeability can be measured using the core flooding device and three syringe pumps
(Figure 2.3a). With the confining pressure applied, the pore water pressure is induced by two
syringe pumps — one for the upstream and another for the downstream pressure. Then, while
preserving the total mean stress constant, differential upstream and downstream pore pressure
(P/up — Paown = AP') are applied to induce flow through the water-saturated specimen. The change
in volume of both pumps is observed over time, and as the absolute change rates of these pumps
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become identical, the steady-state flow is assumed. Subsequently, the change in volume of the
pumps AV is recorded over time At, and the permeability of the rock is calculated.

It is to be noted that the permeability measurements are conducted after reaching full saturation,
with verification of the repeatability for all formations. Moreover, considering the calcite
dissolution in water, we assume that the pore fluid reaches an equilibrium state for mineral
dissolution, as the saturation process before any measurements for limestones usually takes at
least a week. The effect of dissolution is negligible for the silica-rich formation. For all
experiments, the temperature is controlled to be constant (Figure 2.3b). The relative error in the

reported permeability values is 5%.

2.4.2 Relative Permeability

The core flooding device can also be utilized for CO: injection for the reservoir rock by
installing another syringe pump filled with CO; at the upstream. The two-phase flow test of
water and CO; can be experimentally conducted utilizing the core flooding device with the CO»
injection experimental setup, assuming that both fluids flow independently in a steady-state and
laminar flow condition. In order to assess the storage efficiency for CO; injection projects, a
proper understanding of the degree of saturation for the two fluids (water and CO,) is required.
In addition, as the pore compressibility can be affected due to CO> injection, the poromechanical
response needs to be coupled with the multiphase flow. In this study, an innovative method to
determine the degree of saturation is adopted, where it can be calculated by measuring the
poroelastic response of rock during the CO: injection (Chapter 7.2c). Thus, the relative

permeability curve or — relative permeability versus degree of saturation, can be determined.
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With the 5% relative error for the Skempton’s B coefficient, that of the calculated degree of
saturation is 10%.

As the volume of CO, is highly dependent on the ambient temperature, it is important to
maintain the isothermal condition during experiments. Also, the pressure and volume of the CO»
pump are preserved at the target state for at least a few hours before any measurements to assure
the CO: is at an equilibrium state. In terms of the chemical reaction, the two-phase flow tests for
reservoir rock are conducted for a short-term to confirm that the chemical effects from the
relative permeability test on the material properties are minimal. Detailed explanations on

measuring the intrinsic/relative permeability are elaborated in Chapters 3.3b, 5.3¢, and 7.2b.
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Figure 2.3. Images of the a) core flooding device setup with the syringe pumps and b) the heat
insulation setup.

2.4.3 CO; Treatment

As this study aims to explore the effect of CO; injection on the poroviscoelastic and multiphase
flow properties of water-saturated reservoir rock, CO treated specimens are prepared as a
comparison to pristine reservoir formations. The CO; treatment for reservoir formation is
conducted utilizing the core flooding device with the CO> injection setup (Figure 2.3).
Alternatively, a high-pressure vessel is used for CO; treatment of the mineral crystals (Figure
2.4). The samples are submerged in deionized water, as CO» is then injected into the steel vessel.

For both core flooding device and high-pressure vessel, identical CO; pressure is retained during
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the treatment process, assuming that the dissolution of the injected CO; reaches an equilibrium
state.

Previous studies reported that the duration time of CO; treatment correlates with the degree of
the change in the material properties (Shi et al., 2019). For this study, 21 days are selected as the
treatment period for Berea sandstone and Indiana limestone, as we intend to introduce a
controlled chemical effect to maintain the materials’ elastic behavior without any macroscopic
degradation (Tarokh et al., 2020). Furthermore, since Apulian limestone is recognized as a softer
material that highly reacts with the acidic mixture of water and CO», the treatment period is
reduced to 3 days (Luquot and Gouze 2009). For multiphase flow and CO; treatment
experiments, liquid CO; is utilized. Although many studies report that CO» exists in the reservoir
as a supercritical state, others propose injecting liquid CO> is more energetically efficient
(Rayward-Smith and Woods, 2011; Vilarrasa et al., 2013). Moreover, adopting the supercritical
CO2 involves consideration of the thermal effect (7 > 31.04°C), changes in the fluid
compressibility, density, and viscosity, complicating the problem (Figure 2.5). Therefore, for this
study, the problem is simplified by using liquid CO> at room temperature to focus on the hydro-
mechanical-chemical coupling effect. Detailed procedures for the CO» treatment are elaborated

in Chapters 3.3c, 4.2b, 5.3b, and 7.2d.
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Figure 2.4. Experimental setup for a) high-pressure vessel, b) mineral crystal samples of quartz
and calcite, and ¢) submerged samples in the inner beaker for CO, treatment.
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Figure 2.5. The phase diagram of CO,. Two representative states, liquid (blue) and supercritical

(red) CO: are selected, with the material properties (p: density, V,.: P-wave velocity, Ky fluid
bulk modulus, 7: viscosity) summarized in the below table.
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2.5 Hydrostatic Compression Cell

2.5.1 Compressibility Test

The hydrostatic compression test apparatus is adopted in this study to measure the jacketed and
unjacketed bulk responses of the reservoir rocks and the solid bulk modulus of the dominant
minerals (Figure 2.6a). The specimen is submerged in hydraulic oil that fills the cell, and after
closing the cell, hydrostatic pressure is applied with the syringe pump. As the pressure increases,
the deformation of the specimen is measured by the resistive strain gauges installed on the
surface of the specimen. After measuring the jacketed bulk modulus (K), the unjacketed bulk
modulus (K;) is determined by removing the membrane, which allows the fluid to intrude the
sample’s pores. For both porous rock and mineral crystals, sufficient strain gages are installed to
the specimen surface in three perpendicular directions, and, in some cases, in diagonal directions
on each face (Figures 2.6b, c, and d). During the experiment, it is important to record the strain
measurements after reaching equilibrium. The relative errors for the bulk moduli measurements
are within 3%. Further explanations on the procedure of the hydrostatic compression test are

presented in Chapters 4.2¢ and 8.3b.
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Hydrostatic cell S—

Figure 2.6. Experimental setup for the a) hydrostatic compression cell and samples for the b)
jacketed test, ¢) unjacketed test, and d) mineral solid compressibility.

2.5.2 Modified Hydrostatic Compression Cell

As the original hydrostatic compression cell does not allow to control the pore pressure in the
specimen, the modified hydrostatic compression system is developed by installing pressure lines,
valves, and transducers (Figure 2.7b). Then, the hydrostatic compression test can be conducted
with a separate control of the confining (all around) and pore pressures separately. Under this
condition, the undrained response and time-dependent deformation can be measured in addition
to the bulk compressibility. Also, by having pore fluid vessels of water and CO> (Figure 2.7¢),
the CO> treatment process can be conducted. The modified hydrostatic compression system is

located in a temperature-controlled air bath that allows more accurate control of the isothermal

24



conditions (Figure 2.7a). As the deformation can be measured at high-pressure conditions during
CO2 injection, the effect of the duration of CO, treatment is investigated. Detailed experimental

techniques are presented in Chapter 6.2c.
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Figure 2.7. a) The modified hydrostatic compression system, b) pore fluid vessel, and c¢) pore
pressure lines with the pressure transducer and connected specimen.

2.6 Triaxial Compression Test

Measurements of the poroviscoelastic response of rock are conducted in the conventional triaxial
system. The system consists of the GDS triaxial compression cell (with 4 MPa capacity), 50 kN
load frame, and three 4 MPa pressure controllers for application of the cell and upstream and
downstream pore pressures (Figure 2.8a). In addition, two pressure transducers are installed at
the input and output to monitor the inner pore pressure during the undrained response. The

deformation of the specimen is measured by two axial and one radial LVDT (Figure 2.8b). Full
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saturation is achieved by the back-pressure saturation method with Skempton’s B coefficient
measurements. Loading-unloading tests are conducted under drained and undrained conditions
allowing the calculation of the drained (£) and undrained (£,) Young’s moduli, drained (v) and
undrained (i) Poisson’s ratios, and the strength characteristics (e.g., cohesion ¢ and friction
angle @) of the rock. The poroviscoelastic behavior can be assessed under undrained boundary
conditions, by monitoring the pore pressure buildup with constant total mean stress.

Specifications on the triaxial compression test are introduced in Chapters 3.3d and 5.3e.
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Figure 2.8. Experimental setup for the a) conventional triaxial compression system and b)
installation of specimen.
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2.7 Saturation

Measurements of poroviscoelastic properties should be performed at full saturation, that needs to
be confirmed while utilizing any of the presented techniques. For the hydrostatic compression
test, where hydraulic oil is utilized as the confining fluid, it is allowed to penetrate the specimen
to make the pore pressure equal to the mean (all around) stress. The time to reach an equilibrium
state during the increase in pressure can be estimated by the characteristic time for the pore fluid
diffusion, and sufficient time is guaranteed before strain measurements. Estimation of the
maximum oil pressure to be applied to reach full saturation can be inferred from the porosimetry
analyses and provides values below 60 MPa even for the tight rock (see Chapter 8.3), being
significantly smaller for the reservoir materials (Tarokh and Makhnenko, 2019). Since the
unjacketed properties are measured during the unloading stage that follows the loading up to 69
MPa — the full saturation of the specimens is guaranteed and confirmed by the reported linear
responses.

For the core flooding device, triaxial cell, and modified hydrostatic compression cell, full
saturation is achieved by utilizing the backpressure technique (Lowe and Johnson, 1960;
Makhnenko and Labuz, 2016). The Skempton’s B coefficient is measured at a constant effective
mean stress P’, while the pore pressure is increased in steps. When a constant value of B is
measured, it can be assumed that full saturation has been achieved. However, due to the volume
of pore fluid in the inner pore water lines (dead volume ¥7) and the compressibility of the system
itself, the measured B values need to be corrected (Bishop, 1976). The correction factors for the
compressibility of the system are calculated with the theoretical equation for Skempton’s B
coefficient and the measured B value from the PVC specimen. The dead volume for the triaxial

cell is V2 = 7.0 mL, as the correction factor (3.5x10°'® m3/Pa) affects the B measurements by 0.13
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for Berea sandstone. This dead volume decreases significantly for the core flooding device, as V',
= 1.7 mL, where the applied correction factor (1.2x10°'® m?/Pa) appears to be within the
accuracy of the measurements that can be neglected. More detailed discussions for saturation in

the apparatus are available in Chapter 8.3d.

2.8. Microscopic Measurements

Characterization of the multiphase flow response relies on assumptions for the microscale
properties that are generally maintained constant. However, questions may arise if this premise is
valid, as the microscale factors that affect the relative permeability — wettability and surface
roughness, are measured.

The contact angle is measured using a microgoniometer (MCA-3), which allows an image
analysis with precise calculation of the angles between the droplets and the surface (Figure 2.9a).
The device is capable of accurately controlling the size of the microscopic droplets, and can
detect the droplet using a high magnification lens with a fast image capture system (Figure 2.9b).
As the contact angles are measured at different locations and with the systematic error, the
contact angle values showed a variation within +5°.

The profilometer (Sloan Dektak3ST) provides repeatable and accurate measurements of the
height and 2D roughness of the material surface, ranging from a few nanometers to hundred
microns (Figure 2.10). The contact technique is utilized to measure the surface topography
without any damage as it scans across the surface of the specimen. Details on the microscopic

measurements are explained in Chapters 7.2f and 7.2g.
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Figure 2.9. Experimental setup of the a) microgoniometer and b) specimen installation and
measurements.

Figure 2.10. a) The profilometer apparatus setup and b) specimen installation for surface
roughness measurements.
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2.9. Error Analysis

All experimental measurements have some degree of uncertainty, also called as an error, which
can be attributed to many reasons. Therefore, it is important to report the uncertainty with the
measured value to provide confidence in the experimental results. As most findings of this study
are based on experimental work, this section reports the errors associated with each experimental
method and calculations.

In general, the experimental error consists of systematic and random errors, assuming that the
person performing the measurement does not induce any blunder errors. The systematic error is
the reproducible inaccuracies, occurring in the same direction that can be improved by
calibrating the apparatus. The random error is unpredictable and cannot be replicated, as it is
statistical fluctuations among the measurements. With all experimental devices accurately
calibrated, it is assumed that the systematic error can be neglected, as it cannot be detected by
increasing the number of testing specimens. Thus, for this study, the random error becomes
important, which is due to the precision of the measurements and specimen sampling of at least
three specimens. Then, the total relative error for each reported parameter can be evaluated by
integrating the error ranges by multiplication. The relative error is defined as the ratio of the
absolute error to the measurement value, where the average value regarding the sampling error is
reported. The precision of the measurements can be described with the instrumental resolution.
For the mercury intrusion porosimetry, the accuracies of the volume and pressure transducers are
1% of the stem volume and 0.1% for the maximum pressure capacity, giving ~0.0001 cm® and
~50 kPa. Then, with the sampling error range of the measured porosity values of 2-3%, the total
relative error for porosity is determined as 3%. The accuracy of the strain gauges in the

hydrostatic compression system is 0.3% for the maximum resistance. For the volume and
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pressure accuracies of the ISCO syringe pump (500D), they are 31.71 nL and 0.5% of the
maximum capacity (~50 kPa), respectively. Using this information, the relative errors for the
poroviscoelastic properties can be evaluated. For the bulk moduli, the sampling error shows a 2%
range, thus resulting in a 3% total relative error. The intrinsic and relative permeability
measurements show a larger sampling error, and the total relative error is calculated as 5%. For
Skempton’s B coefficient, the sample variation gives a 2% fluctuation, as the total relative error
does not exceed 3%. As the bulk viscosity for the time-dependent response is calculated from the
measured poroelastic parameters, the error range is larger, giving a 10% total relative error. The
sampling errors are shown to be larger for the microscale measurements, resulting in the relative
total errors of ~10% and ~15% for contact angle and surface roughness measurements,
respectively. For the strength measurements, the relative error is mostly due to the sampling

error, not exceeding 5%.
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CHAPTER 3: CO2 INJECTION EFFECT ON GEOMECHANICAL AND FLOW
PROPERTIES OF CALCITE-RICH RESERVOIRS

Based on a manuscript published in Fluids

Kim, K., Vilarrasa, V., Makhnenko, R.Y. (2018) CO; injection effect on geomechanical and flow
properties of calcite-rich reservoirs. Fluids. 3(3): 66.

ABSTRACT

Geologic carbon storage is considered as a requisite to effectively mitigate climate change, so
large amounts of carbon dioxide (CO;) are expected to be injected in sedimentary saline
formations. CO> injection leads to the creation of acidic solution when it dissolves into the
resident brine, which can react with reservoir rock, especially carbonates. We numerically
investigated the behavior of reservoir-caprock system where CO> injection-induced changes in
the hydraulic and geomechanical properties of Apulian limestone were measured in the
laboratory. We found that porosity of the limestone slightly decreases after CO» treatment, which
lead to a permeability reduction by a factor of two. In the treated specimens, calcite dissolution
was observed at the inlet, but carbonate precipitation occurred at the outlet, which was closed
during the reaction time of three days. Additionally, the relative permeability curves were
modified after CO,-rock interaction, especially the one for water, which evolved from a
quadratic to a quasi-linear function of the water saturation degree. Geomechanically, the
limestone became softer and it was weakened after being altered by CO,. Simulation results
showed that the property changes occurring within the CO> plume caused a stress redistribution

because CO, treated limestone became softer and tended to deform more in response to pressure
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buildup than the pristine rock. The reduction in strength induced by geochemical reactions may
eventually cause shear failure within the CO> plume affected rock. This combination of
laboratory experiments with numerical simulations leads to a better understanding of the

implications of coupled chemo-mechanical interactions in geologic carbon storage.

3.1. Introduction

Geologic carbon storage is deemed as a necessary action to reach the Paris Agreement goal of
limiting temperature increase to 1.5 °C (Anderson and Peters, 2016). To this end, widespread
deployment of carbon dioxide (CO) capture and storage (CCS) projects will have to take place
in the next decade. CCS projects can keep down the overall cost of mitigation options to achieve
large reductions in CO> emissions (Nordbotten, 2012). The Intergovernmental Panel on Climate
Change (IPCC) report (2005) states that CO> storage in deep geological formations is one of the
most promising techniques because gigatons of CO> can be potentially injected and trapped
underground. The most suitable storage reservoirs are permeable sedimentary formations, which
can be either siliciclastic or carbonate and saturated with saline water (IPCC, 2005). While
siliciclastic formations are seen to be quite stable to CO; injection (Zhang et al., 2009), carbonate
formations could be highly reactive (Luquot and Gouze, 2009).

Recent laboratory studies show that the greatest changes in the mechanical response of reservoir
formations are expected for carbonate-rich rock or rock with carbonate cement (Rohmer et al.,
2016). High-pressure CO> injection induces CO»-brine-rock interactions in which geochemical
reactions potentially lead to changes in hydraulic properties, i.e., porosity and permeability, and
geomechanical properties, i.e., stiffness and strength of rock (Vilarrasa et al., 2018). Bemer and

Lombard (Bemer and Lombard 2010) reported 1-2% increase in porosity for carbonate-rich
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wackestone from Lavoux formation altered in the presence of CO». This resulted in a decrease in
strength and elastic moduli of up to 20-30%. Similarly, Alam et al. (Alam et al., 2014) observed
2-3% increase in porosity in North Sea chalk treated with supercritical CO2 (scCOz), leading to a
2% increase in Biot coefficient, and hence a decrease in elastic rock stiffness. Vialle and Vanorio
(2011) measured the changes in elastic properties of both saturated and dry limestones and
observed a gradual loss of strength upon injection, as testified by the continuous decrease in the
dry P- and S-wave velocity (20-25%). The decrease was also accompanied by a relative increase
in permeability (up to 500%) and porosity (up to 19%), while the change in microstructure was
monitored over time via scanning electron microscopy. Grombacher et al. (2012) explained the
ultrasonic velocities reduction in different carbonate rocks subjected to CO»-rich water injection
by the decrease in stiffness at grain contacts caused by dissolution that was observed through
microimaging. However, the reduction rates of the bulk and shear moduli with injected pore
volume decrease with increasing effective mean stress, which reduces the porosity and the
reactive surfaces through compaction, so the effect of dissolution becomes less important
(Vanorio et al., 2011).

Some other studies do not support the observations of significant decrease in strength and elastic
properties of carbonates caused by CO: injection. Sterpenich et al. (2009) showed that for brine-
saturated Lavoux limestone, scCO: injection at 80 °C had a minor effect on microstructure (less
than 1% calcite dissolution) and ultrasonic velocities. Liteanu et al. (2013) observed the effect of
water-weakening on Maastrichtian chalk, but the effect of scCO2 on rock deformation was
negligible. This minor effect was also reported by Grgic (2011). Saaltink et al. (2013) found
through numerical simulations that calcite dissolution at the field scale within the CO; plume is

low. This weak interaction may be explained by the carbonate buffering effect on pH: The
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increase of pore fluid acidity due to CO> dissolution into water causes dissolution of calcite,
which consumes protons, leading to pH stabilization.

Relative permeability and retention curves are used to describe the multi-phase flow induced by
CO> injection in deep saline aquifers (Juanes et al., 2006). Specifically, the dissolution or
precipitation of calcite may influence the pore structure and wetting and non-wetting procedures
that occur in multi-phase flow. Bennion and Bachu (2008) conducted comparative tests on
relative permeability in various rocks including carbonates and provided a valuable data set to
assess the fluid flow and distribution in two-phase flow. Zekri et al. (2007) measured the relative
permeability of limestones to evaluate the change in wettability of the porous media. The results
showed that the scCO> flooding tends to change the wettability of saturated limestones to a more
water-wet condition. Additionally, relative permeability was used as a fitting parameter for the
numerical model to simulate CO» injection into a carbonate reservoir (2007). The simulation
compared CO» saturated water injection and pure scCO; injection, concluding that the CO>
saturated water tends to affect the reservoir structure more actively than pure scCO».

This paper aims to investigate how CO: injection affects the properties of porous carbonate
reservoirs. We first present the geometry of the considered problem and explain the numerical
model that includes the changes in hydro-mechanical properties of a limestone when it is altered
with CO,. Then, we describe the experimental techniques applied to saturate water-filled
limestone with liquid CO> and measure its hydraulic and mechanical response. Subsequently, we
present the results of laboratory tests performed on a number of pristine and CO> treated
limestone specimens. Additionally, the numerical model that utilizes the laboratory data is used
to evaluate the stability of carbonate reservoir and predict its long-term behavior. Finally, we

discuss the findings and implications of this study and draw the conclusions.
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3.2 Numerical Model

We modeled CO> injection into a carbonate reservoir and investigated the effect of the changes
in rock properties induced by geochemical reactions on the geomechanical response of the
system. To this end, we considered the coupled hydro-mechanical problem, which implied
solving simultaneously mass conservation of each phase and momentum balance. Mass

conservation of each phase, neglecting the diffusive component, is expressed as (Bear, 1972):

M+V-(paqa)=ra, a=c,w (3.1

ot
where ¢ is porosity, S, is saturation of the a-phase, p, is the density of the a-phase, # is time, g, is
the volumetric flux, r, is the phase change term, and a is either CO> rich phase, ¢, or aqueous
phase, w. Here, evaporation of water into CO> is neglected, i.e., , = 0. Fluid properties, i.e.,
density and viscosity, are functions of both pressure and temperature.

The volumetric flux is given by Darcy’s law.

a

:_k:iM((vpa—i_pagvz)’ 0!=C,W (32)

where £ is intrinsic permeability, & is the a-phase relative permeability, uq is its viscosity, pq is
its pressure, g is gravity, and z is the vertical coordinate, which is positive upwards.
The saturation degree is a function of the capillary pressure. We adopt the van Genuchten model

(1980), which reads:

V/(1-m)\ ™"
S, _Ll{%) } (3.3)

where p. is capillary pressure, py is entry pressure, and m is the shape parameter and

S-S
Se=v o (3.4)
max rl
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where §; is liquid saturation, S, is residual liquid saturation, and S 1s the maximum liquid
saturation.

For the mechanical problem, assuming that inertial terms are negligible, the momentum balance
of the porous media reduces to the equilibrium of stresses.

V.e+b=0 (3.5)
where ¢ is the total stress tensor and b is the body forces vector. A complete description of the
hydro-mechanical formulation is provided in Appendix A in Reference (Vilarrasa et al., 2010).
We assume that the medium behaves in a brittle manner and assess its stability by adopting the
Mohr-Coulomb failure criterion

7=c'+0, tang (3.6)
where 7 is the shear stress, 0,,' is the normal effective stress, ¢’ is cohesion, and ¢’ is the friction
angle.

We considered a 100 m-thick carbonate reservoir that is overlaid and underlain by a 50 m-thick
low-permeable formation (Figure 3.1). The top of the reservoir is placed at 1500 m. CO; is
injected through a vertical well, and, thus, the model is axisymmetric. The injection rate is of
0.25 Mt/year and injection is performed during 3 years. The model extends radially for 5 km. A
constant pressure equal to hydrostatic is imposed in the outer boundary. No displacement
perpendicular to the boundary is imposed on the lateral and lower boundaries, and a constant
overburden equal to 36.25 MPa is imposed on the top boundary. We considered a normal
faulting stress regime, with the vertical stress following a lithostatic stress of 25 MPa/km and the
horizontal total stresses equal to 0.65 times the vertical total stress. The model is assumed
isothermal, with a temperature of 60 °C, which corresponds to a surface temperature of 10.5 °C

and a geothermal gradient of 33 °C/km.
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Figure 3.1. Schematic representation of the model geometry and boundary and initial conditions.

The material properties were measured in the laboratory (see Section 3.3). While the properties
of the reservoir (Apulian limestone) are measured in this study (see Section 3.4 for results), the
properties of the caprock (Opalinus clay—1Jurassic shale from Switzerland) have been measured
in previous studies and are reported in Table 3.1. Due to nanoDarcy scale permeability, the
response of the caprock is assumed to be undrained during the time of injection (Vilarrasa et al.,
2016; Vilarrasa and Makhnenko, 2017). Given the relatively low permeability of the reservoir
(~10'°> m?, see Section 3.4), viscous forces dominate during the injection phase, which leads to a
plug-like advance of the CO» plume (Dentz and Tartakovsky, 2009; Vilarrasa et al., 2010). After
a 3-year injection period, the CO> plume reached a radius of 150 m. To assess the effect of the
property changes on the geomechanical response of the rock, we ran two models, one in which
the whole reservoir had the properties of the pristine material and another one in which the
cylinder of 150 m in radius around the injection well had the properties of the altered material as

a result of its interaction with CO,. We simulated this hydro-mechanical problem using the fully
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coupled finite element numerical code CODE BRIGHT (Olivella et al., 1996), which was

extended to be applied to CO; injection (Vilarrasa et al., 2013).

Table 3.1. Properties of the caprock representative—Opalinus clay (shale) (Vilarrasa et al., 2016;
Vilarrasa and Makhnenko, 2017).

Property Pristine Rock

Permeability, k [m?] 4 %1072
Porosity, ¢ [—] 0.12
Relative water permeability, kn [] S,9
Relative CO; permeability, & [—] S’
Gas entry pressure, po [MPa] 6.0
van Genuchten shape parameter m [—] 0.3
Undrained Young’s modulus, £ [GPa] 2.8
Undrained Poisson’s ratio, v, [-] 0.40
Cohesion, ¢’ [MPa] 5.0
Friction angle, ¢ [°] 24

3.3 Experimental Methods

3.3.1. Material

Apulian limestone (or Calcarenite) was selected for the laboratory study of CO: injection in
carbonate reservoirs because of the reported effect of aqueous fluids on its mechanical behavior
(Ciantia and Hueckel, 2013) and weak stress-dependence of its properties (Makhnenko and
Labuz, 2014). It is a glauconitic fossiliferous limestone, showing a pale orange to grayish color,
composed of mostly calcite (95-98%), with quartz, plagioclase, glauconite, and iron oxide. The
rock matrix is supported with allochems, which chiefly comprises fragmental calcitic
foraminifera that range from approximately 0.05 mm to 1 mm (rare) in maximum dimension and
are cemented with calcitic mud (micrite). The P-wave velocity varies just by 2% in different
directions (from 2.52 km/s to 2.57 km/s), meaning that the limestone is almost isotropic

(Makhnenko and Labuz, 2014).
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Rock interconnected porosity was measured by vacuum saturation technique and was found to be
0.35. This measurement was confirmed by mercury intrusion porosimetry test that provided not
only the volume of the accessible pores but also the retention (or capillary pressure) curve shown
in Figure 3.2. Suction was the difference between non-wetting and wetting fluid pressures.
Supercritical CO» retention curve for water-saturated Apulian limestone was calculated from its
pore size distribution by taking CO,—water contact angle in calcite to be 40° and interfacial
tension of 0.032 N/m (Espinoza and Santamarina, 2010). This allowed for the evaluation of CO»
entry pressure (0.02 MPa) and van Genuchten (1980) parameter m = 0.42. We assumed that this

parameter did not change after CO; treatment.

1.00 -

Suction [MPa]

0.10 -

0.01 -
0.0 0.2 0.4 0.6 0.8 1.0

Saturation [-]

Figure 3.2. Retention curves obtained from mercury intrusion porosimetry and calculated curve
that considers capillary properties of carbon dioxide (CO2) in water-saturated carbonate rock.
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3.3.2. Hydraulic Properties

The permeability was measured on limestone cores (50 mm in diameter and 100 mm long)
installed inside a core flooding device that was connected to three syringe pumps: one syringe
pump (70 MPa, SANCHEZ, Frépillon, France) for confining pressure applied with hydraulic oil
and two other syringe pumps (25 MPa, Teledyne ISCO, Lincoln, NE, USA) for upstream and
downstream pore water pressure control (Figure 3.3a). The confining pressure pump could be
operated in three different regimes: pressure control (50 kPa accuracy), volume control (0.2 mL
accuracy), and flow control (0.1% of setpoint). The pore water pressure pumps could be
controlled in two regimes: pressure control (25 kPa accuracy) and flow control (0.5% of
setpoint). The lateral stress (confining pressure) was the major principal stress in this setup,
while the axial stress was provided through a passive restraint (fixed platens) and calculated from
generalized Hooke’s law, gax = 2v g1s with v = Poisson’s ratio of rock. A steady-state flow was
implemented by assigning different pressures for upstream and downstream syringe pumps. Pure
deionized water with viscosity of 0.001 Pa-s was used in these experiments. Assuming that the
viscosity of pore fluid was constant (all tests were performed at T = 22 °C), and measuring the
inflow and outflow fluid pressure difference Ap, inflow and outflow fluid volumes (AV in
steady-state flow) during time step At¢, the intrinsic permeability (k) was calculated as:

k_,u-L-AV
A-At-Ap

(3.7)
where L and A are the length and cross-section area of the specimen, respectively. The flow
occurs in the horizontal direction, so the effect of gravity is disregarded.

To induce a two-phase flow in the specimen, another syringe pump (50 MPa, Teledyne ISCO,

USA) was connected in parallel with the upstream pore pressure pump. CO2 was injected in

liquid state (7 MPa, 22 °C, 7.7-107 Pas viscosity), just 1 MPa above the transition pressure
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between liquid and gaseous phases. Liquid CO> injection conditions are favorable to minimize
the injection cost and are usually encountered in CO> injection wells within the first 1-2 km
depth (Vilarrasa et al., 2013). The mean stress was preserved at 12 MPa, and the pore pressure
was 6.7 MPa (effective mean stress P’ = 5.3 MPa). The injected CO initially dissolved in water,
and additional CO> was subsequently injected. This procedure was repeated until saturation of
water with CO; was reached and the latter one started flowing as a separate fluid. The CO2 pump
and the upstream water pump were operated by flow control, and the fraction of the two fluids in
the two-phase flow could be represented by the ratio of the two flow rates of the two pumps. The
flow rates of the two pumps (upstream water—CQO;) were controlled as 5—0 mL/min, 4-1 mL/min,
2.5-2.5 mL/min, 1-4 mL/min, and 0—5 mL/min, where the sum of the two flow rates were
always constant and equal to 5 mL/min. Each pair of the flow rates represented the ratio of the
volume of two fluids in the two-phase flow (water : CO3), such as 100:0%, 80:20%, 50:50%,
20:80%, and 0:100%. The flow rates 5-0 mL/min and 0—5 mL/min were related to one-phase
flow and measurements of permeability (k) for water (e« = w) and COz (a = ¢), respectively.

_ My L-AV,
" k-A-At-Ap,

(3.8)
Here AV, is the change of the volume of a-phase in the syringe pump, and Ap, is the pressure
difference between the a-phase and the downstream pressure. Ap,, is changing at the beginning of
injection and then reaches a constant value, so the relative permeability is reported for steady
flow. For this study, the intrinsic permeability and relative permeability curves of water and CO»
were measured for pristine and CO» treated specimens. For the pristine specimens, the conducted

tests should be short term (a couple of hours), such that the influence of the acidic CO>—water

mixture on limestone does not affect the results of relative and absolute permeability tests.
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Figure 3.3. Experimental setup: (a) core flooding device for CO; treatment and permeability
measurements on cylindrical (50 mm in diameter and 100 mm long) specimens and (b)
cylindrical specimen (50x100 mm) with instrumented Linear Variable Differential Transformers
(LVDTs) and pore pressure lines that is tested in 3.5 MPa GDS triaxial cell.

3.3.3. CO: Saturation and Treatment

Proper assessment of relative permeability required evaluation of the degree of saturation of two
fluids, water and CO», during the relative permeability tests. Recent studies on relative CO>
permeability are based on the calculation of water and CO» saturation using X-ray computed
tomography (CT) scanning (Bennion and Bachu, 2008; Krevor et al., 2012; Andrew et al., 2014;
Huo and Benson, 2016). Here, we propose a method to calculate the saturation of water and CO>
from the changes in (undrained) mechanical response of the rock during the injection of the
second fluid.

During the relative permeability tests, two fluids were continuously injected at a constant flow

rate until their pressures reached equilibrium. After measuring relative permeability, the valves
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on the upstream and downstream channels were closed simultaneously, setting the specimen in
an undrained (no flow) condition. For the core flooding device, the increment in confining
pressure was not equal to the mean stress like it would be in a conventional triaxial apparatus.
Specimen deformation was limited in the axial direction (¢, = 0), and from generalized Hooke’s
law, the change in the mean stress could be expressed as AP = (2 + 2v,)Adw/3, where v, is the
undrained Poisson’s ratio of rock, since the specimen was deforming under the undrained
condition. The Skempton’s B coefficient (Skempton, 1954) was then measured by recording the

change in pore pressure (Ap) caused by the increase in the mean stress (AP).

&9
B - K, (3.9)

E—C K 1 1
Ap o 1_ ! +¢K - "
K, K, K

s

The effect of pore water lines that connect pressure transducers to the specimen (Figure 3.3a)
was taken into account through the correction factor Cc.- (Bishop, 1976), which appeared to be
very small for core flooding device (0.5%1072), so the applied correction was within the accuracy
of our B measurements (+0.005). As shown in Equation (3.9), Skempton’s B coefficient can also
be expressed through poroelastic parameters (Detournay and Cheng, 1993), where K is the
drained bulk modulus, K’ is the unjacketed bulk modulus, K" is the unjacketed pore modulus,
and Kris the bulk modulus of the saturating fluid (K., = 2.3 GPa for water). Since the fluid in the
pores consists of water and COg, its bulk modulus Ky depends on the degree of saturation. For
each test stage that involved differential flows of water and CO», a sufficient amount of fluid (a
few pore volumes) needed to be flushed through the specimen to guarantee that the outflow fluid
had the same ratio of fluid phases. Subsequently, the residual degree of saturation of water and

COz could be measured. If all poromechanical parameters and correction factors are known, Ky
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can be calculated for the mixture of two fluids (Kuix). The bulk modulus of liquid CO», K. is
calculated from the knowledge of its density and P-wave velocity (p. = 769.3 kg/m? V. = 302.1

m/s) at testing conditions, 7= 22 °C and p = 7 MPa (Achenbach, 1984)

K =pV >=0.070 GPa (3.10)

e pe
At each stage of relative permeability test, the bulk modulus of the mixed fluid Kuix (=K7) can be
calculated from Equation (3.9). Then, knowing the bulk modulus of water and CO., the
corresponding degree of water saturation S, can be obtained from Wood’s formula (Wood, 1955)

1

S, 1-8,
=4
K, K K

mix c

(3.11)

Carbonate reservoirs are reported to react with the injected CO2 when it mixes with the aqueous
pore fluid. In this study, after measuring the properties of pristine specimen, such as porosity,
intrinsic permeability, relative permeability, and Skempton’s B coefficient, we injected CO: in
the specimen and treated it for three days (72 h). High porous, weakly-bonded Apulian limestone
seemed to be quickly affected by acidic water-CO; mixture when left under the condition of no
outward flow. It was observed that the pressure of the mixture of CO> and water had a tendency
to decrease towards the boundary of the liquid state with gas state (~6 MPa at 22 °C). Therefore,
the upstream CO> pressure was controlled by the CO2 pump to preserve it at 7 MPa. After CO»
treatment, we flushed the specimen with water and periodically emptied the downstream pump
until no CO; was left in the downstream fluid. Additionally, we released the pore pressure in the
specimen to get rid of the trapped CO> and then fully saturated the specimen with only water.
After that, we repeated the relative permeability tests for the CO: treated specimen for

comparison.
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3.3.4. Geomechanical Properties

The elastic and strength properties of Apulian limestone were measured within 3.5 MPa Global
Digital Systems (GDS) triaxial cell that allowed testing of 50 mm in diameter and 90—110 mm
long soil and rock cores. Three 3.5 MPa pressure pumps provided the control of the confining
pressure and input and output pore pressures. The pumps could work in either pressure (1 kPa
accuracy) or volume control (1 mm?® accuracy) regimes. The triaxial cell was fixed on the bottom
piston inside the 50 kN load frame and axial load was applied by the passive restraint on the top
of the frame through the movement of the piston (Figure 3.3b). Two additional pore pressure
transducers were installed at the input and output pore pressure lines to provide measurements of
the upstream and downstream pore pressure in flow and undrained mechanical tests.
Measurements of axial and lateral specimen deformation were conducted by attaching the set of
three Linear Variable Differential Transformers (LVDTs), two axial and one lateral, to the
rubber membrane (1 mm thick) around the specimen (Figure 3.3b).

Constant Terzaghi effective mean stress, P'= P — p = 1 MPa, was applied by preserving the same
difference between the mean stress (=confining pressure) and pore pressure. For all
geomechanical experiments, the specimens were fully saturated with water. Water saturation was
achieved by a back pressure saturation technique. Initially, water was flushed through the
specimen until the outlet fluid volume equalized with the injected (inlet) volume. The outlet
valve was then closed and pore (back) pressure was gradually increased while preserving the
effective mean stress constant. At each stage of injection, Skempton’s B coefficient was
measured. The back pressure saturation procedure was stopped when the measured B-value

became constant (Makhnenko and Labuz, 2016). After that, the permeability of the specimen
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was measured from Equation (3.7) when the steady-state flow through the specimen was
established.

The drained condition was developed by imposing a constant pressure on the pressure controllers
connected to the specimen. The elastic parameters, such as Young’s modulus (£) and Poisson’s
ratio (v), were measured during the application of axial load with the axial strain rate equal to
107/s. The LVDTs attached to the specimen provide the calculation of axial and lateral strains.
The slope of the linear (elastic) part of axial stress—axial strain curve provided the value of
Young’s modulus (£). The relationship between the axial and (negative) lateral strains allowed
for the calculation of Poisson’s ratio (v). If the axial loading was continued until reaching the
peak load, the strength characteristics of the rock were evaluated. Performing strength tests at
different effective lateral stresses and obtaining a few data points for axial stress at failure,
provided the evaluation of the strength characteristics of rock, e.g., cohesion ¢’ and friction angle
¢' if Mohr-Coulomb failure criterion is adopted (Equation 3.6) with 7 = (6ux — 01x)/2 and o,' =
(0ax + 01a1)/2. After the strength test, every specimen was trimmed to a cylindrical shape with a
known volume and vacuum saturation method was applied to measure the porosity of treated

rock.

3.4 Results

We measured the intrinsic and relative permeability, poroelastic properties, and strength
properties of Apulian limestone on six pristine and four CO» treated specimens. The elastic
properties and permeability of the pristine specimens were consistent between all the specimens
and have little stress dependence, so we reported them only for one test (Calc-0). CO, treated

specimens (Calc-1 to Calc-4) have some variation in their properties (Table 3.2).
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3.4.1. Permeability and Porosity

Permeability and porosity were measured for pristine and CO» treated Apulian limestone. While
pristine specimens had an intrinsic permeability of 9 x 10715 m? at P'= 1 MPa, the CO treated
rock showed a decrease in permeability to 56 x 10715 m?. This decrease in permeability may be
related to the observed porosity variation, which was reduced from 0.35 to 0.34 when specimens
were treated with CO». Additionally, porosity measurements on 10 mm thick discs cuts from the
upstream and downstream ends of the specimen were performed for specimens Calc-3 and Calc-
4. The results showed that the porosity for the upstream part was 0.37-0.38, whereas the

downstream part porosity was 0.28—0.30.

Table 3.2. Properties of pristine and carbon dioxide (CO») treated Apulian limestone.

Pristine | CO,-Treated
Calc-0 Calc-1 Calc-2 Calc-3 Calc-4
Min. principal stress,
o1 [MPa] 2.0 3.5 3.5 3.5 3.5
Pore pressure p/,
[MPal 1.8 34 2.0 0.5 1.0
Permeability, k [m’] 15 15 15 15 15
(at P’ = 1 MPa) 9x10 3.5x10 5.1x10 5.6 x10 5.8 %10
Porosity, ¢ [] 0.35 0.34 0.34 0.32 0.34
Young’s modulus, £
(GPal 7.1 3.4 4.4 4.7 4.5
Poisson’s ratio, v [] 0.25 - - 0.25 0.25
Max. principal stress
at failure, G, [MPal] 15.6 7.7 10.7 12.5 12.6

3.4.2. Relative Permeability and Saturation

Results of the relative permeability tests were plotted as a function of the degree of saturation
evaluated from compressibility of pore fluid K; (Equation 3.11). Ky is calculated from the

measurements of Skempton’s B coefficient and knowledge of poroelastic properties from
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Equation (3.9) (see Section 3.4 ¢). For 100% water saturation, Skempton’s B coefficient is equal
to 0.55. As the portion of CO; in the two-phase flow increased, the B coefficient decreased
significantly, giving values of 0.18 (water: CO = 80:20), 0.13 (water: CO2 = 50:50), 0.10 (water:
CO2 = 20:80), and decreasing down to 0.06 (water: CO2 = 0:100) for pure CO> flow. These tests
were performed under Terzaghi effective mean stress equal to P'= 5 MPa. For pristine Apulian
limestone, the relative permeability of water decreased from 1 to 0 for a reduction in the water
saturation from 1.0 to 0.39 (Figure 3.4a). The relative permeability of CO> increased with the
decrease in water saturation, but the increase rate of the relative permeability to CO2 was much
smaller, reaching only a value of approximately 0.1. For CO> treated limestone, the change in
relative CO> permeability was insignificant (Figure 3.4b). However, the relative water
permeability turned from a quadratic to a quasi-linear function of water saturation degree.
Additionally, the maximum degree of CO; saturation increased from 0.61 to 0.66 in CO»-treated
limestone. We acknowledge that an even higher degree of CO» saturation could be achieved if
the controllers with higher maximum flow rates are used.

The obtained relative permeability curves are fitted as power-law functions of the degree of
saturation, similarly to the Brooks—Corey model (Brooks and Corey, 1964).

k. =(S)" and k,_ =(1-5,)" (3.12)
where, S. is the saturation parameter from Equation (3.4), and N, and N. are the exponent
coefficients for water and CO», respectively. Note that Nw value for Apulian limestone changes

from 2.1 to 1.2 after CO» treatment (Figure 3.4).
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Figure 3.4. Relative permeability curves and fitting with the Brooks—Corey model for Apulian

Water saturation, S, [-]

(b)

limestone: (a) pristine specimen and (b) CO> treated specimen.

3.4.3. Geomechanical Properties

Conventional triaxial tests were conducted on both pristine and CO» treated Apulian limestone

and the results of the experiments conducted at o1’ = 2.5 MPa are shown in Figure 4.5. Young's

modulus £ decreased from 7.1 GPa to 4.5 GPa and also the deviatoric stress (=axial stress—lateral

stress) at failure decreased from 17.1 MPa to 9.2 MPa after CO; treatment. Measurements of
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Poisson’s ratio with lateral LVDT displacement were not successful on treated specimens, so it
was evaluated for specimens Calc-3 and Calc-4 from the ultrasonic wave velocity (“dynamic™)
measurements. P- and S-wave velocities (cp, ¢s) measured before (2.55 km/s, 1.46 km/s) and after
(2.38 km/s, 1.40 km/s) treatment show that Young’s modulus decreased by 20%, but Poisson’s
ratio presents little changes due to CO» injection, so the constant value, v=0.25, was used in the
numerical model (Table 3.3). Obviously, the inhomogeneity of pore space distribution caused by
injection may produce local changes in Poisson’s ratio that need to be assessed from local strain
measurements. Undrained Poisson’s ratio vu was calculated from poroelastic relationship
(Detournay and Cheng, 1993) to be 0.36. The bulk modulus K = 4.7 GPa for pristine rock and
3.0 GPa for treated limestone. K' of pristine rock was measured to be 42.9 GPa (Makhnenko and
Labuz, 2014). Here, we assumed that the solid bulk properties of the rock did not change after
treatment, so K,' remains the same. Additionally, since Apulian limestone is a monomineralic
rock, it is assumed that K'= K;". The strength tests provided the cohesion of pristine rock as ¢'=
5.6 MPa and the friction angle as ¢' = 21°. After CO, treatment, both the cohesion and friction

angle decreased to ¢'= 3.0 MPa and ¢'= 14°, respectively (Figure 3.6).
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Figure 3.5. Effect of CO; injection on the geomechanical response of Apulian limestone tested in
conventional triaxial compression at o3'= 2.5 MPa.
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Figure 3.6. Failure envelopes for pristine and CO> treated Apulian limestone.
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Table 3.3. Properties of pristine and CO» treated Apulian limestone.

Property Pristine Rock | CO»-Treated Rock

Permeability, k [m?] 9x 1071 5-6 x 10713
Porosity, ¢ [] 0.35 0.34
Relative water permeability, knv [—] Sy*! S'?
Relative CO» permeability, k. [] S0 S>3
Gas entry pressure, po [MPa] 0.02 0.02
van Genuchten shape parameter m [—] 0.42 0.42
Young’s modulus, £ [GPa] 7.1 4.4
Poisson ratio, v [] 0.25 0.25
Cohesion, ¢’ [MPa] 5.6 3.0
Friction angle, ¢’ [°] 21 14

3.4.4. Numerical Results

The changes in Apulian limestone properties as a result of interaction with CO> affect the hydro-
mechanical response of the reservoir-caprock system. Even though laboratory measurements
were not performed at representative conditions, they still can be used for the demonstration of
CO2 injection effect on carbonate reservoirs, especially considering weak stress-dependence of
Apulian limestone properties (Makhnenko and Labuz, 2014).

On the one hand, the CO; plume dynamics and pore pressure evolution were slightly affected by
the skin effect that results from the local reduction in permeability occuring within the CO»
plume. This permeability reduction around the injection well caused a higher pressure buildup
that lead to a slightly steeper CO»-brine interface at early times of injection (during the first few
months). Nevertheless, since the permeability reduction was local, the effective permeability of
the reservoir became equal to that of the intact rock in the long term (Meier et al., 1998). Thus,
pressure buildup eventually became the same as if there were no local permeability reduction
around the injection well (Butler, 1988; Vilarrasa et al., 2011), leading to a practically identical
CO2 plume shape after 3 years of injection (Figure 3.7). The long-term pressure buildup at the

injection well was 4.3 MPa. On the other hand, contrary to the transient effect of the change in
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the hydraulic properties of the reservoir within the CO»> plume, the effect of the changes in the

geomechanical properties is permanent.
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Figure 3.7. CO plume after 3 years of injection presenting a subvertical CO»-brine boundary 150
m away from the injection well.

Figure 3.8 shows the changes in reservoir and caprock stability, in terms of mobilized friction
angle, with distance to the injection well. The mobilized friction angle is the angle of the tangent
to the Mohr’s circle, considering that there is no cohesion. Rock stability was clearly affected by
the changes in Apulian limestone stiffness within the CO, plume, which extended laterally for
150 m after 3 years of injection. These changes were caused by the limestone becoming softer
while interacting with CO,. As a result, the rock within the CO, plume expanded more in
response to pressure buildup, than the rock outside the plume. However, the expansion of the
rock within the CO> plume was highly constrained laterally by the stiffer rock around it. This
constraint on deformation lead to a higher increase in the horizontal total stresses than in the case
where the reservoir was homogeneous. Additionally, to satisfy equilibrium of stresses, an
increase in the vertical stress occurred within the zone affected by CO> plume, especially at the

COz»-brine interface, where shear stresses concentrate as a result of the stiffness contrast between
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the altered and intact rock. These stress changes caused a slight rotation of the stress tensor in the
vicinity of the CO»-brine interface. As for the effect on the stability within the reservoir, the
stress changes that occurred within the altered rock inside the CO> plume caused a lower
decrease in stability than when no changes in the geomechanical properties were accounted for.

The situation in the caprock was reversed, leading to a higher decrease in stability above the CO»
plume when the changes in the geomechanical properties were accounted for. This is a
consequence of the stress redistribution that occurred as a result of the increase in the vertical
stress within the CO; plume to satisfy stress equilibrium. Since the overburden is constant, the
increase in the vertical stress inside the CO»> plume caused a decrease in the horizontal stresses
outside it. This geomechanical response is analogous to the one that takes place when cooling

occurs around the injection well, but with the opposite sign (Vilarrasa et al., 2013).
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Figure 3.8. Changes in mobilized friction angle along the radial distance in the middle of the
reservoir (continuous lines) and in the caprock, 10 m above the reservoir-caprock interface
(dashed lines) for pristine and altered rock after 3 years of CO; injection.
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The described stress changes can be represented by Mohr’s circles (Figure 3.9). In the reservoir
(Figure 3.9a), the initial stress state is far from failure conditions. This state of stress is displaced
towards the left during injection as a result of pressure buildup. However, the Mohr’s circle also
experiences a decrease in its size because of the poromechanical response of the rock (pore
pressure increase), which induces an increase in the horizontal total stress. If the changes in
Apulian limestone properties due interaction with CO; are also accounted for, the horizontal total
stresses undergo a higher increase and the vertical total stress also increases. These changes
slightly shift the Mohr’s circle to the right and reduce its size, leading to a lower decrease in
stability. However, interaction with CO; also decreases the strength of the limestone. As a result,
the failure envelope of the altered limestone approaches the Mohr’s circle, which may lead to
failure conditions depending on the initial stress state and induced pressure buildup.

Considering the caprock (Figure 3.9b), the pore pressure slightly dropped as a result of the
caprock deformation induced by the expansion of the reservoir, displacing the Mohr’s circle to
the right. The expansion of the reservoir caused an increase in the volumetric strain of the
caprock, and since the caprock permeability was extremely low and fluid flow was negligible,
the fluid within the pores of the caprock was accommodated in a larger volume, which resulted
in a slight pressure drop (Vilarrasa et al., 2013). This phenomenon is known as the reverse-water
level fluctuation (Hsieh, 1996). Additionally, the horizontal total stresses decreased in the
caprock, leading to an increase in the size of the Mohr’s circle. As a result, caprock stability
slightly decreased but not dramatically, since the strength of the caprock is not affected due to
the inability of CO; to penetrate into it at considered overpressures (Vilarrasa and Makhnenko,

2017).
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Figure 3.9. Mohr’s circles 50 m away from the injection well (a) in the middle of the reservoir
and (b) 10 m above the reservoir-caprock interface, showing the initial stress of state and the
resulting stress of state after 3 years of injection when considering (altered rock) and not
considering (pristine rock) changes in the reservoir properties as a result of geochemical
reactions.

3.5. Discussion

In this study, comprehensive experimental testing was conducted to assess hydraulic, poroelastic,
and failure properties of Apulian limestone (calcarenite). In particular, relative permeability
considering two-phase flow of water and CO, was measured. For all these measurements, the
experimental procedures were performed for both pristine and CO; treated limestone to evaluate
the influence of CO»> injection on mechanical and hydraulic properties. Given the low strength of
the material, it is less likely to be chosen as the host formation for deep geological storage. This
study can be seen, though, as a demonstration of a strong effect of CO; injection on carbonate-
rich rock. Low shear strength, almost pure calcite framework, and large specific surface area of
the pores allow for quick (within a few days) observations of the deterioration in rock properties.
The choice of boundary conditions for the tests was dictated by linearity of material response
within the elastic range, so high pressures were avoided.

Pure deionized water was used to saturate the specimens and, in general, its use can trigger

chemical reactions and affect measurements of permeability and drained properties (Gouze et al.,
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2017). Here, the saturation of specimens with water was performed for at least 2-3 days and this
period of time has been observed to be enough to establish chemical equilibrium between the
pore fluid and carbonate rock (Gouze et al., 2017). This observation is confirmed by the constant
values of rock permeability obtained during the repetitive measurements. Saline water that would
represent the in-situ fluid for deep carbonate aquifers was not used because possible effects of
salt precipitation and evaporation are involved and could not be captured by the model, even
though we recognize that these effects may influence the evolution of rock’s petrophysical
properties.

COz injection produced change in mean porosity within 1%, indicating that the mass balance was
fairly followed in the experiment. Some dissolved calcite may remain in an aqueous state
(Ciantia et al., 2015), and may have induced 1% error to the total porosity. Therefore, mean
porosity of the specimens can be considered to be practically constant after CO» treatment, but
permeability decreased by a factor of two as a result of CO,—rock interaction. Luquot and Gouze
(2009) observed that CO»-rich brine reacts with calcite, dissolving it and leading to an increase in
permeability, especially near an injection well, while the macroscopic porosity was just
moderately affected. It should be noted that in this study, the CO; treatment procedure was
conducted by establishing an undrained condition, whereas Luquot and Gouze (2009)
continuously injected brine with dissolved CO». This means that here, CO> was injected through
the upstream, but during the CO; treatment process, it did not flow throughout to the downstream
pump basically being trapped in the specimen. Porosity measurements for the upstream and
downstream part of the specimen differed, showing a porosity increase upstream and decrease
downstream. This difference suggests that calcite dissolution occurred upstream, and

precipitation of carbonates took place downstream, where it was undrained. In addition to this
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qualitative analysis, a further detailed study will be conducted in the future to identify the
dissolution/precipitation patterns.

CO> treatment of Apulian limestone causes changes in the relative permeability. The main
change is that the exponent of the relative permeability to water varies from quadratic to quasi-
linear after CO, treatment. This implies that for a given saturation degree, the relative
permeability to water becomes higher after CO, treatment. This effect is considered to have
implications for long-term CO; injection (Gouze et al., 2017) and highlights that predictive
simulations of industrial-scale CO> storage should incorporate the change in relative
permeability.

Drained conventional triaxial compression tests showed that CO» treatment tends to decrease the
strength of Apulian limestone. The strength parameters decrease significantly (cohesion by a
factor of 2, friction angle by a factor of 1.5), highlighting the importance of considering these
chemo-mechanical changes when evaluating the stability of the reservoir. In addition, changes in
the stress—strain curve indicate that the CO; treatment makes carbonate rock a more ductile
material compared to pristine limestone. Therefore, for low-stress conditions, more deformation
may be expected for post-treated rock.

These changes in hydro-mechanical properties induced by geochemical reactions affect the
response of the reservoir-caprock system to CO: injection. Simulation results show that the
portion of the reservoir that has been affected by COx-rock interactions alter both the two-phase
flow dynamics and the geomechanical response of the rock. While the changes in the hydraulic
properties are transient, the geomechanical response is permanent. The stiffness contrast between
the pristine and CO» treated portion of the reservoir causes differential deformation that results in

stress redistribution that improves stability in the reservoir, but worsens it in the caprock, in
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comparison with the case in which no changes in the geomechanical properties are considered.
Nevertheless, the changes in stability are minor and limited to a few degrees in the mobilized
friction coefficient. What may really compromise reservoir stability is the reduction in the
limestone strength after being exposed to CO,. Geochemical reactions bring the failure envelope
close to the effective stress state, which could induce shear failure depending on the initial stress
state and injection conditions, i.e., injection pressure and temperature. If shear failure occurs,
shear slip of fractures or creation of new fractures may occur, inducing microseismic events. If
failure is local, around the injection well, sheared fractures will enhance injectivity. Such
enhancement would be beneficial for storage operations, especially if caprock stability is not
compromised, as it is the case of the modeled scenario. These simulation results show the
importance of accounting for chemo-mechanical couplings to assess caprock integrity and the

geomechanical response of carbonate storage formations to CO; injection.

3.6. Conclusions

We have measured in the laboratory the effect of geochemical reactions induced by CO:
injection on hydraulic and geomechanical properties of water-saturated Apulian limestone
(calcarenite) and evaluated the implications of these property changes at the field scale through
numerical simulations. CO>-rock interactions cause calcite dissolution where CO> injection
occurs, i.e., upstream of the specimens, but leads to carbonate precipitation downstream, which
has been set as undrained. This dissolution/precipitation pattern resulted in a slight porosity
decrease, but a permeability reduction by a factor of two. The relative permeability curves were
also affected, especially the one of water, which changed from being quadratic to being quasi-

linear with the water saturation degree. CO; treatment induced a reduction in the stiffness and
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strength of the limestone. Accounting for these property changes in numerical simulations at the
industrial scale leads to stress redistribution within the CO> plume altered rock. This stress
redistribution reduces caprock stability comparing with the case in which rock properties are

considered to remain unaltered by CO>—rock interaction.
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CHAPTER 4: CHANGES IN ROCK MATRIX COMPRESSIBILITY DURING DEEP
CO: STORAGE

Based on a manuscript published in Greenhouse Gases: Science and Technology

Kim, K., Makhnenko, R.Y. (2021) Changes in rock matrix compressibility during deep CO>
storage. Greenhouse Gases: Science and Technology. 11(5): 954-73.

Abstract

Geologic carbon storage projects aim to permanently trap large volumes of CO> in reservoir rock
sealed with low permeability layers. As high-pressure supercritical or liquid CO; is injected,
hydromechanical and chemical processes caused by the reaction between the rock and acidic
mixture of brine and CO» are initiated. The compressibility of reservoir rock needs to be properly
characterized in order to assess the deformation and stability of the host formations, and there are
a number of factors to be considered, including the matrix structure, solid, pores, and fluid. This
study triggers from a fundamental question of whether CO; treatment affects the compressibility
of the rock matrix and its dominant composing solid minerals. Three different reservoir
representatives are selected: Berea sandstone for silica-rich rock, and Apulian limestone and
Indiana limestone for calcite-rich rock. Quartz and calcite are the main composing minerals of
the reservoir rock, and their crystals are separately examined. Experimental methods are
introduced for high-pressure CO> treatment of water-saturated materials, and measurements of
the unjacketed and solid compressibilities are conducted. No change in the solid compressibility
of the sandstone and quartz after CO> treatment is observed, whereas it increases by 18-21% for

the limestones and by 15% for calcite. The latter observation is inconsistent with the ultrasonic
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wave velocities measurements and is believed to be due to the local dissolution of the calcite
crystal surface. The results show that only the solid matrix of the limestones becomes more
compressible after CO» treatment. Consequent microimaging and mercury intrusion porosimetry
analyses allowed observations of dissolution and precipitation of calcite, and new connected and
non-connected pores, respectively. Finally, the changes in limestone solid compressibilities and
pore structure could significantly affect the rock properties and behavior during and after CO»

injection and should be accounted for in the reservoir models.

4.1. Introduction

The increasing global demand for energy has been elevating the inevitable consumption of fossil
fuels that generates an enormous amount of greenhouse gases such as CO; (IEA,2015). The
emission of these byproducts into the atmosphere has been reported for their negative effects on
the environment, particularly focused on the climate change (Metz et al., 2005). As an effort to
reduce the atmospheric emission of the anthropogenic CO», geologic carbon storage (GCS) has
been introduced as a promising method by permanently isolating CO; in the subsurface
reservoirs (Bachu, 2000). The reservoirs should be relatively highly porous and permeable and
be confined by the low-permeable sealing layers on the top (caprock) and bottom (basement
rock) to permanently trap the CO> underground (Vilarrasa et al., 2019).

As high-pressure CO: is injected into the reservoir, usually in the liquid or supercritical state, it
induces the changes of the stress state, pore pressure, and temperature (Johnson et al., 2004).
These coupled processes result in the deformation of the host formation and may affect its
compressibility (McLatchie et al., 1957; Makhnenko and Labuz, 2016). The deformation of

porous media is dependent on the compressibilities of its elements, such as the bulk framework,
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pores, solid matrix, and pore fluid (Biot and Willis, 1957; Wang, 2000). Therefore, evaluation of
these parameters becomes essential for successful implementation of geo-engineering projects.

For porous rock, the compressibility of the rock matrix is peculiarly important, since it solely
provides an understanding of the volume response of the rock frame (Tarokh and Makhnenko
2019). This pressure-independent material property can be measured under the unjacketed
boundary condition, where the change in the total mean stress P is equal to the change in the
pore pressure p/ (AP = Ap/) (Detournay and Cheng, 1993). With the measurements of the volume

response, the unjacketed bulk modulus K’ can be defined as:

s
KS’ = V Ap

AV 4.1)

Ap‘f:AP
where V is the volume of the representative element volume. Also, for the solid components of

the porous rock occupying the volume Vj, the bulk modulus K can be written as:

(4.2)

Ideal porous medium is introduced as a microscopically isotropic and homogeneous material
with all the pore spaces interconnected (Gassmann, 1951). Considering that a porous medium
consists of solid grains that form the rock matrix, these two components deform in an identical
proportion, thus resulting in equal bulk responses (Ks = K;") (Cheng, 2016). However, the bulk
moduli of the solid and the matrix can differ under conditions where the material is
microscopically inhomogeneous (e.g., consisting of several minerals with different
compressibilities) or contains non-connected or occluded pores (Tarokh and Makhnenko 2019).
Additionally, while it was sometimes reported that the unjacketed bulk modulus could be a

function of applied stress (Blocher et al., 2014; Ingraham et al., 2017; Pimienta et al., 2017), it is
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generally accepted that if the tested rock is fully saturated and the appropriate diffusion times for
pore fluid pressure are considered, K" should not depend on the level of the applied total and
effective mean stress (Zisman, 1933; Nur, 1971; Fabre and Gustkiewicz, 1997; Tarokh and
Makhnenko 2019).

Besides the poroelastic response, a chemical interaction between the rock, brine, and CO2 may
occur, which has long been generating a considerable interest for researchers related to its effect
on the hydromechanical behavior of geomaterials. The geological formations targeted for GCS
are usually deep saline aquifers with capacities of thousands of megatons that are mostly
composed of silica-rich (sandstone) or calcite-rich (dolomite and limestone) rock (IPCC, 2005).
The previous laboratory studies on the effect of CO, treatment on reservoir rock were usually
limited in time (days to weeks) and mainly focused on observing and describing carbonate
dissolution (Rohmer and Seyedi, 2010; Ilgen et al., 2019; Vilarrasa et al., 2019). A number of
measurements of geomechanical properties and the ultrasonic wave velocities showed that for
carbonate-rich rock, the acidic mixture of CO2 and brine would affect the internal structure in
terms of strength and compressibility, also increasing the materials’ porosity and permeability
(Le Guen et al., 2007; Luquot and Gouze, 2009; Bemer and Lombard, 2010; Alam et al., 2014;
Rohmer et al., 2016; Kim et al., 2018). Some other tests reported minor influences on rock
properties due to the carbonate buffering effect on the pH — dissolved calcite in positively
charged pore fluid that stabilized its acidity (Sterpenich et al., 2009; Grgic, 2011). Many studies
on silica-rich rock also rindicated minor to no effect on compressibility and porosity when scCO»
or CO»-rich water were injected (Rimmelé et al., 2010; Hangx et al., 2013; Choens et al., 2020;
Tarokh et al., 2020). However, there were examples of (mainly carbonate-cemented) sandstones

where the material properties altered (Lamy-Chappuis et al., 2016; Aman et al., 2017) or
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enhanced (Yasuhara et al., 2017) after the CO» treatment. The mineralogical composition and
testing conditions influenced the results of CO; treatment and showed that these could
significantly differ from those observed in the field considering the time and length scales of
large-scale projects (Ilgen et al., 2019).

Understanding the effect of chemical reactions on the solid mineral properties could also be
essential for the assessment of the impact of CO; treatment. Putnis (2002; 2009) came to a
conclusion that the mineral replacement reaction mechanisms are ruled by the equilibrium
energy, and the re-equilibrium induces dissolution or precipitation. Moreover, it was shown that
the reaction highly depends on the existence of the fluid phase with free energy. Nakamura and
Watson (1981) introduced the recrystallization and coarsening of minerals with silica-saturated
fluid by adopting the dissolution-precipitation mechanism. The study showed that a new porosity
can be generated by dissolution of silica in the fluid phase, and that it highly depends on its
pressure and temperature. The dissolution and precipitation on calcite surfaces from calcareous
solutions involve the CO»-water system and can be characterized by rate-dependent processes for
the conversion of CO; into HCOs, that are a function of CO> pressure, temperature, and pH
(Plummer et al., 1979). Plummer et al. (1978) conducted various experiments on the dissolution
of calcite and presented that under constant CO» pressure and temperature, the dissolution rate
decreased gradually until it reached equilibrium and the pH of the fluid became constant.

Several studies were conducted on assessing the compressibility of the minerals constituting the
reservoir rock (Adams and Williamson, 1923; Bridgman, 1923; Bridgman, 1925; Anderson and
Liebermann, 1966; McSkimin, 1965; Kaga, 1968; Redfern and Angel, 1999; Mavko et al., 2009).
Bridgman (1923) proposed a method to measure the deformation of solid minerals by applying

hydrostatic pressure to the specimens in the piston-cylinder apparatus. The bulk moduli for
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quartz and calcite were calculated as 35.7 GPa and 75.2 GPa, respectively (Bridgman, 1925).
Advanced technologies provided innovative methods to measure the compressibilities of these
minerals, using dynamic ultrasonic waves or X-ray diffraction(Anderson and Liebermann, 1966).
McSkimin et al. (1965) reported the ultrasonic wave velocities of single-crystal quartz adopting
the pulse superposition method and calculated the bulk modulus as 37.1 GPa. Kaga (1968)
utilized the improved pulse-superposition method for sound velocities and evaluated the bulk
modulus of calcite as 71.6 GPa at room temperature. The mechanical response of calcite at
elevated pressures was also studied by Redfern and Angel (1999) with the X-ray diffraction
technique, reporting the bulk modulus as 73.5 GPa from the linear and volume compressibilities.
In summary, the bulk moduli for quartz and calcite are reported to be 37 GPa and 64-77 GPa,
respectively, and they are generally recognized as material properties that are assumed to be
constant (Hart and Wang, 1995; Mavko et al., 2009; Hart and Wang, 2010).

An essential question then arises on how the compressibilities of the rock matrix and the
composing minerals are affected by CO: injection into water-saturated media. In this study, we
measure the compressibilities of water-saturated reservoir rocks and their constituent solid
minerals with different approaches to observe the influence of CO; treatment. Berea sandstone,
Apulian limestone, and Indiana limestone are selected as the representative reservoir materials,
while quartz and calcite crystals are tested as the dominant minerals forming sandstones and
limestones, respectively (Figure 4.1). Hydrostatic compression tests are conducted to
characterize the bulk response of the rocks and minerals, P- and S-wave velocities are measured
to observe the dynamic material properties, and by using the environmental scanning electron
microscope (ESEM), high-resolution images of the reservoir rock and the composing solid

minerals are obtained for both pristine and CO; treated samples. Also, changes in the pore
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structure of the rocks are accurately examined using the mercury intrusion porosimetry (MIP)

technique.

Caprock

Co,
Injection

Sandstone Calcite

Reservoir

 brine saturated i
Baserock Carbon'ate

Figure 4.1. Schematic illustration of the geologic carbon storage system (GCS) and the types of
reservoir rocks with their dominantly composing minerals.
4.2. Experimental methods
4.2.1. Material
Sandstone (silica-rich rock) and limestone (carbonate-rich rock) are the two common types of
sedimentary formations that can possibly serve as the reservoir material for CO; storage. In this
study, three different rock formations are considered: Berea sandstone, Apulian limestone, and
Indiana limestone.
Berea sandstone is a light gray colored, fine-grained sandstone, formed in the late Devonian
period. Located between the Bedford/Ohio shale and Sunbury shale, Berea sandstone served as a
host rock for oil and natural gas (Collins, 1979) with the permeability reported to be on the order
of 10> m? (Tarokh et al., 2020). The material tested is mainly composed of quartz (~85%), with

small inclusions of kaolinite, K-feldspar, and muscovite.
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Apulian limestone is a pale orange-colored, glauconitic fossiliferous limestone that consists of
mostly calcite (95-98%), with minor portions of plagioclase, glauconite, and iron oxide.
Allochems, which are fragmental calcitic foraminifera in the size of 0.05-1 mm, support the
matrix of the limestone with cementation of calcitic mud (micrite). The permeability is measured
to be on the order of 107> m? (Kim et al., 2018).

Indiana limestone is a gray and buff-colored, Mississippian age rock. Like most of the
limestones, it is dominantly formed with calcite (97%), with small traces of quartz, aluminum
oxide, and sulfur. Its permeability is ~107'* m? (Tarokh and Makhnenko, 2019). Indiana
limestone is also known as a freestone, which indicates that no preferential splitting direction
exists, providing an advantage in utilizing the material for buildings and public structures (Patton
and Carr, 1982).

Quartz and calcite are selected for this study as the major minerals forming the considered two
types of reservoir rock. Quartz is the most abundant mineral found on the Earth’s surface, also
the major component of sandstone, where the chemical compound consists of one part of silicon
and two parts of oxygen (SiO2) with a hexagonal crystal system (Deer et al., 1966). It is well
known for its high resistance to both mechanical and chemical weathering and makes it a durable
material that can be used for countless applications (Morris and Fletcher, 1987; Wray, 1997).
Calcite is the most stable polymorph of calcium carbonate (CaCOs3), which is the principal
constituent of limestones. The structure can be described as a rhombohedral system with
cleavages in three directions. Calcite can be disintegrated by acid generated from the dissolution

of CO» in water (H20) (Dana, 1864).
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4.2.2. CO: treatment

Core flooding experiments

For reservoir rock, a core flooding device is used to simulate high-pressure conditions and inject
liquid CO; into the water-saturated cylindrical specimens with a diameter of 50.8 mm (2 inch)
and length of 101.6 mm (4 inch). With the viton rubber sleeve covering the specimen and two
pore pressure platens at each end, the sample is installed in the steel core holder and fixed in the
axial direction with steel spacers. Stigma 500/700 controller from Sanchez Technologies (70
MPa capacity) is utilized for application of the confining pressure with silicon oil on the rubber
sleeve in the circumferential direction of the specimen. For application of the pore pressure,
Teledyne Isco syringe pumps with a capacity of 37.5 MPa are installed at the upstream and
downstream channels, while another Teledyne Isco pump is connected to the upstream for CO»
injection. De-ionized water is selected as the pore fluid to solely observe the chemical effect of
the mixture of CO, and water on the rock response. Two external Honeywell pressure
transducers with a capacity of 34.5 MPa are installed between the specimen and the valves that
are connected to the pumps, which allow measurements of the pore pressure during the flow tests
and under the undrained condition when the valves are closed. Teledyne Isco syringe pumps and
Stigma controller have an accuracy of 0.5% of their capacity, while the pressure transducers
perform with a 0.1% accuracy.

Biot poroelasticity (Biot and Willis, 1957) assumes full saturation of a porous media, which also
needs to be assured before any CO: injection. It is achieved using the back-pressure saturation
technique, where the applied back pressure is gradually increased and the changes in pore
pressure due to the applied mean stress are measured at each step under the undrained condition

(Lowe and Johnson, 1960; Makhnenko and Labuz, 2016). If the effective mean stress P’ (P'= P
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— p/) is maintained to be constant during the process, the full saturation is assumed when the
value of the undrained pore pressure increment becomes constant at a few constitutive back
pressure steps.

After reaching full saturation with only water, CO: is injected into the reservoir rock specimens
in a liquid state at ambient temperature (22 °C). Under 12 MPa total mean stress and 6.7 MPa
pore pressure, 40-50mL of liquid CO; at 7 MPa are injected from the upstream, whereas the
downstream valve is kept closed. After that, the upstream valve is closed and the pore pressure
readings from the transducers show that the pore pressure gradually drops to that of the boundary
state of liquid and gaseous CO; (6.2 MPa). Therefore, to maintain the CO> in the liquid state,
supplementary CO: is injected daily from the upstream at a pressure of 7 MPa. The continuous
flow experiments are not possible with the setup; however, it allows observing different effects
at upstream and downstream sides of the tested specimens.

Few studies showed that as the treatment time for CO; increases, its effect on different properties
of rock also enhances (Shi et al., 2019; Kim and Makhnenko, 2020). For consistency, we select
21 days as a sufficient time for CO; treatment. However, for Apulian limestone the treatment
time is reduced to 3 days in order to avoid excessive chemical degradation and introduce a
controlled process, considering the materials’ high reactivity with the acidic water-CO> mixture
(Luquot and Gouze, 2009; Kim et al., 2018). The main advantage of utilizing the core flooding
device for CO» treatment is the possibility of testing rock under elevated effective mean stress in

contrast to experiments where specimens are just submerged into a mixture of CO» and water.
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High-pressure CO; treatment

Preparation of perfectly shaped cylinders from the mineral samples is a complicated and
expensive procedure, so they were not tested in the core flooding device. Instead, a high-pressure
vessel is utilized for the CO» treatment of quartz and calcite crystals. It consists of a steel
chamber with a pressure gauge and a plastic beaker that fits in the vessel where the specimen of
any shape is located. The specimen is then submerged in de-ionized water and consequently,
CO:2 is injected into the perfectly sealed steel vessel at a pressure of 7 MPa and temperature of 22
°C. The injection is conducted until equilibration of the pressure is reached, considering the
dissolution of CO: in water. The specimens are submerged in 150 mL of de-ionized water
located in the inner liner beaker (D = 57 mm and L = 140 mm) of the vessel. Considering the
solubility of CO; in water (the ratio of the solute mass to the solvent mass) being 0.06 at adopted
pressure and temperature (Perry and Chilton, 1973; Ma et al., 2017), the dissolved mass of CO»
is approximately 9 g or 11.7 mL of liquid CO; at 7 MPa. It is to be noted that only the dissolved
amount of CO; can be estimated, while the total injected volume was not recorded but is
expected to be larger.

After the injection, the valve to the vessel is closed and CO» treatment is conducted for 21 days,
an identical time for treatment of the reservoir rocks in the core flooding device. Previous studies
showed that the dissolution of CO; into water occurs rapidly at the beginning of the injection
process under the tested pressure conditions, while the process slows down and stops after
reaching the maximum solubility within 2-3 hours (Ma et al., 2017). Thus, it assumed for the
tests perfomed in both devices that the solubility of 0.06 has been reached and represented a
similar testing condition, while the only difference is the non-zero effective mean stress applied

in the core flooding device. Besides the mineral crystals, another prismatic Berea sandstone
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specimen is treated in the high-pressure vessel. By comparing the two CO; treatment methods,

the effect of the testing condition (confined vs unconfined) on the rock properties is investigated.

4.2.3. Hydrostatic compression test

The hydrostatic compression cell is adopted in this study to measure the unjacketed and solid
bulk response of the reservoir rock and minerals, respectively. Teledyne Isco syringe pump with
a 51.7 MPa capacity is connected to the hydrostatic cell and utilizes hydraulic oil as the
pressurizing fluid for rock specimens located inside the cell. As pressure increases, the
deformation of the specimen is measured by the resistive strain gauges installed on the surface of
the sample. For the unjacketed condition, no membrane is sealing the specimens, and the
increase in the confining pressure eventually becomes equal to the increase in the pore pressure
as the fluid intrudes into the pores (AP = Ap/). On the other hand, the mineral crystals do not
have any internal pores and the solid bulk response can be measured with the same procedure as
the hydrostatic unjacketed modulus.

For each reservoir rock representative, two prismatic specimens (approximately 50 x 40 x 40
mm) are prepared from the cylindrical samples: one pristine and another one after CO» treatment
in the core flooding device. Considering the high reactivity of calcite-rich rock, the upstream and
downstream parts of the CO; treated limestones are separately tested to observe if the different
boundary conditions during the treatment process affected its compressibility. A few sets of
mutually perpendicular strain gauges (CEA-06-250 UN-120, Micro Measurements, USA) are
installed on the surface of the reservoir rock specimens with epoxy adhesive M-bond AE-10
(Micro measurements, USA), and the bulk volume strain can be calculated as the sum of the

three normal strains (& = &« + &y + &z). The axes directions are chosen in no preferential
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direction for the limestones that appeared to be isotropic, and the direction of the z-axis is
perpendicular to the apparent bedding planes for Berea sandstone. For minerals, specimens
containing smooth surfaces are selected for strain gauge installation for both pristine and CO»
treated samples, with their shape not being perfectly prismatic. Thus, the installed strain gauges
are positioned in three different directions that are not exactly perpendicular to each other. For
quartz, the strain gauges are installed at (0°, 0°, 0°), (30°, 0°, 30%), and (60°, 30°, 0") degrees, with
the relative angles (A&, A6, AB:) measured from each strain gauges that are aligned with a, b, ¢
axes, respectively. For calcite, due to the clear cleavage of the specimen where the angle is
78°/102°, the strain gauges are installed parallel to the cleavage direction (x', y', z'). The strain
gauge responses for minerals under hydrostatic compression show that all strain measurements
are almost identical for each material, indicating that the tested minerals are isotropic. Therefore,
the solid volume strain is calculated by adding three strain gauge values measured in different
directions (s =&+ &+ s or & =&+ &'+ &).

For all materials, the loading-unloading cycle is conducted up to 50 MPa, and the data is
recorded at every 2 MPa step. At every step, the equilibration between the confining pressure
and the pore pressure (P = p/) is required to guarantee the unjacketed boundary condition. The
equilibration time depends on the diffusivity of the material, which is a function of permeability,
fluid viscosity, and the compressibility of the rock and the pore fluid. The diffusion coefficient ¢
of the oil-saturated reservoir rock is estimated to be on the order of 102 m?/s for Berea
sandstone, 10* m?/s for Apulian limestone, and 10 m?/s for Indiana limestone (Tarokh and
Makhnenko, 2019). Considering the drainage distance in the specimens being Ha- = 20 mm, the
characteristic time f.q- for the pore fluid diffusion is on the order of Hy %*/c meaning that it does

not exceed 10 seconds for any of the tested rock. To guarantee the efficient drainage of the pore
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fluid, 10 minutes were taken between each stage of unjacketed loading and unloading. Based on
the pore size distribution, full saturation with oil in the hydrostatic compression tests is
guaranteed to be achieved at 15 MPa for Berea sandstone, 20 MPa for Apulian limestone, and 50
MPa for Indiana limestone (Tarokh and Makhnenko, 2019). As the volume strain and the
hydrostatic pressure are recorded during the experiment, the unjacketed bulk modulus K’ and

solid bulk modulus K can be calculated.

4.2.4. Ultrasonic wave velocities

Measurements of compressional (P-wave) and shear (S-wave) velocities (V, and Vi) are
conducted for reservoir rock specimens and mineral crystals before and after CO, treatment. The
data acquisition system is comprised of the ultrasound pulse receiver (Olympus 5077PR), the
digital oscilloscope (Tektronix TBS1064), and ultrasonic transducers generating P- and S-waves
(General Electric Alpha 2.25 MHz and Panametrics V154 2.25 MHz). The transducers are
located on the smooth sample surfaces, and a couplant is applied between the sample and the
transducer. An ultrasonic pulse is generated from the transmitting transducer by a negative step
function excitation (200V) and is received at the other transducer. The signal is then digitized
with 8-bit dynamic range resolution with a frequency of 10 MHz and signal duration of 0.25 ms.
Consequently, depending on the arriving signal, it is amplified with a gain level of 20-30 dB.
Ultrasonic velocity measurements are repeated for 2-3 samples several times to assure their
accuracy and consistency, and the results are reported based on the first arrival time of the signal
and the shortest wave path length.

Measurements of the P- and S-wave velocities (V) and V) allow determination of the dynamic

properties assuming that the material is linearly elastic and homogeneous. The bulk modulus K
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can then be calculated with the knowledge of the bulk density of the material pp.x (Mavko et al.,

2009):

K=p,, (V) -4V 3) (4.3)

4.2.5. Mercury intrusion porosimetry

Measurements of porosity and evaluation of the pore size distribution are conducted with
Quantachrome Poremaster 60 using the mercury intrusion porosimetry (MIP) technique. With
the low- and high-pressure chambers, the device allows for pressure generation up to 413.7 MPa
and forces mercury to penetrate the rock pores while accurately measuring the injected volume.
As the pressure increases, the interconnected pores from larger to smaller sizes get intruded and
then the extrusion is performed during the unloading procedure. Due to the high cohesive forces
within liquid mercury, it does not spontaneously enter the pores until it is forced up to a certain
pressure, which can be expressed as a function of the pore throat diameter d, contact angle €, and
the surface tension y of liquid mercury in contact with its own vapor, adopting the Young-
Laplace equation:

4y cosd

Hg _

=727 4.4
7 (4.4)

As the increase in the volume of the intruded mercury is measured with each applied step in
pressure, the pore size distribution can be assessed. For this study, the intrusion data is selected.
Measuring the weight of the dry sample and the sample in the cell filled with mercury at ambient
pressure allows accurate determination of its bulk volume Vyur. Then, with the recorded volume

of intruded mercury into the pores, the interconnected porosity ¢ can be accurately calculated

using the measured values of the rock’s bulk density ppui.
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The specimens for this study are prepared to be approximately 1.0 gram in mass that would fit
into the sample cell. Considering the potential inhomogeneity of the samples and measurement
errors, several pieces of each material are tested together, and each test is duplicated. The
mercury has a contact angle of 140°, a surface tension of 480.0 erg/cm?, and a density of 13.54
g/cm?® at room temperature (22 °C). All experimental methods utilized in this study are illustrated
in Figure 4.2, including the scanning electron microscopy (ESEM) that is introduced in the

discussion session.

Comp:estsibility CO, treatment Ultrasonic wave velocities (P- S-wave)
es BB

Sandstone Quartz

X =
=

Sandstone Limestone

Hydrostatic
compression cell Limestone Calcite

Core flooding device
(Cylindrical specimens)

High-pressure vessel
(Mineral crystals)

Mercury Intrusion Porosimetry

Figure 4.2. Sketch of the experimental methods and the samples instrumented for this study.

4.3. Results

4.3.1. Reservoir rock — unjacketed bulk response

Unjacketed hydrostatic compression tests are conducted on the reservoir rock to accurately
measure the properties of its matrix before and after CO: injection. Additionally, for Berea

sandstone, the effect of CO; treatment method is compared for the confined specimens tested in
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the core flooding device and the unconfined specimens tested in the high-pressure vessel.
Considering the high reactivity of limestones with acidic fluid and how the CO» injection process
is performed, limestone specimens are prepared from each side (upstream and downstream) of
the treated cores. The loading-unloading procedure to 50 MPa hydrostatic pressure is repeated
twice to assure reproducibility of the results. For all materials, the test results from the
unjacketed hydrostatic compression tests in terms of the directional (normal) strains exhibit a
linear response, and the unloading data is selected to be presented (Figures 4.3-4.5).

The data for Berea sandstone indicates an anisotropy in the solid matrix, where the normal strain
in the z-direction (perpendicular to the bedding planes) is 15-20% larger than these in the other
two directions for pristine and two CO» treated specimens. These three specimens appear to have
the same unjacketed compressibility, implying the effect of CO» treatment and the method how it
is performed do not affect the matrix response. For Apulian limestone, small differences exist in
the initial slopes of the normal strains, but eventually become identical implying isotropy. The
CO; treatment causes 20% increase in the normal strains for both the upstream and downstream
specimens. Indiana limestone also shows an isotropic response for both pristine and CO» treated
specimens, where for the latter the normal strains are 18% larger meaning the increased

compressibilities for both the upstream and downstream parts.
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Figure 4.3. Results of the unjacketed hydrostatic compression tests for Berea sandstone
specimens: (a) pristine, (b) CO2 core flooding treated, and (c) CO2 batch treated.
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Figure 4.4. Results of the unjacketed hydrostatic compression tests for Apulian limestone
specimens: (a) pristine, (b) CO> treated - upstream, and (c¢) CO; treated — downstream.
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Figure 4.5. Results of the unjacketed hydrostatic compression tests for Indiana limestone
specimens: (a) pristine, (b) CO> treated - upstream, and (c) CO; treated — downstream.
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4.3.2. Minerals — solid bulk response

The same experimental procedure utilized to determine the unjacketed bulk response of the

reservoir rock also provides measurements of the solid bulk moduli of quartz and calcite. The

hydrostatic loading-unloading procedures up to 50 MPa are performed twice to ensure the

repeatability of the test data.The results from the hydrostatic compression tests on the pristine

and CO; treated minerals are introduced in Figures 4.6 and 4.7. The directions of the installed

strain gauges are considered, where the angles to the coordinate system (x, y, z) are 0°, 40°, 20°

for quartz and 0°, 15°, 15° for calcite, though it does not affect the results since for both quartz

and calcite, the three different strain measurements show an identical (isotropic) response before

and after CO; treatment. The effect of CO, treatment is negligible for quartz, while for calcite,

the directional strains measured on the surface of the crystal appear to increase by

compared to the pristine case.
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Figure 4.6. Hydrostatic compression data for quartz crystals: (a) pristine and (b) CO2 treated.
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Figure 4.7. Hydrostatic compression data for calcite crystals: (a) pristine and (b) CO2> treated.

4.3.3. Ultrasonic wave velocities

Measurements of the P- and S-wave velocities are conducted before and after CO> treatment on
dry mineral samples. For quartz, the P- and S-wave velocities are measured to be similar (within
+0.02 km/s) before and after the treatment (¥, = 5.72 km/s and Vs = 3.68 km/s) meaning that the
solid bulk modulus (dynamic) remains unchaned: K = 39 GPa. For calcite, both P- and S- wave
velocities are measured to slightly decrease after CO> treatment: V), = 6.64 km/s and V = 3.56
km/s for pristine specimen and V), = 6.62 km/s and Vy = 3.54 km/s for CO> treated specimen.
This results in a small decrease in calcite bulk modulus from 73.7 GPa to 73.5 GPa, indicating

that no significant effect of CO» treatment is observed for both mineral crystals.

4.4. Discussion

The matrix and solid deformations of reservoir rocks and its main composing minerals are
measured in the hydrostatic compression tests. Observed linear responses indicated constant
unjacketed moduli for the rock and constant solid moduli for the minerals (Figures 4.8 and 4.9).

Three different specimens of Berea sandstone are examined: pristine, CO; treated in the core
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flooding device (confined), and CO; treated in the high-pressure vessel (unconfined) samples.
For all three silica-rich rock samples, the unjacketed bulk moduli are measured to be 30 GPa,
indicating no observable effect from the CO; treatment (Figure 4.8a), as well as from the applied
confinement.

For Apulian limestone, the pristine and CO; treated specimens are compared, where two
specimens are prepared from the treated core: one from the upstream side and another one from
the downstream side. The unjacketed bulk modulus K’ for pristine Apulian limestone is
calculated as 42.7 GPa. For the treated specimens, the K;' values are evaluated as 33.7 GPa and
34.7 GPa for the upstream and downstream parts, respectively, meaning that CO> injection
decreases the unjacketed bulk modulus of the upstream part by 21% and the downstream part by
19% (Figure 4.8b).

The values of K;' for Indiana limestone are measured to be the highest among the tested rocks.
The CO» treatment causes a decrease in the unjacketed bulk modulus of the limestone from 65.9
GPa to 54.0/55.8 GPa or by 18/15% respectively for the upstream/downstream parts (Figure
5.8c). Hence, despite the difference in the boundary conditions for CO; injection, both the
upstream and downstream parts of the limestones become more compressible. Even though the
compressibility of the upstream part becomes a few percent higher, it can be stated that
significant amounts of the dissolved CO> reach the downstream part, and by the end of the

treatment, dissolved CO> becomes almost evenly distributed within the specimen.
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Figure 4.8. Unjacketed compression test results for pristine and CO> treated (a) Berea sandstone,
(b) Apulian limestone, and (c) Indiana limestone.
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The solid bulk moduli are calculated for quartz and calcite, also examining the effect of CO>
treatment on the compressibility of these minerals. K of quartz is measured to be 37.0 GPa
(Figure 4.9a), which is in a good agreement with other studies (Koga et al., 1958; Greenwald,
1980; Tarokh and Makhnenko, 2019). The solid bulk modulus of the CO» treated quartz
demonstrates an identical response to the pristine material, meaning that the treatment does not
affect its compressibility. Alternatively, the surface strain based calculation of the bulk moduli of
the pristine and CO> treated calcite specimens showed that K decreased from 74.0 GPa to 63.2

GPa (Figure 4.9b), approximately by 15%.
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Figure 4.9. Hydrostatic compression test results for pristine and CO; treated (a) quartz and (b)

calcite.

A possible explanation for the discrepancy between the elastic parameters of the calcite
calculated from the ultrasonic tests and retrieved from the local strain measurements is the effect
of acidic COz-water mixture on the mineral surface, since there are no pores in the mineral
crystals. We believe that the compressibility of the CO» treated calcite calculated from the
hydrostatic compression test is affected by the local chemical effect on the surface of the

mineral, but the global elastic parameters do not change, which is confirmed by ultrasonic

velocities measurements.
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Petrographic and microimaging methods have been previously adopted to characterize the effect
of CO; injection on the microstructure of subsurface formations (Evans and Chester, 1995;
Hangx et al., 2010; Vanorio et al., 2011; Fuchs et al., 2019). The mineral and rock surfaces
treated with CO; indicated the formation of microcracking that increased the creep rates in
granular aggregates of quartz and feldspar (Hangx et al., 2010), salt precipitation and increased
compressibility in sandstones and carbonates(Vanorio et al., 2011), and detachment of clay
cementation from quartz and feldspar grain surfaces in Mt. Simon sandstone and weakening of
its rock matrix (Fuchs et al., 2019). In order to further explore the effect of CO> treatment on the
reservoir rock and minerals, high-resolution images of the sample surfaces are taken using the

environmental scanning electron microscope (ESEM) (Figures 4.10 and 4.11).
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Figure 4.10. ESEM images of (a) pristine and (b) CO> treated Berea sandstone, (c¢) pristine and
(d) CO; treated Apulian limestone, and (e) pristine and (f) CO; treated Indiana limestone.
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Figure 4.11. ESEM images of (a) pristine and (b) CO; treated quartz and (c) pristine and (d) CO»
treated calcite.

The micro-imaging analysis indicates that for Berea sandstone, no significant effect of CO:
treatment on the microstructure is observed. However, for Apulian limestone and Indiana
limestone, there are visible dissolution effects on the surface which result in the generation of
micropores. Utilization of the EDAX light-element energy-dispersive spectroscopy (EDS)
allowed for the analysis of more than 10 elements in each image including pores and solid
matrix. It appears that CO; treatment decreases the net intensity of Ca by approximately 35% but
increases the porosity. This implies that the changes in the matrix compressibility of the
limestones could be due to calcite dissolution and modifications in the matrix structure. While

the overall increase in Apulian limestone permeability is reported (Kim et al., 2018) and the

96



ESEM images highlight the increase in porosity, this effect appears to be uniformly distributed
within the samples and no locally focused wormholes are observed.

In addition, no visible pores were created on the mineral surfaces due to CO» treatment. The EDS
tests verify that quartz mostly (>99%) consists of SiO2, with minor inclusions of CaCOs3 in a
form of small particles that are present on both pristine and treated specimens. Calcite specimen
is mostly (>99%) CaCO3 with a minor inclusion of SiO». The treated calcite specimen appeared
to have the same net intensity of Ca as the pristine one, but indicated some signs of surface
dissolution without generation of new porosity that supports the statement that the
compressibility measurements from the strain gauges are affected by the local chemical effect,
but do not reflect the global bulk behavior of the material.

For isotropic and homogeneous ideal porous media, it is assumed that the unjacketed bulk
modulus K;'is equal to the solid bulk modulus K, considering that all pores are fully connected.
However, despite the dominant proportion of quartz and calcite in sandstones and limestones,
respectively, measurements of the unjacketed bulk moduli for reservoir rocks show a
considerable difference between the two moduli (K’ # K;): for Berea sandstone, K" = 30.0 GPa
and K quariz = 37.0 GPa, while Ky carcie = 74.0 GPa and K" = 42.7 GPa and K;' = 65.9 GPa, for
Apulian limestone and Indiana limestone, respectively. These differences can be explained either
by the presence of other minerals with considerably different compressibilities (which is not the
case for the tested rock) or the presence of inhomogeneities such as non-connected or occluded
pores.

The total pore volume consists of the interconnected pore space V), and the non-connected pores
V)" The total bulk volume V" also includes the solid: V' =V + V), + V),". Thus, the interconnected

porosity (Equation 4.5) and total porosity (Equation 4.6) can be defined as:
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The interconnected porosity ¢ and the bulk density of the sample can be determined from MIP.
The calculation of the total porosity involves the knowledge of the dry and solid densities. Since
the dissolution of calcite-rich rock would occur only on the surface that is in contact with the
acidic fluid, we assume that CO> treatment does not affect the remaining solid density, and refer
to the values measured by Tarokh and Makhnenko (2019) (05 erea = 2.74 glem®, ps apuiian = 2.76
g/em?®, and psmaiana = 2.72 g/cm?®). Therefore, the non-connected porosity can be calculated
as ¢ = ¢ - @, where the average values are taken for the measured properties. For Berea
sandstone, the porosity and density are measured to be almost identical for the pristine and CO2
treated samples with ¢ = 21.9% and peux = 2.05 g/cm?>. For Apulian limestone, the properties of
the pristine samples are measured as ¢ =37.1% and ppux = 1.66 g/cm?, while they changed to ¢ =
39.2% and ppux = 1.58 g/cm? for the treated upstream specimen and ¢ = 38.3% and ppux = 1.61
g/cm® for the downstream specimen. The properties for Indiana limestone are reported as ¢ =
12.7% and ppux =2.36 g/cm? for pristine samples, while it altered after CO, treatment to ¢
=14.0% and ppux =2.31 g/cm? for upstream specimen and ¢=13.1% and ppux =2.34 g/cm? for the
downstream specimen (Table 4.1).

With these reported values, the total and non-connected porosities are calculated as ¢ = 25.1%
and ¢, = 3.2% for Berea sandstone, ¢ = 40.0% and ¢, = 2.9% for pristine Apulian limestone, ¢ =
42.8/41.7% and ¢, = 3.6 / 3.4% for CO; treated Apulian limestone (upstream/downstream), and

¢ = 13.2% and ¢, = 0.5% for pristine Indiana limestone, which changes to ¢ ~ 15.1 / 14.0% and
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@n ~ 1.1/ 0.9% after CO; treatment. These results indicate that CO; treatment does not affect the
measured interconnected porosity and the calculated total porosity for the sandstone, but causes
the increase of those for the limestones (Figure 4.11). Injection of CO> in water-saturated
specimens promotes calcite dissolution and increases the fraction of the interconnected pore
space, but at the same time generates new non-connected pores in the samples due to
precipitation. Moreover, the increase in the non-connected porosity can also explain the

enhanced differences between the solid and unjacketed moduli of treated limestones.
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Figure 4.12. The total (¢), interconnected (¢), and non-connected (¢,) porosity changes due to
CO; treatment for (a) Apulian limestone and (b) Indiana limestone.
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The effective medium models can be utilized to estimate the solid and bulk moduli of the tested
materials if the properties of composing minerals and pores are known (Budiansky and
O’Connell, 1976; Berryman, 1995). The nonconnected pores can be included in the solid
compressibility with the assumption that their bulk modulus is equal to the pressure of the air
trapped in them (not exceeding 50 MPa) and the shear modulus is zero (Berryman, 1995; Tarokh
and Makhnenko, 2019). Without knowing the exact shape of the pores and neglecting a slight
anisotropy in Berea sandstone’s response, we adopt the isotropic-generalized Hashin-Shtrikman

upper and lower boundaries (Hashin and Shtrikman, 1963):

KT = 2(Gay) 4.7
K™ = 2(G) (4.8)
where

1 R
/1(2):<Ks(r)+4/3-z> 3 (49

The parenthesis < Q(r) > in Equation (4.9) indicate the volume average of a quantity Q(r). For
Berea sandstone, the following mineral composition and mineral moduli are utilized for
calculation (Mavko et al., 2009; Tarokh et al., 2020): quartz - 87% (K, = 37.0 GPa, G, = 31.0
GPa), muscovite - 6% (K = 58.2 GPa, G, = 35.3 GPa), kaolinite — 3% (Kx = 1.5 GPa, Gy = 1.4
GPa), feldspar - 2% (Kr= 56.9 GPa, Gr= 28.6 GPa), and albite — 2% (K., = 37.5 GPa, G, = 15.0
GPa). The upper Hashin-Shtrikman bound for the solid modulus of the sandstone decreases
linearly from 36 GPa with the increase in the nonconnected porosity, while the lower boundary
decreases drastically from 22 GPa and converges to zero (Figure 4.12a). The measured
unjacketed bulk modulus (K" = 30 GPa) falls within the calculated boundaries, while the

“dynamic” bulk modulus calculated from the values of P- and S-wave velocities of quartz
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(Ks,quare=>" = 39.0 GPa) lies slightly above the upper boundary since quartz does not contain the
compressible clayey inclusions.

The following mineral composition and mineral bulk moduli are used for calculating the Hashin-
Shtrikman boundaries for Apulian limestone (Tarokh and Makhnenko, 2019): calcite - 98% (K.
= T74.0 GPa, G = 30.0 GPa), plagioclase -1% (K, = 56.9 GPa, G, = 28.6 GPa), and glauconite —
1% (K¢ = 59.7 GPa, Gx = 42.3 GPa) and Indiana limestone (Tarokh and Makhnenko, 2019):
calcite — 97% and quartz — 3%. The unjacketed bulk moduli of pristine and CO; treated
specimens appear to be approximately in the middle between the upper and lower boundaries for
both limestones (Figures 4.12b and 4.12¢). The dynamic bulk modulus of calcite K carcie®™" =
73.6 GPa is very close to the upper boundary for the solid modulus of the limestones since they
are dominantly composed (~97-98%) of this mineral.

The pore size distribution for the three reservoir rocks is presented in Figure 4.13. For Berea
sandstone, it is shown that CO; treatment has no significant effect on the distribution where the
dominant pore size is measured as ~ 20 um. For Apulian limestone, the pore size density for
larger pores (from 2 pum to 10 um) increases. The results for Indiana limestone (dominant pore
size ~1 um) also show that the dominant pore size slightly increases due to CO; treatment, but it
is less significant compared to Apulian limestone. The tendency of the CO: treatment to increase
the pore size density in the micron range can be explained by dissolution of the calcite-rich rock
matrix. These results are in some agreement with the previous studies on carbonates tested under
elevated pressures. For different types of limestones, the increase in porosity from 2% to 10%
due to dissolution caused by high-pressure CO; treatment has been reported along with the
decrease in elastic moduli from 10 to 25% (Bemer and Lombard, 2010; Vialle and Vanorio,

2011; Lamy-Chappuis et al., 2016).
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Berea sandstone, (b) Apulian limestone, and (c) Indiana limestone.
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Utilizing various analyses, this study concludes that CO; treatment increases the matrix
(unjacketed) compressibility of limestones due to calcite dissolution and increase in porosity,
while these for the sandstone remain the same. CO; injection operations can change the elastic
properties of the materials and their flow characteristics, which would potentially affect the
storage capacity of the host rock and CO> trapping mechanisms (Bachu et al., 2007; Kopp et al.,
2009). Changes in poroelastic parameters would also influence the inelastic (Aman et al., 2017;
Kim et al., 2018; Fuchs et al., 2019; Ilgen et al., 2019; Choens et al., 2020; Tarokh et al., 2020)
and viscous (Hangx et al., 2010; Makhnenko and Podladchikov, 2018; Kim and Makhnenko,
2020; Tarokh et al., 2020) response of the host formations. Additional hydro-mechanical-
chemical simulation studies at the reservoir scale are necessary to assess the large-scale

implications of carbonate mineral dissolution for reservoir and caprock integrity.

104



Table 4.1. Summary of the test data for reservoir rock and minerals for pristine and CO» treated

specimens.
Berea Apulian limestone Indiana limestone )
Quartz | Calcite
sandstone upstr. | downstr. | upstr. | downstr.
~859 -OR° >00Q0, >0Q0,
Dominant mineral 8% 95 9.8 o 97% calcite 99% 99/)
quartz calcite quartz | calcite
Bulk modulus Pristine 30.0 42.7 65.9 37.0 74.0
[GPa] CO, 30.0
. . 4. 4. . . 2
(static) treated (CF/batch) 33.7 347 >4.0 558 37:0 63
4 Pristine 40.0 13.2 - -
25.1
[%] CO; 42.8 41.7 15.1 14.0 - -
treated
p Pristine 37.1 12.7 - -
P it 21.9
Orosity | 1oy | €O 39.2 38.3 14.0 13.1 ; -
treated
p Pristine 29 0.5 - -
" 32
[%] CO2 3.6 3.4 1.1 0.9 - -
treated
Pristine 2.05 1.66 2.36 2.65 2.71
uik [g/em®
puui [gfemc] ] CO2 2.05 1.58 1.61 231 234 265 | 271
treated
Pristine 5.72 6.64
Vp CO - - -
[km/s] ’ 5.74 6.62
treated
. Pristine 3.68 3.56
[km/s] 0. ) ) ) 3.69 | 3.54
treated
Bulk modulus Pristine 38.9 73.7
[GPa] CO, - - -
(dynamic) treated 39.2 73.5
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4.5. Conclusions

In this study, the effect of CO> treatment on the compressibility of the solid matrix of reservoir
rock and the composing solid minerals are experimentally investigated. Berea sandstone,
Apulian limestone, and Indiana limestone are selected as the representative materials for
reservoir rock, while quartz and calcite are the dominant composing minerals. As a contrast,
another set of 21-days CO; treated reservoir rock and mineral samples are prepared. CO»
injection into water-saturated reservoir rock is conducted in the core flooding device to simulate
the storage operations at the in-situ conditions, while due to the geometry and lattice structure,
the minerals are treated in the high-pressure vessel. Hydrostatic compression tests are conducted
to measure the unjacketed bulk moduli of reservoir rocks and solid bulk moduli of the minerals.
Based on the local strain measurements, it is shown that the CO»-water mixture does not affect
the silica-rich rock and quartz in terms of compressibility, while for calcite-rich rocks and
calcite, the bulk moduli decrease by 15-21%. The ultrasonic wave velocity measurements
confirm these findings for the silica-rich and calcite-rich rocks and quartz, but not for calcite
minerals where no change in the elastic moduli is observed. Further ESEM images indicate that
locally the surfaces of limestones and calcite minerals are chemically affected by the CO»-water
mixture. While some new connected and non-connected pores are created in the limestones,
calcite remains to have zero porosity, so the global bulk response of the minerals remains
unchanged. Finally, CO» injection induced dissolution and precipitation of calcite would affect
the overall behavior of calcite-rich reservoir rock both in terms of its elastic and inelastic

response, as well as the flow and storage properties.
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CHAPTER 5: SHORT- AND LONG-TERM RESPONSES OF RESERVOIR ROCK
INDUCED BY CO: INJECTION

A manuscript under review in Rock Mechanics Rock Engineering

Kim, K., Makhnenko, R.Y.

Abstract

CO2 injection for geologic carbon storage is commonly conducted into sedimentary reservoir
rock and influences the stress state and pore pressure resulting in coupled hydro-mechanical
processes. Consideration of the presence of aqueous fluids in reservoir formations is crucial for
describing their mechanical response, both short- and long-term. As CO» is injected into the
reservoir, the chemical reaction of the acidic mixture of CO> and water with rock minerals may
alter the poromechanical and hydraulic responses that need to be appropriately characterized. We
conduct laboratory experiments aimed at accurate measurements of the stress-dependent
poroviscoelastic rock properties to describe short- and long-term deformations. The chemical
effects of CO; treatment on the poroviscoelastic and hydraulic properties are explored by
duplicating each experiment before and after CO, treatment, while Berea sandstone, Apulian
limestone, and Indiana limestone are selected as representative reservoir materials. CO»
treatment increases the bulk compressibility of the sandstone and limestones by 15-20%. The
undrained response is characterized through measurements of Skempton’s B coefficient, which
decreases for Berea sandstone, but increases for the limestones. For calcite-rich rock, the

porosity and unjacketed compressibility increase by 4-6% and 20%, respectively, while these
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parameters remain unchanged for silica-rich rock. As the time-dependent behavior is measured
indirectly by monitoring the pore pressure buildup under an undrained condition, the CO»
treatment appears to significantly facilitate the viscous response by 50-60% for all materials.
Additionally, CO; injection causes the increase in permeability but does not change the porosity-
permeability exponents for the tested rock. Porosimetry and microimaging analyses reveal that
for the limestones the main effect is caused by the dissolution of calcite, but the for the sandstone
the main explanation for the observed results is stress corrosion cracking. This study outlines
CO2 injection influence on the poroviscoelastic response of reservoir rock and emphasizes the

importance of properly characterizing the time-dependent behavior for geologic storage projects.

5.1. Introduction

Carbon dioxide (CO») is a greenhouse gas that is widely recognized for its adverse effect on
climate change, though its emission from fossil fuel consumption has been continuously
increasing to meet the growing energy demand (IEA, 2004; IPCC, 2005). In order to mitigate its
discharge into the atmosphere, geologic carbon storage (GCS) has been suggested as one of the
most efficient methods, where large volumes of CO> can be injected into underground
formations (Bachu, 2004; 2008). Considering the sufficient potential storage capacity (~
thousands of Gt), deep saline aquifers have been proposed as suitable target formations for GCS
and are mostly represented by porous sandstones and limestones (Orr, 2004; US DOE, 2010;
Bachu, 2003). Moreover, for safe immobilization of the injected CO», the reservoir formation
should be carefully selected so that it is sealed with low-permeable layers (caprock and basement

rock) to prevent leakage or excessive dissipation (Bachu, 2008).
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By selecting appropriate subsurface formations for GCS, many pilot- and commercial-scale CO»
injection projects have been conducted to ensure the reliability of underground storage at a scale
~1 megaton/year (Chadwick et al., 2012; Hansen et al., 2013; Smith and Jaques, 2016; Vilarrasa
et al., 2019; Will et al., 2016). However, field monitoring of the displacement, pressure, and
induced microseismic events raised concerns that the mechanical behavior of subsurface rock
can be affected by CO; injection, resulting in jeopardizing the integrity of the GCS system
(Verdon et al., 2011). For example, at In Salah, Algeria, instant responses were observed during
the injection into the Carboniferous sandstone formation, where surface uplifts of ~1 cm/year
were monitored at the three injection wells, accompanied by microseismic activities (Vasco et
al., 2010). Verdon et al. (2013) reported that the CO; injection could also potentially affect the
subsurface rock’s long-term time-dependent behavior, as modeled pore pressures in sandstone
formations gradually increased by more than 5 MPa over 6 years, after the injection has been
already stopped. CO> storage in Mt. Simon sandstone in Decatur, Il resulted in observeation of
induced microseismicity at distances up to 2 km away from the well and a number of those
events occurred before the near-well events (Goertz-Allmann et al., 2017). In Weyburn, Canada,
CO2 had been injected into a limestone layer since 2000 for storage and enhanced oil recovery
purposes, and microseismic events occurrence was recorded during and after the injection
process (Verdon et al., 2011), implying a possibility of time-dependent behavior.

Similar observations have also been reported for different subsurface fluid injection projects,
where induced seismic events were monitored a few years after the shut-in of wastewater or
geothermal well injection (Hsieh and Bredehoeft, 1981). Baisch and Vo6ros (2010) explored the
seismic activities for a geothermal system at Soultz-sous-Foréts, France, and found that events

continuously occurred at different distances from the injection well even after ceasing the fluid
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injection. Eisner et al., (2010) and Williams-Stroud et al., (2020) stated that the induced
microseismic activities from fluid injection should not necessarily be associated with the
presence of faults, but could be caused by the behavior of the reservoir rock itself. In general,
industrial activities involving fluid injection into subsurface formations may induce damaging
earthquakes, the number of which is rapidly increasing (Ellsworth, 2013). Therefore, accurately
characterizing both short- and long-term poromechanical behavior of the host formations
becomes vital for the success of GCS projects.

The instant (short-term) poroelastic response is directly affected by the injection of high-pressure
COa, as it increases the pore pressure and decreases the effective stresses (Wang, 2000). Thus,
the stress state can migrate closer to the conditions associated with rock yield and failure, as it is
accompanied by mechanical deformation from overpressure that may jeopardize system’s
stability and result in induced seismicity and reactivation of faults (Bachu, 2003). In particular,
to avoid any excessive deformations, the poromechanical response needs to be limited to the
elastic regime. The short-term response or instant deformation of the reservoir rock can be
evaluated from the knowledge of the compressibilities of its components (i.e., frame, pores, solid
phase, and pore fluid) and the relationships between these compressibilities and the behavior of
the bulk (Biot and Willis, 1957; Wang, 2000).

In addition to the short-term response, the deformation of the reservoir rock should also include
the long-term (viscous) behavior, considering the permanent time scale of CO» storage
(~thousands of years). Analogous to the viscous characteristics of the pore fluid, the reservoir
rock matrix itself can also demonstrate a viscoelastic behavior that is affected by the presence of
the aqueous fluid in the pores (Biot 1941, 1956; Griggs, 1939). Some theoretical explanations on

the time-dependent phenomena were provided by introducing intergranular frictional sliding,
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intrinsic solid grain deformation, and solid-fluid interactions in fissures at the sub-granular scale,
but lacked validation of the theoretical models and direct measurements of the adopted
parameters (Abousleiman et al., 1996; Biot, 1962; Cleary, 1978). Therefore, coupled
poroviscoelastic response of reservoir rock requires detailed investigation for geologic carbon
storage regarding the long-term stress and deformation evolutions.

As the injected CO» partially dissolves into the pre-existing aqueous fluid and generates an acidic
mixture, chemical reactions may be facilitated and affect the reservoir rock’s poromechanical
responses (Johnson et al., 2005; Rutqvist, 2012). The pH of the fluid decreases and the
dissolution/precipitation processes occur simultaneously, as it may change the chemical
equilibrium state and the rock structure (Zhang et al., 2009). Therefore, on top of the short- and
long-term response, the complex multi-physical process of CO:> injection requires proper
evaluation of the chemical effect on the reservoir rock’s poromechanical behavior.

Previous studies describing the chemical effect on the short-term behavior of reservoir rock
indicate that it is more pronounced for limestones rather than sandstones (Rohmer et al., 2016;
Vilarrasa et al., 2019). Generally, there is an agreement that CO> treatment induces a
considerable chemical reaction that decreases the stiffness of limestones by 20-30% due to
dissolution (Alam et al., 2014; Bemer and Lombard, 2010; Grombacher et al., 2012; Kim et al.,
2018; Vanorio et al., 2011; Vialle and Vanorio, 2011), while on the other hand, some cases
reported no chemical effect (Grgic, 2011; Liteanu et al., 2013). At the same time, the chemical
effect of CO, treatment on the compressibility is shown to be weak for silica-cemented
sandstones (Lei and Xue, 2009; Rimmel¢ et al., 2010; Tarokh et al., 2020; Vanorio et al., 2011),
while the ambiguous results were reported for carbonate cemented silica-rich rock (Aman et al.,

2018; Hangx et al., 2013; Marbler et al., 2013). For instance, Hangx et al. (2013) presented no
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effect of CO> injection in calcite-cemented Captain sandstone even after a few weeks of CO»
circulation through the rock’s pore space. However, Marbler et al. (2013) showed that four
weeks of CO; treatment decreased the elastic modulus of a carbonate cemented sandstone from
the North German Basin by 10-20% due to carbonate dissolution. Also, Choens et al. (2020)
studied the effect of scCO, exposure on Boise sandstone and proposed that mechanical
weakening occurred due to the chemical reactions. Espinoza et al. (2018) concluded that the
dissolution and precipitation of minerals due to CO»-acidified brine injection could decrease or
increase the strength and stiffness of the rock, depending on the particular material and its
composing minerals.

Various studies have been conducted to characterize the chemical effect of CO; treatment on the
reservoir rock time-dependent response. Liteanu and Spiers (2009) and Liteanu et al. (2012)
reported uniaxial compaction experiments on calcite aggregates, where the dry/wet condition,
temperature, and CO> pressure were controlled. The intergranular pressure solution and
microcracking were suggested to explain the long-term behavior, while a few hour-long
experiments demonstrated that CO injection accelerates the time-dependent deformation by a
factor of up to 50. Le Guen et al. (2007) observed the effect of CO, treatment on the time-
dependent deformation for more than 200 days. It appeared that the plastic strain rate (associated
with subcritical crack growth) increased after the treatment of sandstones and limestones, and
similar observations are reported by Jung and Espinoza (2017), Schimmel et al. (2019), and Bao
et al. (2021). Foroutan et al. (2021) conducted a CO; injection test using a core flooding device
and measured the time-dependent behavior, ultrasonic wave velocities, and strength for the

pristine and CO; treated Triassic Peco sandstone. It was reported that the viscous creep has
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significantly accelerated, while the strength and ultrasonic wave velocities decreased due to CO»
treatment, which induced the dissolution of grain boundaries and cementing materials.

If the kinetic rate laws for calcite dissolution are introduced in the governing equations, the
evolution of porosity, concentration of Calcium ion, and grain radius can be calculated. The
simulations of Renard et al. (2005) suggested that the partial pressures of the dissolved CO2 can
promote the compaction rates in treated limestone by a factor of 50-75. However, other studies
concluded that the chemical effect on the viscous responses of porous rock were minor (Alam et
al., 2014; Oikawa et al., 2008). Hangx et al. (2010) conducted uniaxial compaction experiments
with quartz and feldspar and showed that the effect of CO, treatment was minimal, and the
viscous strain could be negligible compared to the instant elastic strain. While most studies
performed uniaxial compression tests to observe time-dependent deformation, the creep
indentation testing method can be adopted for reservoir rock in combination with high-resolution
SEM-EDS and X-ray spectroscopy to characterize its viscous response (Vandamme and Ulm,
2009; Zhang et al., 2014). Microimaging and indentation tests on pristine and CO»-aged Mt.
Simon sandstone conducted by Akono et al. (2020) reported increase in rock’s porosity and
enlargement of pore throats that were associated with the decrease in quartz volume fraction and
CO2-induced K-feldspar and clay dissolution reactions. As a result of these geochemical
reactions and the related microstructural changes, a 55-60% decrease in the macroscopic
logarithmic creep modulus was predicted. Arguably, most existing studies still show significant
inconsistencies that highly depend on the deviatoric stress, material, and testing conditions, as it
highlights the importance of adequately characterizing the time-dependent response of reservoir

rock.
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In this study, we select one silica-rich rock, Berea sandstone, and two calcite-rich rocks, Apulian
limestone and Indiana limestone, to investigate the effect of CO» treatment on the hydraulic and
poromechanical properties of reservoir formations encompassing both short- and long-term
responses. We adopt a poroviscoelastic constitutive model (Yarushina and Podladchikov, 2015)
and measure all model parameters under the same conditions for pristine and treated rock. The
experimental methods to introduce a controlled effect of CO» treatment are presented and include
core flooding experiments, hydrostatic compression tests, and triaxial compression tests (Figure
5.1). Consequently, additional measurements of the stress-dependent poroviscoelastic properties
are reported along with the porosity-permeability relationship for the tested rock. Lastly, a
thorough discussion on the poroviscoelastic model is provided. The injected CO> is maintained
to be in the liquid state since it has some advantages in terms of energy efficiency and eliminates
the thermal effect that would introduce another level of complexity (Gor et al., 2013; Paterson et
al., 2008; Rayward-Smith and Woods, 2011; Vilarrasa et al., 2013). Here, we only focus on the
chemical effect on the poromechanical behavior of reservoir rock, regarding both its short- and

long-term responses.
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Figure 5.1. Sketch of the multi-physical processes occurring during CO> injection into a reservoir
rock and the experimental and analytical approaches utilized to characterize them.

5.2. Background

Reservoir rock consists of the solid phase and the pore space that is generally infiltrated with
aqueous fluid. This involves consideration of the pore pressure p/ for the poromechanical
responses, so the stress state in the isotropic homogeneous porous media can be described by
adopting the Terzaghi effective mean stress P'= P — p/, where P is the total mean stress: P = (o7
+ o2 + 03)/3 (Terzaghi, 1923). P and p/ are the dynamic parameters that govern the
poromechanical behavior, and the corresponding kinematic parameters are the volume strain &, =
&+ & + & (the sum of the three normal strains) and increment of the fluid content £ defined as
the ratio between the fluid volume AV that enters the framework and the unit volume of the
element: = -AV/V (Biot, 1941). Adding Maxwell’s viscoelasticity (second term on right hand

side in equations 5.1 and 5.2) to Biot’s poroelastic relationship and differentiating them with
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respect to time (d/dt), allows writing the poroviscoelastic constitutive equations in the following

form (Yarushina and Podladchikov, 2015):

d_gzld(P—ap-f)+(P—p-f)

dt K dt (1-¢)n, (5.1)
s P—p’

d¢ _afdp _1dp’ +( r') (5.2)

d K\d Bdt ) (1-9)n,

Here, K is the drained bulk modulus, « is Biot coefficient, B is the Skempton’s coefficient, ¢ is
the interconnected porosity, and 7y is the effective bulk viscosity. The bulk viscosity is
responsible for the time-dependent response of the porous rock and depends on its pore structure
and the viscous and failure parameters of its mineral grains.

The poroelastic parameters can be defined under three primary boundary conditions, considering
the relative movement of the fluid in the porous media: unjacketed, drained, and undrained
(Detournay and Cheng, 1993). The unjacketed condition is achieved when the increment
(designated by A) in the total mean stress P is equal to that of the pore pressure p': AP = Ap/.
After reaching equilibrium, this state indicates that the variation of the pressures on the external
and internal surfaces are equal. Under this condition, the unjacketed bulk modulus K,' can be

defined to characterize the compressibility of the porous rock frame:

.
K =y (5.3)
AV Ap'/:AP

Under the drained condition, the pore fluid can freely move in or out of the pores, while the pore
fluid pressure is controlled to be constant (Ap/ = 0). The fluid pressure is equilibrated within the

rock element and does not affect the loading procedure. The drained bulk modulus K and Biot
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coefficient « can be determined within this condition, where K is a measure of the stiffness of a

porous media disregarding the pore fluid and can be defined as:

S
Kk=v¥

(5.4)
AV |,

The Biot coefficient « is the ratio between the volume of fluid (V) expelled from the volume
element to the volume change in the element itself when drained loading is applied. It can also be

calculated with the knowledge of the unjacketed and drained bulk moduli as shown:

AV,
a=—2=~L =1- K
AV Ap‘f:O K

N

(5.5)

!

The undrained response is defined as a condition where the fluid cannot enter or exit the porous
media and can be characterized by no change in the increment of fluid content {'= 0. Under this
condition, the stiffness of the porous media can be determined through the undrained bulk
modulus (K,). Moreover, the pore pressure responds to the applied external loading, and the

Skempton’s B coefficient can be defined as the ratio between them.

,
K =y (5.6)
N7
£=0
Ap’ K -K
=" =2u (5.7)
AP, akK

The undrained poroelastic parameters of rock depend on the compressibility of the fluid

saturating its pores.
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5.3. Methods

5.3.1. Materials

One silica-rich and two calcite-rich reservoir formations are selected for this study: Berea
sandstone, Apulian limestone, and Indiana limestone. Although they are not practically utilized
as host rocks for CO; storage projects, the isotropic and homogeneous properties of these
materials provide advantages in testing the constitutive models. The interconnected porosity and
dominant pore size are measured accurately using the mercury intrusion porosimetry (MIP)
device for all materials, where the relative error for porosity is reported as 3%. At least three
specimens are tested for all measurements, and the average value is reported.

Berea sandstone is a sedimentary rock with predominantly fine to medium-sized grains and is
well known for its high porosity and permeability (107'* m?). Formed in the late Devonian
period, it is located between the Bedford/Ohio shale and Sunbury shale and is also recognized as
the host rock for oil and natural gas (Collins, 1979). This light gray-colored sandstone primarily
comprises sub-rounded to rounded quartz grains of 0.12-0.25 mm (85-90% of mass), with
kaolinite, K-feldspar, and muscovite traces. The interconnected porosity is measured as ¢@=
21.9%, with the dominant pore size on the order of 10 um.

Apulian limestone is chosen to represent the soft calcite-rich (95-98%) rock that also contains
small inclusions of plagioclase, glauconite, and iron oxide. As this pale orange-colored formation
is geologically classified as a glauconitic fossiliferous limestone, the matrix of Apulian limestone
is supported by calcitic mud (micrite) cementations with allochems, which are fragmental
calcitic foraminifera with sizes of 0.05-1 mm. The interconnected porosity is measured to be the
largest among the tested reservoir rocks with ¢= 37.1%, while the dominant pore size is ~1 pm.

The permeability is the smallest of the tested reservoir formations (107!°> m?).
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Indiana limestone, a rigid and stable calcite-rich rock, is well-known for its common application
for buildings and public structures, as it is also called a ‘freestone’, meaning that no preferential
splitting direction exists (Patton and Carr, 1982). This grey and buff-colored Mississippian rock
is composed mainly of calcite (97%), with minor quartz, aluminum oxide, and sulfur portions.

The permeability is 10714 m?, with the interconnected porosity ¢= 12.7%, the dominant grain size

is 1 mm, and the dominant pore size is ~1 pm.

5.3.2. CO: treatment

The CO; treatment tests are conducted in the core flooding system, where the high-pressure
conditions can be experimentally simulated. The laboratory setup consists of the core holder, the
Stigma 500/700 controller (Sanchez Technologies, France, 70 MPa capacity) for the application
of confining pressure, and three syringe pumps (Teledyne ISCO, USA, 25.9 MPa capacity) for
the CO, and water upstream and downstream pressure application (Tarokh et al., 2020).
Cylindrical specimens with a diameter of 50.8 mm (2 inch) and length of 101.6 mm (4 inch) are
tested by installing the viton rubber membrane to isolate them from the confining fluid
(hydraulic oil). Subsequently, using the steel pore pressure platens and spacers, the specimen is
fixed in the core flooding device that generates a passive restraint boundary condition in the axial
direction. The induced axial stress ouc can be calculated by implementing the generalized
Hooke’s law under the assumption of Biot poroelasticity, while the confining pressure is only
applied in the lateral direction o By assuming the axial strain to be zero, the total mean stress
P can be calculated as

_o,+20, 2(1+v) (1-2v)
- 3 3 3

P (5.8)

128



where v is the Poisson’s ratio. Two external pore pressure transducers (Honeywell, USA,
capacity 34.5 MPa) with a resolution of 0.7 kPa are connected to the upstream and downstream
ends of the specimen before the valves leading to the pressure controllers, allowing pore pressure
measurements under the undrained condition.

Before any CO; treatment experiments, full saturation with water must be achieved to avoid free-
phase air affecting the hydromechanical and flow properties measurements. The back pressure
saturation technique is used to reach full saturation (Lowe and Johnson, 1960; Makhnenko and
Labuz, 2016). At a fixed level of Terzaghi effective mean stress P'=P - p/, the applied pore
(back) pressure is increased gradually, and the Skempton’s B coefficient is measured after every
step, with the accuracy of £0.01. Once its value stops changing, the compressibility of the pore
fluid becomes constant, indicating that there is no more air trapped in the pores and the specimen
has achieved full saturation.

The calculation of the Skempton’s B coefficient involves measurement of the pore pressure
under the undrained condition. Due to the compressibility of the pore pressure system that
consists of the pressure transducers, tubes, and valves outside of the specimen, a correction needs
to be applied to report the true B values for rock (Bishop, 1976). The correction factor Ce,- can
be determined by accurately measuring the “dead” volume that refers to the fluid volume within
the pore pressure lines or drainage system and compressibility of the system.

1 1
B= - (5.9
AP 2(1+v)Ag,, (1-2v)a

N “eor C
Apf 3Ap/‘ 3 cor

For the core flooding device used in this study, the value of the correction factor is evaluated to

be Ceor = 0.5%1072, and it only affects reported B values by +0.005 that is smaller than the
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accuracy of the measurements. Thus, for the core flooding device, this correction factor is
neglected.

The CO; treatment is conducted by injecting liquid CO; into the specimen after achieving full
saturation with water under the isothermal condition at room temperature (22°C). Deionized
water is selected as the pore fluid to solely focus on the chemical effect of CO» injection, as it
eliminates the potential chemical reactions due to salinity and mineral impurities when using
brine or tap water. CO; is injected from the upstream at 7 MPa, while the downstream valve is
kept closed, and the total mean stress is controlled in order to maintain P'=4.5 MPa. After the
injection of 40-50 mL of liquid CO», the upstream valve is closed, and the pore pressure is
monitored under the undrained condition. Since it is observed that the pore pressure gradually
decreases to that of the boundary state of liquid and gaseous CO» (6.2 MPa), additional CO» is
injected daily to maintain the CO; in liquid state while keeping the effective mean stress
constant.

Although the injected amount of water and CO» differs among the tested specimens, the CO>
treatment process is assumed to be identical for all materials due to the same CO»> mass solubility
of 0.06 under the experimental conditions. Moreover, as CO> dissolution into water is rapid in
high-pressure conditions and all materials follow the same process, the change in the CO;
dissolution rate during the treatment is neglected. Considering that the time duration of CO»
treatment and the type of material may affect the degree of degradation for reservoir rock (e.g.,
Shi et al., 2019), a three-day treatment period is selected for the soft Apulian limestone to
introduce a controlled (i.e., no macroscopic damage) chemical effect (Kim et al., 2018), while
Berea sandstone and Indiana limestone are treated with CO; for 21 days (Liteanu et al., 2013;

Luquot and Gouze, 2009).
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After completing the CO, treatment, the resaturation of the specimens with water is performed
by running the imbibition tests where CO» pressure is decreased down to the water pressure.
Consequently, the poroviscoelastic and flow properties are measured again for the treated
specimens. The pristine and CO; treated specimens are cored in the same direction from the
same rock block, and the poromechanical measurements are conducted before treatment to verify
that their properties are identical. The main advantage of utilizing the core flooding device for
the CO> injection experiments is the ability to simulate the representative in-situ conditions.
Unlike many studies where specimens are submerged into a batch with a mixture of CO; and
water without any effective confinement applied to the specimen, the core flooding device allows
exertion of realistic stress state and pore pressure during the CO> treatment. As the
poromechanical measurements for the treated specimens are conducted after reaching full
saturation with water, we assume that no chemical reaction occurs at this stage. Moreover,
duplication of the experiments validates the repeatability of the results, emphasizing that
presence of water alone in the reservoir rocks’ pore space does not affect their poromechanical

properties.

5.3.3. Hydraulic properties

Permeability is a material property that measures the capacity of the porous medium to transmit
fluids through an interconnected porous medium, and the constitutive response can be obtained
from coupling the increment of fluid content £ with the fluid flux ¢, based on the mass

conservation equation (Detournay and Cheng, 1993).

dg -
25 4V.g=0 5.10
i q ( )
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Permeability can be introduced from Darcy’s law, an empirical relationship that assumes laminar
and steady-state flow. According to it, the fluid flow rate is a function of the viscosity of the fluid
4 and the differential pressure dp/ along the differential distance x;, and their dependence is

expressed through the permeability coefficient £ when the rock is fully saturated.

f
:_ﬂi% (5.11)
f i

After achieving full saturation, the intrinsic permeability is measured with right cylindrical
specimens using the core flooding device. Pure deionized water is selected as the pore fluid, and
for constant room temperature (22°C), its viscosity £/ is assumed to be 0.001 Pa-s. Water flow is
induced through the specimen by applying differential upstream and downstream pore pressures
(Pup — Plaown = AP'), while the total mean stress is controlled to be constant. The effective mean
stress is calculated by taking pore pressure as the average of the upstream and downstream
pressures. The evolution of the volume of the upstream and downstream controllers is recorded
during the flow that is assumed to be laminar with 10 cm/s being chosen as a flow rate for
Berea sandstone, 10 cm/s - for Apulian limestone, and 10~ cm/s - for Indiana limestone. As the
absolute volume change rates for the upstream and downstream sides become equal, the steady-

state condition is reached. Thus, the permeability can be calculated from knowing the specimen

length L and cross-sectional area A in the direction perpendicular to the flow:

L.
P M L-AV

= 5.12
A-At-Ap” (>-12)

The permeability values are reported with 5% accuracy.
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5.3.4. Bulk compressibility measurements

The jacketed and unjacketed bulk responses of reservoir rock are measured using the hydrostatic
compression test apparatus (Tarokh and Makhnenko, 2019). The hydrostatic cell is filled with
hydraulic oil, and by connecting a syringe pump with a capacity of 51.7 MPa (Teledyne ISCO,
USA), confining pressure can be applied at constant room temperature (22°C). A prismatic 50 x
40 x 40 mm specimen is prepared from pristine or treated cylindrical samples. For the jacketed
test, the specimen is instrumented with resistive strain gauges and then covered with a
polyurethane liquid membrane that cures after a few days, preventing the confining fluid from
penetrating the rock. Once the membrane is completely solidified, the specimen is submerged
into hydraulic oil in the cell. After closing the cell, the hydrostatic pressure is controlled in steps
of 2 MPa for the loading stage up to 50 MPa and the unloading stage down to 0 MPa. The strain
gauge measurements are recorded for the corresponding hydrostatic pressure at each step, after
oil pressure and strain gauge readings reach equilibrium. The bulk volume strain can be
calculated from the three normal strain gauge measurements (& = &x + &y + &:). After the
jacketed test, the membrane is removed while retaining the strain gauges to be properly attached,
allowing fluid to penetrate the pores. Consequently, the stepwise loading and unloading
procedures are repeated for the unjacketed compression test, where 10 minutes are taken at each
2 MPa increment step. The unjacketed boundary condition is attained where the external pressure
becomes equal to the pore pressure (AP = Ap)).

For the uniformity of deformation in the unjacketed compression test, it is essential to confirm
that the pore pressure is equal to the mean stress at each point inside the specimen. The
characteristic time to reach equilibration of the pore pressure can be estimated as tchar ~ Ha/c,

where Hy- is the maximum drainage distance for the fluid equal to the half of the minimum
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specimen dimension in case of the drainage on all sides. The diffusion coefficient ¢ is estimated
to be ~102 m?/s for Berea sandstone, ~10* m?%s for Apulian limestone, and ~10* m?s for
Indiana limestone (Tarokh and Makhnenko, 2019). Thus, the characteristic time is calculated to
be on the order of a few seconds, assuring 10 minutes per loading step is sufficient to reach
equilibrium at each stage. For both jacketed and unjacketed tests, the loading-unloading
procedures are repeated at least two times to confirm the repeatability of the experiment and

these parameters are reported with 5% accuracy.

5.3.5. Time-dependent response

Measurements of the time-dependent behavior of reservoir rock are conducted in the
conventional triaxial compression system at room temperature (22°C) (GDS Instruments, UK).
The system consists of a S0kN load frame, a 4.0 MPa capacity triaxial cell, and three 4.0 MPa
capacity pressure/volume controllers for the confining pressure, and the upstream and
downstream pressures. For both confining and pore fluids, deionized water is utilized. Additional
pore pressure transducers are installed at the upstream and downstream pressure lines to measure
the pore pressure next to the specimen. With the two axial and one lateral LVDTs attached to the
viton membrane around the specimen, its deformation can be monitored (Tarokh et al., 2020).
Adopting deionized water as the pore fluid may affect the clay particles and dissolve the calcite
minerals in reservoir rock (Sjoberg and Rickard, 1984; Zhang and Spiers, 2005a). Since all
materials for this study contain an insignificant portion of clay particles, this effect is considered
to be negligible, which is confirmed by repeated measurements. For calcite-rich rock, we assume
that the pore fluid reaches an equilibrium state for mineral dissolution, as the saturation process

before any measurements usually takes at least a week. Therefore, for both sandstone and
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limestones, the chemical reaction due to CO: injection is the dominant factor affecting the
poromechanical properties.

The poroviscoelastic model parameter — bulk viscosity 774 can be determined under the drained
boundary condition by measuring the volume deformation of the specimen with time (equation
5.1). Alternatively, it has been observed that after achieving full saturation from the back
pressure saturation method, all the air bubbles are dissolved in the pore water, and a pore
pressure buildup dp//dt occurs as the porous rock is compacting with time after application of
constant total mean stress under the undrained boundary condition (equation 5.2). This indirect
measurement of the time-dependent response possesses a significant advantage against the direct
measurement of the viscous deformation regarding accuracy and time, where the effective bulk

viscosity 774 can be calculated as (Makhnenko and Podladchikov, 2018):

S
n, =28 _LPop (5.13)
a(1-¢) dp’ I dt

The lower value of 74 corresponds to more pronounced time-dependent deformation. Calculation
of the bulk viscosity then requires knowledge of the other poroelastic properties (K, B, and )
that need to be measured at the corresponding values of the effective mean stress. The bulk

viscosity values are reported with 10% accuracy.
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5.4. Poromechanical properties

5.4.1. Undrained response

The Skempton’s B coefficient is measured in the core flooding device for pristine and CO»
treated specimens. The undrained loading for Berea sandstone and Indiana limestone is
conducted up to 10 MPa effective mean stress. Considering the low yield limit for Apulian
limestone, the effective mean stress is only increased up to 4.5 MPa to avoid any inelastic
deformation caused by the deviatoric loading applied due to the presence of passive restraint in
axial direction (Kim et al., 2018).

For Berea sandstone, the B value decreases from 0.98 to 0.67 with the increase of the effective
mean stress from 0.5 MPa to 10.0 MPa for the pristine specimen (Figure 5.2). The B values
become lower after CO, treatment, with the new range being from 0.87 to 0.62. For Apulian
limestone, the B values are in the range of 0.70 to 0.48 for the pristine specimen as the effective
mean stress increases from 0.5 MPa to 4.5 MPa, while these values increase to the range of 0.90
to 0.55 after CO; treatment. The Skempton’s B coefficient for Indiana limestone increases due to
CO> treatment: from 0.80 to 0.82 at 0.5 MPa and from 0.18 to 0.23 at 10 MPa, though the

chemical effect is less pronounced than for Apulian limestone (Figure 5.2).
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Figure 5.2. Effective mean stress-dependent Skempton’s B coefficient measured for pristine and
CO2 treated a) Berea sandstone, b) Apulian limestone, and c¢) Indiana limestone.
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5.4.2. Dry and unjacketed response

The effect of CO, treatment on reservoir rock bulk and solid compressibilities is investigated in
the jacketed and unjacketed hydrostatic compression tests. The loading-unloading procedure is
repeated up to 50 MPa to verify the reproducibility of the results as the normal (directional)
strains are recorded on the specimen surfaces. For Apulian limestone, the jacketed compression
test is conducted only up to 30 MPa, since pore collapse for this soft material is observed when
exceeding the yield point at around 39 MPa (Tarokh and Makhnenko, 2019). Although it is not
reported in this study, anisotropy is observed for both the jacketed and unjacketed responses of
Berea sandstone, where the normal strain in one direction is 15-20% larger than in the other two
directions. For limestones, it is observed that minor differences exist in the initial slopes of the
jacketed and unjacketed normal strain measurements, but they eventually become identical,
implying isotropy.

The bulk moduli of the pristine and CO; treated materials are determined from the volume strain
vs the hydrostatic pressure plots shown only for the unloading part of the tests (Figures 5.3-5.5).
The jacketed response indicates the increase in bulk moduli with pressure caused by partial pore
and crack closure and linear response at higher pressures (above 20 MPa). On the other hand, the
unjacketed response presents a constant slope during the whole loading-unloading procedure. For
Berea sandstone, the jacketed bulk modulus decreases slightly from 12.1 GPa to 10.3 GPa (or by
15%) due to CO; treatment. The unjacketed response is measured to be identical for pristine and
treated Berea sandstone, with K’ being constant and equal to 30.0 GPa, indicating no observable
effect from the CO» injection.

For the jacketed response of Apulian limestone, the bulk modulus K decreases due to CO>

treatment from 6.3 GPa to 5.0 GPa (by 20%). The unjacketed bulk modulus K" for pristine
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Apulian limestone is calculated to be 42.7 GPa. For the CO> treated specimen, K= 34.2 GPa,
so a similar to the dry case 20% decrease in stiffness is observed. The values of K and K’ for
Indiana limestone are the highest among the tested rock, where K is measured to be 29.5 GPa for
the pristine specimen and it decreases to 23.1 GPa due to CO> treatment (by 21%). It is also
noted that the treatment decreases the unjacketed bulk modulus of the limestone from 65.9 GPa
to 54.9 GPa (by 17%). In summary, CO; treatment decreases the bulk and solid moduli of

limestones by approximately 20% and decreases the bulk modulus of Berea sandstone by 15%,

while its solid response remains unchanged.
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tests on a) pristine and b) CO; treated Berea sandstone.
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5.4.3. Time-dependent behavior

Considering the timescale of CO» storage operations, understanding the long-term response of
reservoir rock becomes crucial for successful implementation of the GCS projects. In order to
quantify the time-dependent behavior, the ‘indirect method’ is adopted to evaluate the bulk
viscosity 774, which describes the degree of viscous response within the elastic regime (equations
5.1-5.2). For Berea sandstone, Apulian limestone, and Indiana limestone, the bulk viscosity
values are calculated for the water-saturated specimens from the pore pressure buildup measured
before and after the CO; treatment. The total mean stress is fixed at P = 3.5 MPa while the pore
pressure buildup is monitored at different levels of initial pore pressure, usually following the
measurements of the Skempton’s B coefficient. The pore pressure buildup is observed for at least
ten thousand seconds (3 hours), and the linear part of the pressure buildup is taken to calculate
4.

For P'=2 MPa, the calculated bulk viscosity values before and after CO, treatment change from
1.6x10'6 Pa-s to 7.8x10' Pa-s for Berea sandstone, from 4.9x10" Pa-s to 2.4x10"> Pa-s for
Apulian limestone, and from 4.4x10'® Pa-s to 1.7x10'® Pa-s for Indiana limestone (Figure 5.6).
CO; treatment causes the decrease in bulk viscosities by 50-60% for all reservoir rocks, which
indicates the significant increase in time-dependent deformation. It appears that the effect of CO»
treatment on the long-term response could be significantly more pronounced than the effect on
the short-term response. It is to be noted that the term viscoelasticity presumes that the material
deforms in the elastic domain. At the same time, along with the elastic (or recoverable)
deformation, the irrecoverable (viscous) component is also present due to the time-dependent

response (Yarushina and Podladchikov, 2015).
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5.5. Flow properties

5.5.1. Stress-dependent permeability

The permeabilities of the reservoir rock are reported to be on the order of 10"* m?, 10" m?, and
10'* m?, for Berea sandstone, Apulian limestone, and Indiana limestone, respectively. The
permeability increases due to CO; treatment by approximately 10-15% for all the materials,
while the effect is slightly more pronounced for the limestones (Figure 5.7). This implies that
calcite dissolution in limestones increases their permeability, while apparent creation of new
crack-like pores also contributes to the increase in permeability of Berea sandstone. It is to be
noted that the stress-dependency of the permeability has a similar trend even after the CO»
treatment. Apulian limestone appears to be an order of magnitude less permeable than Indiana

limestone because its dominant pore size is an order of magnitude smaller.
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5.5.2. Porosity calculation

Establishing a porosity-permeability relationship for reservoir rock possesses significant
advantages for geoengineering projects where oftentimes assumptions on either hydraulic or
mechanical properties have to be made (Bernabé et al., 2003). Since precise measurements of the
changes of rock porosity at elevated pressures are challenging, it can be determined from the
poroelastic parameters and initial (unconfined) porosity values under the assumption of isotropic
linear poroviscoelasticity (Makhnenko and Podladchikov, 2018):

op_[1-¢ 1 JoP |1 1" P-p’
ot K K’ ot K' K' ot M

(5.14)

Here K" is the unjacketed pore modulus (Detournay and Cheng, 1993). If measurements of
permeability at different values of the effective mean stress are performed at a fixed value of the
pore pressure, the contribution of the second term on the right-hand side of equation (5.14) is
neglected. Similarly, the third term is neglected because the time scale for permeability
measurement is on the order of hundreds of seconds, making the contribution of the time-
dependent deformation at least three orders of magnitude smaller than the deformation caused by
the changes in the effective mean stress. As a result, only the first term on the right-hand side of
equation (5.14) is considered for calculations of the porosity change.

Measurements of the unconfined values of the interconnected porosities and pore size
distributions of pristine and CO> treated reservoir rock are conducted using the mercury intrusion
porosimetry (MIP) device. Small pieces of each material are collected during the sample
preparation, that are utilized for the MIP experiments. At least three samples for each rock in
each state have been tested, and the average values are presented in Figure 5.8. The porosity of

Berea sandstone is reported to be ¢ =0.21940.001 for both pristine and CO; treated samples. The
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porosity of Apulian limestone increased due to treatment from 0.371+0.004 to 0.388+0.004, and
the porosity of Indiana limestone increased from 0.127+0.001 to 0.136+0.001. Here, we assume
that application of 416 MPa mercury pressure was enough to reach all the interconnected pores
in the tested rock (down to 3.6 nm size). The dominant pore size for Berea sandstone (20 pum)
and Indiana limestone (0.7-0.8 um) remained approximately the same after CO: treatment. At
the same time, the dominant pore size for Apulian limestone increased from 0.7 um to 2-4 um

because dissolution has mainly affected micron-scale pores that mainly comprise this material’s

pore space (Kim and Makhnenko, 2021).
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5.5.3. Porosity-permeability relationship

Once the dependence of porosity and permeability on the applied effective mean stress is known,
the porosity-permeability relationship can be established. For this study, the Kozeny-Carman
equation adopting the percolation threshold porosity ¢. is utilized (Bernabe et al., 1982; Bourbié
et al., 1987; Gueguen and Dienes, 1989; Mavko and Nur, 1997). The percolation threshold
porosity is the minimum required porosity to be filled to initiate the connectivity of flow paths

(Kirkpatrick, 1973). In general, the percolation threshold porosity depends on the pore geometry,
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where crack-like pores can be fully connected at almost zero porosity, while spherically shaped
pores require a more significant threshold porosity for the onset of macroscopic connectivity.
Previous studies reported ¢ to be in the range of 0.01 to 0.03 (Mavko and Nur, 1997; Ghasemi
and Bayuk, 2020). Thus, the Kozeny-Carman relationship with percolation can be presented by

replacing the interconnected porosity ¢ with ¢-¢..

(p-¢.)
(1-(6-0.))

Since two parameters, geometric factor S and percolation threshold porosity ¢. are the unknowns,

k=S d’ (5.15)

a numerical calculation using an optimization algorithm is conducted to search for solutions that
minimize the sum of squared errors between the experimental data and model prediction. The
dominant pore size is selected as the characteristic pore diameter d (Figure 5.8). The fitting
results show that a converging curve cannot be determined for any value of the percolation
porosity ¢ between 0.001 and 0.03 (Figure 5.9). Therefore, a modified power-law relationship

introducing the porosity sensitivity exponent z is adopted (David et al., 1994; Doyen, 1988).

o~
k=k,| = 5.16
5 -

The porosity sensitivity exponent is calculated to be n = 7 for Berea sandstone and Indiana
limestone and n = 6 for Apulian limestone (Figure 5.9), being significantly higher than n = 3
from the Kozeny-Carman equation. Moreover, it is to be noted that the CO» treatment of the
reservoir rock does not significantly affect the porosity sensitivity exponent value suggesting that
the power-law relationship obtained for the pristine rock can be utilized in the reservoir

simulations predicting the flow properties of the formation before and after the treatment.
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5.6. Discussion

5.6.1. Poroelastic response

Laboratory experiments are performed to measure the stress-dependent poroelastic properties of
water-saturated reservoir rock before and after treatment with liquid CO». The porosity of Berea
sandstone remains constant, while it increases for Apulian and Indiana limestone by 4-6%. The
Skempton’s B coefficient decreases for the sandstone by 7%, and increases for both limestones
by 10% (at effective mean stress P’ = 10 MPa). The bulk modulus decreases for all three rock
types by 15-20% (compared at P’ > 30 MPa where it becomes approximately constant for all
materials). The unjacketed bulk modulus decreases for the limestones by 20%, but remains
unaffected for Berea sandstone (Table 5.1). This observation is in general agreement with other
tests performed on fluid-saturated reservoir rock (Rohmer et al., 2016; Vilarrasa et al., 2019).
The parameter responsible for the coupling of mechanical and hydraulic loading - Biot
coefficient & can be calculated from the measured drained and unjacketed bulk moduli of the
rock before and after the CO; treatment. In general, o appears to decrease with increasing
effective mean stress as the drained bulk modulus converges to a constant value, while for more
compressible Apulian limestone, this effect is less pronounced as the drained bulk modulus is
almost constant throughout the pressure increase (Figure 5.10). For Berea sandstone, a minor
increase in the Biot coefficient due to CO» treatment (from o =0.60 to 0.65 at P’ = 50 MPa) is
observed due to the slight decrease in the drained bulk modulus. For the limestones, CO>

treatment does not significantly change the Biot coefficient, where « is calculated to be 0.83 (at

30 MPa) for Apulian limestone, and &= 0.56 (at 50 MPa) for Indiana limestone.
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Microimaging analysis show changes in the structure at a microscale level for all materials after
the CO> treatment (Figure 5.11). Dissolution of calcite appears to be the main factor for the
alteration in the bulk and solid moduli of the limestones. Disolution happens over the entire body
of the specimen being just slightly more pronounced in the upstream part. This leads to higher
Skempton’s B values, not only because of the decrease in K and K, but also because of the
increase in the rock’s porosity that makes the undrained response more compliant. At the same
time, the compressibility of calcite itself remains constant, and it is argued that the decrease in
the unjacketed modulus is caused by the creation of new non-connected pores (Kim and
Makhnenko, 2021). As the dissolution and precipitation in calcite-rich rock are usually used as
the explantion of changes in material properties (c.f., Rohmer et al., 2016), the authors
acknowledge that rearrangement of the calcite particles following the dissolution can provide a
better argument. Mangane et al. (2013) reported that a migration of the calcite particles was
monitored during the CO> flow test in Oolitic limestone, as clogging was verified by
microimaging analysis and permeability measurements. Therefore, the particle migration within
the pores of the specimen can also be responsible for the creation of new non-connected pores.

Considering Berea sandstone, the drained modulus and Skempton’s B value decrease after the
CO> treatment. Conversely, the unjacketed modulus and solid modulus of quartz remain
unchanged (Kim and Makhnenko, 2021). It is argued that the CO; injection promotes creation or
enlargement of crack-like pores in water-saturated sandstone, which is reflected in more
compliant drained response at low effective mean stresses. The measured Skempton’s B values
are lower, since the undrained bulk modulus K, could also decrease and B=(K, - K)/aK, (Tarokh
et al., 2020). At the same time, crack-like pores are still connected to the sandstone’s pore

structure, and the increase in crack density does not affect the value of K" Due to this and the
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decrease in K, the reported increase in the value of Biot coefficient « for the sandstone is more
pronounced compared to the limestones, where both the drained and unjacketed bulk moduli

decrease by approximately the same percentage (Figure 5.10).

a) Pristine Berea

" 24

c) Pristine Apulian

e) Pristine Indiana

7

d) CO, treated Apulian

Figure 5.11. ESEM images of reservoir formations for pristine and CO; treated Berea sandstone
(a) and b)), Apulian limestone (c) and d)), and Indiana limestone (e) and f)).
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Table 5.1. Summary of the poroviscoelastic (Skempton’s B coefficient, drained bulk modulus X,
unjacketed bulk modulus K', and bulk viscosity 74) and hydraulic (permeability & and porosity
@) properties of Berea sandstone, Apulian limestone, and Indiana limestone.

Berea Apulian Indiana
sandstone limestone limestone
Pristine 0.219 0.371 0.127
PL-] €Oz 0.219 0.388 0.136
treated
k [mD] Pristine 186 7.5 &0
— C02
(P=4.5 MPa) treated 210 8.2 84
B[] Pristine 0.79 048 0.33
(P'=4.5 MPa) €O 0.69 0.55 0.41
treated
K [GPa] Prés(t)me 2.9 4.5 18.5
(: 2
(P=4.5 MPa) treated 2.8 4.2 13.5
Pristine 42.7 65.9
K,'[GPa] CO; 30.0
treated 34.2 54.9
a[-] Pristine 0.9
LS CO2 0.9 0.75
(P=4.5 MPa) treated 091
s [Pas] Pristine 1.6x10' 4.9x10" 4.4x10'
P'=2.0 MPa €O, 7.8x101 2.4x101 1.7x10'®
treated
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5.6.2. Bulk viscosity

Further investigation is conducted on the stress-dependency of the bulk viscosity (Figure 5.12).
Analysis of the measured 774 values shows that the time-dependent response is governed by both
the pore pressure p/ and the total mean stress P. It has been observed that bulk viscosity has a
tendency to decrease with the increase in the ratio between the pore pressure p/ and the total
mean stress P rather than just being a function of the effective mean stress (Makhnenko and
Podladchikov, 2018). The CO; treatment leads to the decrease of the bulk viscosity for all
materials for a given p//P ratio. For Berea sandstone and Apulian limestone, 74 values are
measured to be ~10'° Pa-s and decreasing due to CO> treatment by 50%. For Indiana limestone,
14 values are in the order of 10'® Pa-s and decrease by 60% due to the treatment at low p//P
values.

The dissolution of calcite is argued to be the main cause of the bulk viscosity decrease in
limestones since newly created pores can serve as points for microscale stress concentration and
promote time-dependent deformation of the calcite-rich rock (Zhang and Spiers, 2005b). For
Berea sandstone, minor alterations of the quartz grains and intergranular material are observed
but apparently do not affect the solid response of the material. At the same time, the crack
density in the sandstone increases, possibly due to stress corrosion cracking. If the pore fluid
becomes chemically active, stress corrosion cracking, describing rock—fluid interactions at the
crack tip, can increase the rate of time-dependent deformation by increasing the length of
existing cracks and weakening bonds between the grains (Atkinson and Meredith, 1987, Tang et
al., 2018). The stress corrosion cracking is related to Si-O bonds becoming weaker (activated)
due to the strain-induced reduction in the overlap of atomic orbitals, which can become broken at

lower stresses than the strained bonds (Michalske and Freiman, 1982). This process has been
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shown to be affected by the level of pore fluid pH, which implies that the CO» treatment may
promote crack propagation (Atkinson and Meredith, 1987). The dissolution kinetics directly
related to stress corrosion is significantly promoted at lower pH values, which can also explain
the stress corrosion cracking in the sandstone (Krauklis et al., 2019). Stress corrosion can also
induce the microseismic activity in sandstones, sometimes without really affecting their elastic
and strength characteristics (Brantut et al., 2013; Makhnenko et al., 2020). Also, as the stress
corrosion affects the cracks at the nanoscale (Bonamy et al., 2006), it can explain the observed
small increase in the permeability, while the measured porosity does not change due to the
resolution of the MIP device (4 nm). As crack growth is a combination of the chemical process
and pure mechanical bond rupture, an explanation of the crack propagation under hydrostatic
loading needs to be provided (Atkinson and Meredith, 1987). At a microscale level, a small
anisotropy of the reservoir rock may still induce shear stresses, which can also contribute to the
crack propagation. This effect is expected to be inhibited with increasing effective mean stress
due to the crack closure, which would require further analysis.

While the existing studies reported that time-dependent deformation rates increase with the
increase in deviatoric loading (cf., Brantut et al., 2013), here we observe that the time-dependent
deformation of reservoir rock is accelerated with the increase in p//P (or decrease in P’) under the
hydrostatic loading. Compression loading induced processes combined with the decrease in the
effective mean stress can promote local stress concentration and eventually accelerate the time-
dependent response, which is reflected in reduced values of the bulk viscosity (Makhnenko and
Podladchikov, 2018). In addition, the local chemical effects, induced by CO; injection in water
and subsequent decrease in pore fluid pH, can noticeably influence the long-term behavior. A

range of microscale mechanisms, including atomic diffusion, dissolution, ion exchange,
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microplasticity, and stress corrosion, could be responsible for subcritical crack growth and
subsequent time-dependent deformation (Atkinson and Meredith, 1987). In general, creep strain
rates are reported to be very sensitive to environmental conditions, such as differential and mean
stresses, temperature, and pore fluid composition, as well as water saturation and pore pressure
(Bernabe et al., 1994; Brantut et al., 2013). The effect of pore pressure and chemical (in our case
- CO») treatment on the rates of time-dependent deformation is confirmed by the presented

experimental data.
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Figure 5.12. Bulk viscosity calculated from undrained pore pressure buildup at different levels of
pore pressure to mean stress ratio p//P for a) Berea sandstone, b) Apulian limestone, and c)
Indiana limestone.
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5.6.3. Poroviscoelastic model validation

Measured volume strains can be compared with the model prediction based on equation (5.1)
where the poroviscoelastic parameters of the pristine and CO; treated materials are adopted for
P’=2 MPa. For all materials, the poroviscoelastic model with input parameters measured during
the undrained pressure buildup presents a good agreement with the directly measured volume
strain (with the accuracy of 107). In addition, a significant effect of CO, treatment on the volume
strain evolution is observed, as the time-dependent deformation rate increases by 40-80% (Figure
5.13). While increasing pore pressure generally accompanies expansion, in case of our
experiments conducted under the constant hydrostatic load and undrained boundary conditions,
the specimens are compacting during the pore pressure buildup. Time-dependent deformation of
a rock saturated by acidic fluid is a complex process where pore-scale processes including
mineral dissolution, subcritical crack growth, and stress corrosion contribute to the observed

acceleration of material compaction caused by CO» treatment.
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by the model) for pristine and CO> treated a) Berea sandstone, b) Apulian limestone, and c)
Indiana limestone.
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5.6.4. Limitations of the model

For this study, Biot poroelastic model combined with Maxwell’s viscoelasticity is selected to
describe the short- and long-term response of water-saturated reservoir rock to CO: injection.
Compared to other constitutive models, linear poroviscoelasticity relationships provide a
significant advantage in terms of simplifying the time-dependent behavior by introducing only
one parameter — bulk viscosity 74 (Huang and Ghassemi, 2017; Simakin and Ghassemi, 2005).
This parameter is directly related to the rate of time-dependent deformation and can be measured
via straightforward experiments (Makhnenko and Podladchikov, 2018). Nevertheless, the
potential limitations of the model should be discussed.

Firstly, the performed measurements of bulk viscosity are based on the condition where the
specimens are taken out of the equilibrium state. This quasi-dynamic loading effect (on the order
of minutes) can be extended to influence the consequential pore pressure buildup and affect the
measurements. Longer term observations (lasting from days to weeks) could possibly indicate
larger values of 74 , hence smaller deformation rates. At the same time, in two-month long
experiment performed on clayey material, continuous pressure buildup has been observed. Even
though the pressure change was decreasing with time — it still corresponded to approximately the
same value of the bulk viscosity (Makhnenko and Podladchikov, 2018). The experimental
procedure used in this study implies that the time-dependent response may affect the
measurements of poroelastic parameters. Particularly, as the experiments show that the viscous
response of reservoir rock is promoted due to CO; treatment, this effect is expected to be
important for accurately assessing the bulk modulus and Skempton’s B values for the treated
rock. Thus, their measurements are conducted for 1 minute for all specimens to minimize this

inaccuracy.
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Secondly, the important contribution of the shear stress to time-dependent deformation of
geomaterials is not considered here, while only hydrostatic loading is applied. Subsurface
materials at depths typical for CO, storage (1-3 km) can be subjected to relatively large (tens of
MPa) deviatoric in-situ stresses (van der Meer, 1992). Many experimental studies were
conducted to explore the effect of shear stress on the time-dependent behavior of subsurface
formations, as deviatoric loading was applied at different boundary conditions (Hangx et al.,
2010; Li and Xia, 2000; Sone and Zoback, 2014; Yang et al., 1999). While it is oftentimes
reported that the deviatoric stress promoted the time-dependent response (Brantut et al., 2013),
the conclusions for water-saturated rock are not consistent (Rohmer et al., 2016). Our
preliminary experiments with the application of the shear stress also indicate that if deformation
of the rock is kept within the viscoelastic range — the effect could be the opposite: the higher is
the deviatoric loading — the smaller is the time-dependent deformation, and the higher is the bulk
viscosity. A further accurate study with a range of applied mean and shear stresses and pore
pressures is needed to address this phenomenon.

Another critical concern is related to the scale effect on the bulk viscosity. We report the
laboratory measurements of the bulk viscosity to be on the order of 10'°-10'® Pa-s. Typical
viscosity of solid Earth materials is estimated to be in the range of 10'°-10?? Pa-s (Karato, 2010),
but smaller values are expected for porous and fluid-saturated rock (Renshaw and Schulson,
2017). This discrepancy can be related to the measuring method where extra pore pressure
cannot dissipate in sealed rock specimens, but at reservoir scale, the formations could be much
more permeable and significantly more compressible due to the presence of fractures, lessening
the compaction effect on time-dependent deformation. Hence, one should use the reported values

carefully trying to predict long-term reservoir response to CO; injection. At the same time, the
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presented results are important for indicating the time-dependent deformation of fluid-saturated

rock and changes in its behavior caused by CO> treatment.

5.7. Conclusions

This study investigates the effect of CO, treatment on reservoir rock’s short- and long-term
behavior. Berea sandstone, Apulian limestone, and Indiana limestone are selected as
representative materials for silica-rich and calcite-rich formations. CO; treatment at elevated
pressure conditions is conducted using the core flooding device, and the poromechanical
properties (short- and long-term) are measured in hydrostatic and triaxial compression
experiments performed on fluid-saturated rock specimens before and after the treatment. For the
jacketed (dry) and unjacketed (solid) response, the CO> treatment leads to a decrease of
corresponding bulk moduli of limestones by approximately 20%. For Berea sandstone, the
jacketed bulk modulus decreased by around 15%, while no change is observed for the unjacketed
bulk modulus. The time-dependent behavior measurements show that the CO; treatment
decreases the bulk viscosity by 50-60% for all materials, promoting more rapid viscous
deformation. It appears that the permeability of all tested rock increases due to CO» treatment by
10-15%, while the power-law porosity-permeability relationship remains unchanged.

We argue that the explanation of the observed phenomena can be provided via observing the
microstructural changes in the tested rock. Surface electron microscopy and mercury intrusion
porosimetry indicate dissolution happening in both limestones and increasing the fraction of
micron scale pores. At the same time, the porosity of the sandstone does not change while its
drained and apparently undrained responses become more compliant. We believe that it can be

explained by the promotion of stress-corrosion cracking in the material that becomes saturated
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with acidic mixture of water and CO,. While the adopted poroviscoelastic model has a number of
limitations, this approach highlights the importance of properly characterizing the short-term and

time-dependent behavior of reservoir rock in CO; storage projects.
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CHAPTER 6: DEVELOPMENT OF HYDRO-MECHANICAL-CHEMICAL MODEL
DESCRIBING RESERVOIR ROCK RESPONSE DURING CO2 STORAGE

6.1 Introduction

Multiphysical processes occurring during CO:> injection affect the mechanical stress, pore
pressure, temperature, and chemistry of the adjacent reservoir formation. Moreover, as each
physical aspect can mutually influence the others and vice versa, this complex phenomenon
requires a fully coupled analysis rather than just discrete observations of the chemical effect on
the rock properties. Thus, hydro-mechanical-chemical (HMC) coupling studies have been
suggested for isothermal conditions, where the change in the material’s chemistry is considered
with the rock porosity and compressibility (Jun et al., 2013; Emmanuel et al., 2015; Gajo et al.,
2015). Furthermore, additional investigations have been conducted to establish an HMC coupled
constitutive model, as most studies adopted the chemical reaction to the governing equations (Hu
et al., 2012; Ciantia and Hueckel, 2013; Malvoisin et al., 2015; Omlin, 2016; Schmalholz et al.,
2020; Cai et al., 2021; Kadeethum et al., 2021). However, as the existing studies introduce
conceptual parameters such as the free energy of the solid and fluid phase, the application of
these models is very limited because they require the knowledge of fluid and solid properties
(e.g., concentration of cations) that are difficult to be measured directly (Hu et al., 2012).
Therefore, a number of studies have been limited to pure numerical simulations (Hurter et al.,
2007; Malvoisin et al., 2015; Omlin, 2016; Cai et al., 2019; Fan et al., 2019; Tao et al., 2019).
Another important question that arises is how the poromechanical behavior of reservoir
formations may be affected by the duration of CO; treatment. Al-Ameri et al. (2016) conducted
CO> treatment experiments to observe the effect of CO> storage time on the mechanical

properties of Pink Desert limestone. The Young’s modulus, Poisson’s ratio, and uniaxial
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compression strength gradually decreased with time, as the results agree with other experiments
(Vialle and Vanorio, 2011; Marbler et al., 2013). Shi et al. (2019) also compared the porosity
change between one and two weeks of CO> aging time, reporting the increase in the porosity
with the treatment duration. In general, most of the experimental studies are limited to reporting
the change in the poromechanical properties with the duration of CO; treatment.

Here we attempt to extend the preceding findings by adopting a coupled HMC model based on
previously introduced poroviscoelastic relationships with the aim of including the effect of the
duration of CO; treatment on the poroviscoelastic properties of the reservoir rock. We introduce
a novel experimental setup that allows measurements of the poroviscoelastic properties at high-
pressure conditions with CO> treatment. Since sandstone and limestone are the two most
common reservoir rock types, Berea sandstone and Indiana limestone are selected as the
representative materials. The short- and long-term poroviscoelastic properties of reservoir rocks
are measured for the pristine, 1-week, 2-weeks- 3-weeks CO, treated samples. Accordingly, the
effect of the CO> treatment time on the poromechanical properties is included in the HMC model
via the variation of rock’s porosity. For further validation of the suggested model, the effect of
COy treatment on another monomineralic rock — Apulian limestone, is adopted for its

poroviscoelastic properties.
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6.2 Hydro- Mechanical-Chemical Model

Chemo-poro-visco-elastic model that considers a porous and viscous system with volatilization
reaction is selected to describe the hydro-mechanical-chemical coupling (Malvoisin et al., 2015;
Omlin, 2016). The stress state of the porous media can be addressed by the Terzaghi effective
mean stress P’ = P — p/, where P is the total mean stress, and p/ is the pore fluid pressure.
Subsequently, for the two dynamic variables P and p/, the corresponding kinematic parameters:
volume strain ¢ and increment of fluid content ¢ are introduced (Biot, 1941; 1957). Biot’s
poroelastic model is then extended to include Maxwell’s viscoelasticity at a macroscopic scale
(Yarushina and Podladchikov, 2015; Makhnenko and Podladchikov, 2018). In addition to the
poroviscoelastic response, the chemical effect of CO: injection is included by adopting the
volatilization reaction to the system (Malvoisin et al., 2015; Omlin, 2016). As the reactive model
considers the exchange of volatile species between the fluid and solid, chemo-poro-visco-elastic
constitutive relationships are introduced, where equations for the increment of fluid content

(fluid mass conservation) and porosity are extended for the chemical reaction.
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The time derivatives of &, ¢, and ¢ are expressed in terms of a number of parameters (K, K', B,

14, Rx¢, Rx, and X) that need to be thoroughly understood.
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As all the poroviscoelastic properties are introduced in Chapters 4 and 5, here we focus on the
parameters describing the chemical coupling. Assuming that the only chemical reaction during
CO> treatment is dissolution/precipitation, Ryc and Ry — the reaction parameters, and X — the
mass fraction of the volatile species are introduced. The reaction parameter can be defined for
the increment of fluid content Ry, and porosity Ry, as the ratio of the change in the increment of
fluid content and porosity to the alteration of the volatile species, respectively (Omlin, 2016). As
the CO; treatment is conducted under the undrained condition for this study, parameter X refers
to the mass fraction of the bicarbonate dissolved in the pore fluid, that would react with calcite. It
is to be noted that the chemical reaction only affects the mass conservation for the increment of
fluid content ¢ and porosity ¢ (equations 6.2 and 6.3), while it is not directly reflected in the
volume deformation (equation 6.1).

Previous studies reported that the pressure controlling kinetics of the chemical reaction is the
fluid pressure under isothermal conditions, and the initial mass fraction of the volatile species X
can be expressed as a function of fluid pressure p/: X = Xy + dX/dp’ - p/ (Holdaway and Goodge,
1990; Llana-Fanez S et al., 2012). This expression can be simplified to a linear relationship by
applying Henry’s law, where p/i/p/> = Xi/X>. As the CO; treatment is conducted at an identical
stress state (P = 11.5 MPa, p/ = 7 MPa), this initial mass fraction of bicarbonate is constant for
this study as 0.06, as the dissolution of CO; is a function of pressure and temperature (Perry and
Chilton, 1973; Ma et al., 2017; Kim and Makhnenko, 2021). As the chemical kinetics towards
equilibrium generally follows the non-linear fitting curve, X(¢) = a-e®" + ¢ is utilized to estimate
X, where a, b, and c are fitting parameters and time ¢ is an independent parameter (Eatough et al.,

1974; Conners, 1987). It is to be noted that the chemical reactions affect the fluid mass
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conservation equation and the porosity, but does not directly impact the bulk deformation, as the

chemical part is not included in equation 6.1.

6.3. Experimental Methods

The modified hydrostatic compression system is developed and utilized to accurately measure
the poroviscoelastic properties of reservoir rock. The system consists of a hydrostatic
compression cell and two pore fluid vessels, where water or CO> can be filled. Pristine
specimens are prepared in prismatic shapes with a diameter of 23x23x30 mm and sets of
resistive strain gages are installed on the surfaces to monitor the deformation in three
perpendicular directions. Then, the specimen and the pore platens are thoroughly covered with
polyurethane to prevent the confining oil from intruding into the pores while connected to the
pore fluid cylinder. The confining and pore pressures are controlled by syringe pumps (Teledyne
ISCO, USA) with 25.8 MPa capacity, and external pressure transducers (Omega, USA) are
installed to allow independent pore pressure measurements at undrained conditions. To resume
isothermal conditions, the modified hydrostatic compression system is located inside a
temperature-controlled air bath (Figure 6.1).

The drained and unjacketed bulk moduli are measured after reaching full water saturation. In the
drained test, the initial pore pressure is set as 1.5 MPa, and the confining pressure is increased
from 1.6 MPa to 25.6 MPa in 2 MPa steps. Although the pore pressure is relatively low, full
saturation is assured by applying the by the back saturation method.The unjacketed bulk modulus
is measured by increasing both the confining and pore pressure in 2 MPa steps up to P = 25.6
MPa and p/ = 25.5 MPa. The bulk deformation is monitored during the loading-unloading

procedure, and the experiment is duplicated to confirm repeatability. As the modified hydrostatic
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compression system allows determining the bulk moduli after achieving full saturation, the
measurements are compared with those under zero initial pore pressure conditions (dry). The
presence of pore water is found not to affect the bulk and solid deformation of the tested
reservoir rock, similar to the findings of Tarokh and Makhnenko (2019). The modified
hydrostatic compression system is also capable of determining the time-dependent behavior at
high-pressure conditions. After reaching full saturation, the pore pressure buildup is monitored
for more than six hours under the undrained condition after measuring the Skempton’s B
coefficient. As the time-dependent deformation may affect the measured B values, those are

reported from the short-term loading experiments that last just for one minute.
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Figure 6.1. Sketch of the modified hydrostatic compression system where the deformation of
prismatic rock specimens can be monitored with sets of strain gages. The confining pressure
controller is used to apply all-around oil pressure up to 53 MPa and two pore pressure controllers
allow injection of water and CO»> at pressures up to 37.5 MPa.

As the main objective of this study is to characterize the effect of CO» treatment time on the
poroviscoelastic properties, the experiments are conducted in the following procedure. First, a
pristine specimen is installed in the device, and the backpressure saturation technique is utilized
to reach full saturation indicated by no change in the Skempton’s B coefficient values at fixed

effective mean stress (Makhnenko and Labuz, 2016). Then, the drained and unjacketed bulk

moduli are measured by changing the confining and pore pressures. Consequently, the time-
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dependent response is assessed by monitoring the pore pressure buildup under the undrained
condition.

After accurately measuring one set of the poroviscoelastic properties, the CO> injection is
conducted to monitor the chemical effect of CO> treatment. With the downstream valve closed
(undrained), liquid CO> at 7 MPa is injected from the upstream side, while the effective mean
stress is maintained at 4.5 MPa. After injecting 4-5 mL of CO», the volume of the upstream CO»
pump remains constant, indicating an equilibrium state of the dissolution of CO» into water.
Then, the upstream valve is closed, and the CO» treatment is conducted for 7 days under the
undrained condition, as the time-dependent deformation is recorded. The pore fluid pressure is
also monitored during this process to ensure that it does not decrease.

After a week of CO, treatment, the CO; in the pores is flushed sufficiently with deionized water
at low pressure (~1 MPa) conditions. The release of pressure and relatively large pore sizes of
the tested materials allow to assume that CO> is completely removed from the pores after
flushing them with water exceeding the pore volume by more than one hundred times.
Consequently, the measurements of the poroviscoelastic properties after 1-week of CO»
treatment are repeated after reaching full saturation with deionized water, and the above
procedures are repeated after the second and third weeks of the treatment. Although the time-
dependent response can be monitored during the CO» treatment process, the poroviscoelastic
properties (K, K;', B, and 7y) for each period (1, 2, and 3 weeks) are measured after completely
removing CO; from the pores (at full water saturation) to exclude the chemical impact that
presence of CO2 may have on them during the experimental procedure.

For Berea sandstone and Indiana limestone, the poroviscoelastic properties are measured at the

pristine, 1 week, 2 weeks, and 3 weeks treatment state. An additional material is considered for
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the model validation — Apulian limestone is tested in the core flooding device and its

poroviscoelastic properties are reported only for the pristine and 3-days CO» treated specimens.

6.4 Results

The poroviscoelastic properties of Berea sandstone and Indiana limestone are measured after 0-
weeks, 1-week, 2-weeks, and 3-weeks CO; treatment. The results of stress-dependent
Skempton’s B coefficient measurements are presented in Figure 6.2. For Berea sandstone, it is
observed that no significant change in this parameter happens during the three weeks of
treatment, as the measured values all fall within the error range of £0.01. In contrast, the results
for Indiana limestone show that the Skempton’s B coefficient increases with the duration of CO»
treatment at all effective mean stresses. Also, it can be seen that changes in the B values are more
pronounced at the initial stage (from pristine to 1-week), as the effect becomes less pronounced
with time.

The compressibilities of the reservoir formations under drained and unjacketed conditions are
also measured, while increasing the CO; treatment time (Figure 6.3). For all experiments, the
initial pore pressure is set as 1.5 MPa, as the confining and pore pressures are controlled to
determine the bulk moduli. The results for Berea sandstone show that for both drained and
unjacketed bulk moduli, no effect of CO» treatment is observed with time, as all the bulk
responses are reported to be almost identical. The drained bulk modulus changes at the initial
stage of loading due to crack closure in the sandstone and becomes constant and equal to 12.1
GPa after exceeding P' = 15 MPa. The unjacketed bulk modulus is determined to be stress-
independent and equal to 30.2 GPa. On the other hand, both drained and unjacketed moduli of

Indiana limestone are significantly affected by the CO; treatment. For the drained response, K is
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measured to be 30.2 GPa when the response of the pristine limestone becomes linear at P’ > 15
MPa. However, as CO; treatment duration increases, the K values in the linear region decrease
gradually to 23.0 GPa. The unjacketed bulk modulus shows a similar trend decreasing from 64.5
GPa for pristine Indiana limestone down to 53.0 GPa after three weeks of CO; treatment. It is to
be noted that the trends that the bulk moduli K and K;' are following are similar to the changes in
the B values, where the effect of CO» treatment on the parameters is more pronounced at the

initial stage but reduces with time.
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Figure 6.2. Change in the stress-dependent Skempton’s B coefficient of a) Berea sandstone and
b) Indiana limestone due to CO; treatment for up to 3 weeks.
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Figure 6.3. Change in (a) drained (K) and (b) unjacketed (K;') bulk moduli of Berea sandstone
and (c) drained and (d) unjacketed bulk moduli of Indiana limestone due to CO» treatment for up
to 3 weeks.

The pore pressure buildup for Berea sandstone and Indiana limestone at P' = 4.5 MPa are
monitored after different CO treatment durations (Figure 6.4). For pristine Berea sandstone, the
bulk viscosity 74 is calculated as 1.6x10'® Pa-s. With the increasing CO> treatment time, the 774
values decrease gradually, reaching 5.3x10'° Pa-s after 3-weeks of treatment. Similarly, the bulk
viscosity values for Indiana limestone also reduce from 5.2x10'® Pa-s to 8.5x10'° Pa-s, implying
that the length of CO> treatment plays the role in changes of the time-dependent response. The

changes in poroviscoelastic response for both rocks are most pronounced between the pristine

and 1-week specimens. Interestingly, it is to be noted that the long-term time-dependent
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deformations of both rocks are promoted by the CO» treatment, while it is previously presented
that the short-term poroelastic properties of sandstone do not change during the same treatment
procedure. An explanation for this phenomenon is provided in Chapter 5, where the mechanisms
for the chemical effect of CO; treatment on the limestones (chemical dissolution) and sandstones

(subcritical crack growth and stress corrosion) are proposed to be significantly different.
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Figure 6.4. Changes in the pressure buildup of a) Berea sandstone and b) Indiana limestone due

to CO» treatment for up to 3 weeks. The bulk viscosity 774 is reported for each experiment.
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The relative errors for all reported properties are determined from the relationships provided in
Chapter 2. The relative error in porosity determination is 3%, the Skempton’s B coefficient -
5%, drained and unjacketed bulk moduli - 3%, and it is 10% for the bulk viscosity due to the

errors of all the parameters that contribute to its calculation.
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6.5 Discussion

The poroviscoelastic properties of Berea sandstone and Indiana limestone are accurately
measured every week during a three week-long CO» treatment process. The stress-dependent
poroelastic properties B, K, and K" are reported. No effect of CO, treatment is observed on Berea
sandstone, while for Indiana limestone, measurements indicate that the compressibility increases
due to chemical dissolution. Similarly, the stress-dependent bulk viscosity is measured at three
different stress states, as 775 has been reported to be affected by both p/ and P, showing a
tendency to decrease with the increasing p//P ratio (Makhnenko and Podladchikov, 2018).

The bulk viscosity values determined from the modified hydrostatic compression system are
combined with those reported in Chapter 5 and presented in Figure 6.5. For both Berea sandstone
and Indiana limestone, the decrease in the bulk viscosity values is observed at different p//P
ratios, with the strongest effect happening during the first week of CO: injection. In addition, the
stress-dependent bulk viscosity values for the pristine and CO> treated Apulian limestone are
adopted from Chapter 5, where it is shown that the CO; treatment also promotes time-dependent

deformation.
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Figure 6.5. Stress-dependent bulk viscosity 774 measured for pristine, 1-week, 2-weeks, and 3-
weeks treated a) Berea sandstone and b) Indiana limestone.
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The chemo-poro-visco-elastic model is then adopted to determine the chemical reaction
parameters, as the poroviscoelastic properties are expressed as a function of time. Since the
experimental setup for this study cannot accurately measure the changes in porosity during the
CO> treatment, the porosity values of the pristine and 3-week treated samples are taken from the
previous study conducted with the same materials (Kim and Makhnenko, 2021).

As no effect of CO; treatment is observed for Berea sandstone and its time-dependent porosity
variation is negligible, the results for the HMC coupled model are expected to be identical to that
of the HM model. Moreover, as the HMC coupling assumes calcite dissolution as the only
chemical reaction, it implies these constitutive equations can only be adopted for the rock that
contains a significant amount of calcite, i.e., the limestones and shale. Verification of this
method is conducted for Apulian limestone, where the poroviscoelastic properties (K, K,', B, and
n¢) for pristine and 3-days CO; treated specimens are adopted from the measurements reported
in Chapter 5. It is to be noted that both Indiana and Apulian limestones are mostly composed of
calcite (>97%), and it can be assumed that calcite dissolution is the dominant chemical reaction.
The poroviscoelastic properties are introduced in Table 6.1. Assumptions are made for the
chemical reaction rate for calcite dissolution, where they are identical for both Apulian and
Indiana limestone. Presuming that the porosity variation follows the non-linear curve with the
same degradation exponent for calcite dissolution (b = 0.07), its change during three weeks of
CO; treatment can be estimated. Then, the contribution of the chemical dissolution to the
porosity change can be calculated by comparing the HM coupling (neglecting the chemical part
in equation 6.3) and HMC coupling (Figure 6.6).

Results for all materials show that the porosity decreases with time in the HM model due to

compaction during the time-dependent deformation. The chemical reaction is the most
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pronounced on Apulian limestone, as the porosity change is more significant. The chemical
parameters Ry and X can be determined from equation 6.3 (Figure 6.7). A single relationship for
mass fraction of the volatile species X is assumed for both limestones, where the slope dX/dt
gradually reduces, implying that the chemical reaction rate decreases. Also, by assuming the
initial mass solubility is linearly related to the fluid pressure, the expression for X as a function of

t (in hours) and p/ (in MPa) can be provided

X(t.p") ~ =0008-p’ - (6.4)

Indiana
As parameter Ry explains how much porosity has altered due to changes in mass fraction of the
volatile species X, the results reveal that the dissolution effect is larger for Apulian limestone
than for Indiana limestone. This indicates that Ry is more than merely a ratio of the porosity
change to the mass solubility change, as it also provides information on the rate of the
dissolution of porosity. Furthermore, since Ry increases with dissolution during the treatment, it
can be related to the changes in specific surface area S and porosity ¢ (Vanorio et al., 2011). The
specific surface area can be obtained from the mercury intrusion porosimetry measurements. It is
reported to increase from 0.9 to 1.6 m?/g, 0.4 to 0.6 m*/g, for Apulian and Indiana limestones,
respectively. Also, the significant difference in the porosity of the two materials implies that the
specific surface area for Apulian limestone is much larger, meaning more surface is in contact
with the carbonate acid for dissolution. Further detailed analysis is required to quantitatively
relate Ry to the specific surface area. Thus, understanding the dissolution effect on the porosity
of limestones involves a coupled analysis regarding the fluid pressure, mass solubility, and
potentially the reactive surface area.

Although previous studies present that the time-dependent deformation with the chemical effect

matches the poroviscoelastic model, this study emphasizes that the chemo-poro-visco-elastic
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constitutive model needs to be adopted for the variation in porosity during CO> treatment, since
the chemical dissolution of the pore volume itself is mainly responsible for the porosity change.
The chemical effect of CO> treatment on the behavior of limestone can be estimated from
poromechanical measurements during the treatment procedure and needs to be included in the
constitutive model for the change in porosity. However, some limitations may exist regarding the
verification and calibration of the model, which require further discussion. As the chemical
aspect in the constitutive model is attributed to only calcite dissolution, the application of the
model is limited to the materials where Ca is the only reactive element with acidic CO»-water
mixture. At the same time, previous studies reported that other minerals, such as K-feldspar,
albite, and anorthite, can also be chemically affected by CO» treatment (Law and Bachu, 1996;
Gunter et al., 1993; 1997). While it is acceptable for this study where the tested limestones are
mostly composed of calcite, it becomes important for other materials containing a considerable
portion of the other minerals that would simultaneously affect the concentration of the volatile
species. Moreover, characterization of Ry in equation 6.2 needs to be conducted, as the chemical
effect on the increment of fluid content is also important regarding the mass conservation.
Regarding these issues, the limitations may be overcome by directly measuring the ion
concentration of the pore fluid, utilizing the ion-selective microelectrodes, where calibration and
modification of this model can be conducted for extensive types of rock. Although there are
difficulties in measuring the chemical responses at high-pressure conditions, this would also
verify the constitutive equation for the fluid mass conservation law (equation 6.2).

Lastly, limitation regarding the boundary condition for CO> treatment needs to be discussed. As
the undrained CO: treatment procedure utilized in this study is not often the case in field

applications, the provided findings may be only applicable to the areas where dissolved CO2
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exists. Future work may be proposed by extending this research to the open system, where

continuous flow is introduced.
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Figure 6.6. Comparison of the HM and HMC coupling model predictions of the porosity
variation for a) Indiana limestone and b) Apulian limestone.
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Table 6.1. Summary of the measured values of the chemo-poro-visco-elastic properties (B, K,
K', ng, and Rx) and specific surface area S at different CO; treatment times (reported at P’ = 4.5
MPa). The values of Rx provided for Apulian limestone are based on the calculations that adopt
the measurements reported in Chapter 5.

Berea Indiana Apulian
sandstone limestone limestone
Weeksof | 1) | 5 | 3| 1 2 3 0 3
treatment
@ [%] 21.9 12.7 - - 13.6 37.1 38.8
B[-] 0.78 0.32 0.36 0.38 0.40 0.48 0.55
K [GPa] 5.0 23.5 18.2 17.7 17.1 4.5 4.2
K,'[GPa] 30.2 64.5 56.0 54.8 53.0 42.7 342
Ny
[x10' Pa-s] 16| 74 | 58 | 5.3 52 16 11 8.5 4.9 2.4
f_)]( 0 0.18 0.19 0.21 0.23 1.51 1.66
S [mz/g] 0.6 0.4 - - 0.6 09 1.6
Calcite
content 0 97 - 97 98 98
[%]

6.6 Conclusions

The multiphysical processes that occur during CO; injection are investigated by adopting a
coupled hydro-mechanical-chemical model. Short- and long-term responses of Berea sandstone
and Indiana limestone to CO> treatment are explored. The modified hydrostatic compression
system allows characterization of the poroviscoelastic properties at high-pressure conditions,
while also allowing controlled CO> injection process. The injection is performed for three weeks,
while the Skempton’s B coefficient, drained bulk modulus, unjacketed bulk modulus, and the
bulk viscosity are measured after every week of treatment. While no significant effect is
observed for Berea sandstone, the observations of dissolution in Indiana limestone allow

evaluation of its chemo-poro-visco-elastic properties. The hydro-mechanical-chemical coupling
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model is validated by introducing another calcite-rich rock — Apulian limestone. Comparison of
the hydro-mechanical response to the hydro-mechanical-chemical model prediction for porosity
changes during CO: storage indicates the complexity of the process, where the time-dependent
compaction is competing with calcite dissolution. Moreover, the chemical parameter Ry is
assumed to depend on the specific surface and porosity, which requires further investigation.
Indeed, the chemical effect of CO; injection into water-saturated limestones should be included
in the constitutive equations to properly evaluate the changes in their response during long-term

storage operations.
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CHAPTER 7: EFFECT OF CO:2 INJECTION ON THE MULTIPHASE FLOW
RESPONSE OF RESERVOIR ROCK

A manuscript submitted to Transport in Porous Media

Kim, K., Kundzicz P.M., Makhnenko, R.Y.

Abstract

Geologic carbon storage (GCS) has recently been drawing attention as an effective and
sustainable method to reduce CO> emission to the atmosphere. The injection of CO; is mainly
conducted into brine-saturated reservoir formations, and assessment of the multiphase flow
properties becomes essential to evaluate the injectivity and storage capacity for carbon storage.
Characterization of the CO»/water flow system requires comprehensive knowledge on the rock’s
relative permeability, capillary pressure, and wettability, that are coupled to each other.
Moreover, the chemical reactions between the mineral grains and the acidic mixture of CO, and
water may significantly affect the multiphase flow properties. In this study, a comprehensive
experimental approach to characterize the effect of CO» treatment on the multiphase flow of CO»
in water-saturated reservoir rock is presented. One silica-rich formation - Berea sandstone, and
two calcite-rich formations - Apulian and Indiana limestones, are selected to represent the
reservoir materials. We introduce a robust experimental method to measure the relative
permeability and degree of saturation based on the changes in poroelastic response. The relative
permeability curves are determined, as it is shown that the curvatures and maximum degree of

CO> saturation change after CO» treatment, especially for the limestones. In addition, contact
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angle and surface roughness measurements are conducted to investigate the effect of CO»
injection on the microscale properties. Finally, discussions regarding the validation of the

relative permeability curves with porosimetry measurements are presented.

7.1. Introduction

Climate change is accelerated by CO> among different greenhouse gases, highlighting the
importance of mitigating its atmospheric emission (IPCC, 2021). As a solution, geologic carbon
storage (GCS) has been widely recognized as a sustainable and effective method to reduce the
discharge of CO, aiming to collect CO> from stationary sources and inject it into subsurface
formations for permanent sequestration (IPCC, 2005). The injection is generally conducted into
brine-filled porous reservoir rocks with potentially large storage capacities, mainly comprising of
sandstones and limestones located at depths of at least 800 m (Orr, 2004; US DOE, 2010).

As COz is injected into the reservoir, the distribution of the aqueous fluid is rearranged laterally,
followed by the shift of CO> upwards due to its lower density (Johnson et al., 2005). It was
observed that CO; injected into Utsira sandstone in the North Sea propagated laterally over an
area of ~10 km?, while the plume was also rising due to buoyancy (Chadwick et al., 2006). This
transposition of the fluid can be described by understanding the hydraulic behavior of
participating rock - one of the most important factors in assessing the formation’s suitability for
most geo-energy projects. However, as CO; injection is generally conducted into brine-saturated
reservoir formations, the concept of permeability for single-phase flow cannot be directly applied
for the multiphase fluid system (Figure 7.1). Therefore, the relative permeability needs to be
evaluated considering the interaction between the wetting and non-wetting fluids (Kopp et al.,

2009; Bachu, 2013). Characterization of the multiphase flow response for GCS projects involves
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assessment of viscous and capillary forces at the pore-scale and the interfacial and wetting
properties of the involved fluids (Fulcher et al., 1985). Moreover, as the injection of high-
pressure CO> introduces poromechanical deformation and chemical reaction, proper description
of relative CO; permeability in reservoir rock requires a comprehensive understanding of the
multi-physical processes (Rutqvist, 2012; Rohmer et al., 2016; Vilarrasa et al., 2019).

The significance of accurately assessing the two-phase flow behavior has been highlighted by
many laboratory-scale experiments, where the relative permeabilities were measured with
various methods. Civan and Donaldson (1989) suggested a semianalytic approach to calculate
the relative permeability for the immiscible displacement of two incompressible fluids based on
the fractional-flow equation and an integro-differential equation (Donaldson et al., 1988).
Bennion and Bachu (2005; 2008) and Bachu and Bennion (2008) reported a series of core-scale
experiments to evaluate the two-phase flow characteristics of brine and CO» for various rock
types, using the mass balance method to determine the degree of saturation and the relative
permeability curve. Krevor et al. (2012; 2015) conducted a series of tests on reservoir rock to
measure the relative permeability under in-situ conditions. The X-ray computed tomography
(CT) method was utilized to determine the degree of saturation by scanning the fluid distribution
in the pores, as other studies have also adopted this method (Perrin et al., 2009; Pini et al., 2012).
A different approach to evaluating the degree of CO:> saturation is based on accurate
measurements of the ultrasonic wave velocities during the multiphase flow experiments (Shi et
al., 2017; Falcon-Suarez, 2020). In general, the changes in velocities and wave attenuation are
shown to be correlated with the degree of saturation of the pore fluid (Winkler and Plona, 1982;
Amalokwu et al., 2014). Akbarabadi and Piri (2013) conducted unsteady- and steady-state flow

tests and determined the relative permeability curves, while the effect of hysteresis on capillary
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trapping was also examined for both supercritical and gaseous CO». Despite the existing number
of studies focused on measuring the CO> relative permeability in porous rock, the reported
experimental data remains to be dependent on the experimental setup and interpretation (Miiller,
2011; Chen et al., 2014; Pini and Krevor, 2019).

Many numerical simulations have also been conducted to predict the multiphase flow during
CO2 injection (Chen et al., 1994; Juanes et al., 2006; Martinez et al., 2013). Pruess et al. (1999)
introduced a multiphase fluid and heat flow code TOUGH2, and presented simulations of CO»
flow in brine aquifer considering the losses through fault discharge (Pruess and Garcia, 2002).
As TOUGH2 could not consider the effect of chemical reactions and mechanical stress, the code
was expanded to include a nonisothermal reactive geochemical transport relationship and
became TOUGHREACT (Xu and Press, 2001; Xu et al., 2006). The analytical relationship
between relative permeability and saturation were proposed by Brooks and Corey (1964), van
Genuchten (1980), and Burdine (1953) and Mualem (1976). However, comparing their
prediction for CO> relative permeability, saturation, and capillary pressure, a significant
discrepancies have been reported, noticing that they be can partially addressed by performing
proper experimental measurements (Oostrom et al., 2016).

CO2 injection causes the non-wetting fluid (CO») to displace the wetting fluid (brine or water), so
understanding the wettabilities of the participating fluids is extremely important since it affects
the capillary pressure and degree of saturation (Anderson, 1986). Wettability is the preference of
a solid to be in contact with one fluid than the other, and depending on the fluid’s contact angle
to the surface, the material can be classified as water/CO,/intermediate-wet (Abdallah et al.,
1986). Different approaches to measuring the wettability of the multi-fluid system have been

reported, as both the quantitative (contact angle measurement, Amott method, and USBM
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method) and qualitative methods (imbibition rates, relative permeability curves, microscope
examination, and capillary pressure curves) have been introduced (Amott, 1959; Craig, 1971;
Donaldson et al.,, 1969; Ionescu and Maini, 1983). Among the suggested techniques,
measurements of the contact angle can be selected as one of the most consistent method for
reporting the wettability since it is not affected by surfactants or other compounds, and is
determined by the balance of the interfacial forces of the multi-fluid system and the surface
(Anderson, 1986). Thus, many different methods such as the tilting plate method, sessile drop
and bubble method, vertical rod method, and cylinder method have been proposed to perform
accurate contact angle measurements (Adamson and Gast, 1967; Johnson, 1969; Good, 1979;
Neumann and Good, 1979; Drelich et al., 1996). These techniques have been already
implemented to report the contact angles for the water/brine-CO»-mineral system at high
pressure (Espinoza and Santamarina, 2010) and even inside the rock pores using micro-CT
images (Tudek et al., 2017).

Wettability explains the distribution of multiphase fluids in the pore space but does not directly
describe the saturation state of the system and needs to be considered along with the
hydromechanical behavior of the system (Marsden, 1965; Falode and Manuel, 2014). Moreover,
several factors such as the pore geometry, surface roughness, and heterogeneity can increase the
complexity of assessing the wettability of the porous rock, as previous studies reported a wide
range of contact angles for various materials (Drelich et al., 1996; Sarmadivaleh et al., 2015).
Particularly, since reservoir formations are composed of micro-sized and rough mineral grains,
the surface roughness should also be analyzed to accurately determine the wettability (Morrow,
1990; Amirfazli et al., 1998; Baldacchini et al., 2006). Kaveh et al. (2014) performed laboratory

experiments at representative reservoir conditions to establish a relationship between the surface
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roughness and contact angle, where it was found that the CO; injection did not significantly
affect the surface roughness, although its increase caused the contact angles to become slightly
larger. Haeri et al. (2020) and proposed that the contact angle increased with the surface
roughness based on a series of tests with various sandstones. In contrast to the previous results,
Al-Yaseri (2016) reported that for the CO»/brine/quartz system, the contact angles decreased
with surface roughness in accordance with the Wenzel theory (1936). Moreover, from contact
angle measurements on several solid surfaces, the contact angle decreased with the increase in
the surface roughness can be inferred (Wang et al., 2013). To investigate these discrepancies, the
effect of CO; injection on the surface roughness and its relationship with the wettability requires
further investigation.

Another important factor to be considered is the chemical reaction from CO> injection, as it alters
the pore structure and directly affects mechanical and flow characteristics of the reservoir rock
(Mazumder and Wolf, 2008; Luquot and Gouze, 2009; Grombacher et al., 2012; Su et al., 2019;
Tarokh et al., 2020). Due to the challenges with direct experimental measurements, only a few
recent studies have been focused on the chemical effect on the multiphase flow behavior,
reporting the change in relative permeability curves due to dissolution of calcite in limestones
(Kim et al., 2018; Niu and Krevor, 2020).

In this study, we present the experimental work to assess the multiphase flow characteristics of
reservoir formations during CO: injection. Berea sandstone, Apulian limestone, and Indiana
limestone are selected as representative materials, and the properties of pristine and CO» treated
specimens are compared. The relative permeability curves are determined by adopting a novel
technique, where the poroelastic measurements are utilized to calculate the degree of saturation.

Maximum and residual degree of saturation and the entry pressure for CO; are evaluated, and the
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chemical effect of CO» treatment is observed. The relative permeability curve measurements are
compared with the predictions based on the application of the mercury intrusion porosimetry
(MIP). In addition, microscopic measurements are conducted for the wettability and surface

roughness, and further discussions on the potential implications for CO, storage are provided.

High-pressure CO, injection fj)

Caplock

\

Multi-phase flow

Capilary pressure Wettability Residual trapping

Figure 7.1. Schematic illustration of the multiphase flow aspects during CO; injection for
geologic carbon storage (GCS).
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7.2. Methods

7.2.1. Materials

Three isotropic and homogeneous porous materials — Berea sandstone, Apulian limestone, and
Indiana limestone, are selected for this study. Berea sandstone is a sedimentary formation that
overlies the Bedford and Ohio shale and underlies Sunbury shale, also known as Berea grit
(Newberry, 1874). It was formed in the late Devonian period and primarily consists of fine to
medium-sized grains, being well known as the host rock for oil and natural gas and one of the
most tested rock-like materials (Collins, 1979). The gray-colored sandstone dominantly consists
of quartz (around 90% by mass), with minor inclusions of kaolinite, K-feldspar, and muscovite.
The porosity ¢ is measured to be 0.22.

Apulian limestone is a glauconitic fossiliferous carbonate rock, formed in the mid-Cretaceous
era, and originated from the Apulia region of Southern Italy. This formation mainly comprises
calcite (more than 95%) with a small portion of plagioclase, glauconite, and iron oxide,
representing the soft calcite-rich rock for this study. The matrix of Apulian limestone is
constructed with 0.05-1 mm size fragmental calcitic foraminifera, which are calcitic mud
(micrite) cementations with allochems. For this soft limestone, the porosity is measured to be the
largest among the tested rock: ¢=0.37.

Indiana limestone is versatile for buildings and public structures, as it is widely recognized for its
durability and stability (Shaffer, 2020). It is formed with uniform carbonate grainstones during
the Mississippian Subperiod of the Carboniferous, and is composed mainly of calcite (more than
97%), with quartz, aluminum oxide, and sulfur. This light-grey to bluish-grey rock has the

porosity equal to 0.13.
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For this study, deionized water is selected as the pore fluid instead of brine. Thus, we neglect the
influence of salinity and only focus on the chemical effect of the acidic mixture of CO> and
water on the rock minerals and pore structure. CO» is injected and maintained in the liquid state
throughout all the tests to disregard any phase transitions and associated thermal effects on the
rock properties. In addition, injection of liquid CO; is energetically more efficient comparing to
the supercritical fluid and should be investigated for near-wellbore multi-phase flow (Rayward-
Smith and Woods, 2011; Vilarrasa et al., 2013). The capillary pressure — saturation curves and
porosities for all materials are measured using the mercury intrusion porosimetry (MIP) method,
with mercury being a non-wetting fluid in air-saturated samples (Figure 7.2). The dominant pore
sizes are determined as 20 um, 2 um, and 1 um for Berea sandstone, Apulian limestone, and
Indiana limestone, respectively. At least three samples are tested for each material and the results

appear to be very consistent.
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Figure 7.2. Capillary pressure (mercury) — saturation curves for Berea sandstone, Apulian
limestone, and Indiana limestone measured using mercury intrusion porosimetry.
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7.2.2. Multiphase flow test

The multiphase flow is defined as the simultaneous flow of more than one fluid through a porous
media, as it becomes the case for CO» injection in water-saturated rock in geologic carbon
storage. Although multiple fluids exist, characterizing the multiphase flow behavior triggers
from defining the concept of intrinsic permeability. Permeability describes the capacity of the
interconnected porous medium to allow fluid to penetrate, and can be introduced based on the
law of conservation of mass. If it is written in Darcy’s form for laminar and steady-state
conditions, the flow rate g can be expressed as a function of viscosity of the fluid 4 and the

differential pressure dp’ along the differential distance x;.

k op’
g =—ﬂ—% (7.1)
7 i

The parameter k in this equation can be measured when a constant differential pressure Ap’
between the upstream and downstream sides of a specimen is applied: p/up — Plaown = Ap/. The
flow rate is calculated as the volume of the fluid AV exiting the specimen over time At. If the
viscosity of the fluid is known (z/ = 0.001 Pa-s for pure deionized water at 22°C), L is the length
of the specimen, and 4 is the cross-sectional area perpendicular to the flow, then permeability

can be calculated as

@ LAV
A-At-Ap!

(7.2)
For the multiphase fluid flow, relative permeability k. = k; / k is introduced to describe the flow
capability of the i-th fluid. By extending equation (7.2), the relative permeability can be

calculated from the knowledge of the viscosity s/, as well as the flow rate AVi/At and differential

pressure Ap/ in the i-th fluid (Bear, 1988).
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(7.3)
The two-phase flow test of water and CO> can be conducted utilizing the core flooding device
with the high-pressure CO: injection setup, assuming that flow of the two fluids in the rock is
steady-state and laminar. Right cylindrical specimens with diameter D = 50.8 mm and length L =
100-110 mm are inserted in the rubber viton membrane installed inside the device. The core
holder allows imitation of high in situ stress conditions and is connected to four pressure
controllers: the Stigma 500/700 controller (Sanchez Technologies, France, 70 MPa capacity) for
the confining pressure, and three syringe pumps (Teledyne ISCO, USA, 25.9 MPa capacity) for
the CO2 upstream, water upstream, and downstream pressures. Accurate measurements of the
pore pressure are performed via two pore pressure transducers (Honeywell, USA, capacity 34.5
MPa) installed at the upstream and downstream sides of the specimen. As two syringe pumps are
connected to the upstream for CO> and water for the flow rate and pressure control, this setup
allows two-phase flow experiments, while the CO; treatment test can also be conducted by only
having the CO2 syringe pump valve open (Kim and Makhnenko, 2021).

The deformation of the specimen is assumed to be poroelastic and the total mean stress P can be
determined from calculating the induced axial stress oux applied via the passive restraint installed

in the axial direction. By knowing the applied confining pressure o and the pore pressure 2/,

and measuring the Poisson’s ratio vand Biot coefficient « from the mechanical tests, P can be
calculated as (Kim and Makhnenko, 2020a).

1-2
p=Oa +32(71m _ 2(13*‘/)01“[ ( 3‘”)“ »’ (7.4)

Full saturation with water is achieved before each flow test by adopting the back pressure

saturation method (Lowe and Johnson, 1960; Makhnenko and Labuz, 2016). Then, the pore
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water is exposed to liquid CO; for at least 4 hours to guarantee that it becomes CO»-rich under
the testing conditions. In the flow test, the two upstream pumps for water and CO, are operated
in the flow control regime with the prescribed rate of injection, while the downstream pump is
maintained in constant pressure control. The ratio of the flow rates (water:CO-) for the upstream
pumps are prescribed to be 100:0%, 80:20%, 50:50%, 20:80%, and 0:100%. As the two fluids
are injected from the upstream, the pressure of each pump fluctuates at the beginning, while it
eventually reaches a constant value that allows calculation of the differential pressure Ap/;for
each fluid (7=w for water and i=c for CO; in equation 7.3). The two-phase flow tests for reservoir
rock are conducted for not more than an hour after reaching the steady state flow condition to
assure that the chemical effects from the relative permeability measurements are minimal on the
material properties. Moreover, as the relative permeability experiment starts from injection of
water only and then increases the rate of CO: injection, it is to be noted that this study focuses
solely on the drainage process. After treating the specimens with CO», it is completely removed
from the pores by flushing the deionized water at low pressure before conducting any relative
permeability measurements. Considering the pore size of the tested rock, and resaturating the
treated specimens with water via the back pressure saturation technique (Makhnenko and Labuz,
2016), we affirm that the subsequent measurements of the mechanical and hydraulic properties

are performed with presence of only the wetting fluid (Kim and Makhnenko, 2021).

7.2.3. Saturation calculation
In order to assess the storage efficiency for CO2 injection projects, a proper understanding of the
degree of saturation for the two fluids (water and CO3) is required. In addition, as the pore

compressibility can be affected due to CO: injection, the poromechanical response needs to be
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coupled with the multiphase flow. The materials selected for this study all represent
monomineralic and isotropic rock (the sandstone is silica-rich and limestones consist mainly of
calcite) allowing to adopt the poroelastic theory introduced by Biot (1941) for the description of
their mechanical behavior. In this study, a novel method to determine the degree of saturation is
introduced based on the measurements of the fluid-saturated rock compressibility during the CO»
injection. After running a two-phase flow test and assuring that the total injected fluid volume of
CO> and water exceeds five times the pore volume of the specimen, both the upstream and
downstream valves are closed simultaneously, imposing the undrained boundary condition.
Then, the Skempton’s B coefficient is directly measured in the experiment as an increase in pore
pressure Ap/ due to the application of the increment in the mean stress AP. At the same time, it
can be expressed through other poroelastic parameters and the bulk modulus of the pore fluid

that represents a mixture of water and CO2 - Kymix (Detournay and Cheng, 1993).

)

= = (7.5)
AP
‘4:0 1— K' 1 oK | 1”
K ‘Kf,mix K

s s

Here, K is the drained bulk modulus, K’ is the unjacketed bulk modulus, K" is the unjacketed
pore modulus, and ¢ is the interconnected porosity. The drained bulk modulus K (equation 7.6)
and unjacketed bulk modulus K;' (equation 7.7) are measured using the hydrostatic compression
device, with strain gauges installed on a prismatic specimen with a linear dimeonsion of at least
30 mm in three perpendicular directions. The bulk deformation is monitored during the
loading/unloading steps, as the slope for the pressure versus volume strain (& = & + & + &) is

taken as the bulk modulus (Tarokh and Makhnenko, 2019).
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The unjacketed pore modulus K" is assumed to be equal to K’ for ideal porous media, so K;'=
K" is adopted in this study regarding the isotropy of the tested reservoir formations (Detournay
and Cheng, 1993). We acknowledge though that this assumption might be violated for Berea
sandstone that has minor inclusions of other minerals (Makhnenko and Labuz, 2016) and
Apulian limestone that contains some non-connected pores (Tarokh and Makhnenko, 2019).

With the knowledge of the poroelastic properties, the bulk modulus for the mixture of two fluids
(water and CO2) - Krmix can be calculated from equation 5. Then, from the Wood’s (1930)
equation , the degree of saturation for each fluid can be determined, while the bulk modulus of
CO; is calculated to be K. = 0.07 GPa at the testing conditions (Achenbach, 1984) and bulk
modulus of pure water K,, = 2.24 GPa.

1 s, 1-§
=w (7.8)
K K

S mix w c

The procedure to determine the saturation of the two fluids are repeated for each flow rate of
H>0:CO», where the relative permeabilities of the wetting and non-wetting fluids are measured.
The relative permeability curve can be obtained by plotting the measured values of k. and k.co:
versus the degree of saturation for each of the fluids. This approach overcomes the limitations of
other methods, such as the X-ray CT scanning, regarding the resolution, discretization effect, and
testing conditions (Cnudde and Boone, 2013) and can be used with the materials where pore

sizes fall below the imaging resolution.
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For the discrete data points obtained from the multiphase flow measurements, the fitting is
performed using the analytical relationships. The Brooks and Corey (1964) power-law model is
adopted, where the effective saturation parameter S. is introduced. Then, with the fitting
exponent parameters for water and CO», N,, and N,, the relative permeabilities can be expressed

as:

ko, = (S)" k. =(1-8)% (7.9)
The parameter S. can be calculated from the knowledge of liquid saturation S;, the residual liquid
saturation S,;, and the maximum liquid saturation Sy.ax, that is equal to 1 for the case of full water-

saturation.

S-S, S-S
Se=S1_S’ =1’_S’ (7.10)
max rl

vl

The effective saturation parameter S. allows estimation of the capillary pressure P. through
Brooks-Corey fitting parameters: CO» entry pressure P. and pore size distribution index A

(Dullien, 1992).

1

P=P-S,* (7.11)
Although the Brooks-Corey model provides intuitive fitting of the relative permeability curves
and information on the CO; entry pressure, it cannot be directly connected to the saturation
characteristics of a porous material. Therefore, van Genuchten model (1980) is utilized, since it
adopts the same fitting parameters «, m, and n, for both capillary pressure and relative

permeability curves.

S = (7.12)
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Use of this model enables validation of the two different methods presented in this study -
relative permeability and capillary pressure measurements. For van Genuchten model, certain
restrictions can be imposed on the fitting parameters based on Mualem’s (1976) approach, where
m can be expressed in terms of n as m = 1-1/n, while m stays in the range of 0<m<I. However,

for this study, we utilize three parameters independently to obtain a more accurate fitting.

7.2.4. CO: treatment test

In this study, the effect of CO; treatment on the multiphase flow behavior is explored by
comparing the characteristics of the pristine and treated rock specimens. After reaching full
saturation with deionized water, the pressure conditions are controlled to maintain 4.5 MPa
effective mean stress and 6.9 MPa pore pressure. Then, liquid CO» is injected from the upstream
side at 7 MPa with the downstream valve closed. The upstream valve is being closed after
injecting 40-50 mL of liquid CO; to maintain an undrained condition, and the pore pressures at
the upstream and downstream sides of the specimen are monitored. The readings on the pressure
transducers indicated that the pore pressure slowly decreases to 6.2 MPa — the boundary value
between liquid and gaseous CO,. Therefore, additional liquid CO; is injected daily at the
pressure of 7 MPa once the decrease of the pore pressure is observed.

Previous studies reported that the duration time of CO; treatment correlates with the degree of
the change in the material properties (Kim et al., 2020b; Shi et al., 2019). For this study, 21 days
are selected as the treatment period, as we intend not to introduce any macroscopic damage to

the materials (Tarokh et al., 2020). Furthermore, since Apulian limestone is recognized as a
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softer material that highly reacts with the acidic mixture of water and CO», the treatment period

is reduced to 3 days (Luquot and Gouze, 2009; Kim et al., 2018).

7.2.5. Mercury intrusion porosimetry

The capillary pressure P. for the CO;-water-rock system can be determined by utilizing the
mercury intrusion porosimetry (MIP) to measure the porosity and pore size distribution.
Quantachrome Poremaster 60 from Anton Paar© is used to inject mercury in the pores of dry
reservoir rock samples with a mass of approximately 1 gram. As liquid mercury has a high
cohesive force, its volume can be accurately measured, while it is forced to intrude the pores by
increasing the pressure up to 413.7 MPa. After reaching full saturation with mercury, the weight
of the sample cell is accurately measured to calculate the bulk density of the rock sample. Then,
with the knowledge of the density (p = 13.54 g/cm®), contact angle (& = 140°), and surface
tension (y = 480.0 erg/cm?) of mercury, the pore size distribution can be determined as the

function of the pore throat diameter d using the Young-Laplace equation.

P =_4ycost9 (7.14)
d

The degree of saturation for each corresponding pressure is calculated as the ratio of the injected

mercury to the total interconnected pore volume. Finally, the capillary pressure curve can be

obtained by plotting the capillary pressure vs the degree of saturation. The application of the

capillary pressure curves for CO; injection requires converting the MIP data from the

mercury/air/rock system to the COz/water/rock system. The abbreviation n/w describes the non-

wetting/wetting system for COz/water, while m/a represents the mercury-air system. As a result,

the capillary pressure for the COz-water-rock system can be calculated as:
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For this study, we employ the findings of Espinoza and Santamarina (2010), where the average
interfacial tension and contact angle for CO2/water are measured as 32 mN/m and 20° for silica-
rich materials and 32 mN/m and 40° for calcite-rich materials, respectively. Although some
previous studies reported different contact angles for porous rock to that of its composing
mineral (Lv et al., 2017; Scanziani et al., 2017; Tudek et al., 2017), we presume that the contact
angle and interfacial tension of the tested rocks follow their dominant composing minerals.
Nevertheless, based on the direct measurements of the apparent contact angle, further discussion

regarding the effect of CO; injection on wettability is presented in this study.

7.2.6. Wettability

The wettability of the system can be assessed by measuring the contact angle 8, which is formed
at an equilibrium state of the interfacial forces in the multiphase fluid system. Although in-situ
measurements of the wettability may differ to that from ambient conditions (Lv et al., 2017;
Tudek et al., 2017), a simple method to evaluate the effect of CO; treatment on the contact angle
is adopted by doing the direct imaging with a microgoniometer MCA-3 (Kyowa, Japan). The
device is capable of accurately controlling the size of the microscopic droplets to be as small as
100 um, and can detect the droplet from both the top and the side for its movement and
wettability. A high magnification lens is installed with the ability to monitor the droplet in a 12-
fold zoom, that allows a field of view from 75x56 pm to 910x680 um, with a fast image capture
system for accurate measurements. The drop deposition can be automatically recognized with the
FAMAS software, and the apparent contact angle can be measured in the range of 0.1° to

180°with 0.01° resolution.
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The specimens are prepared by cutting slices from rock cores with a 1-2 cm length and width and
0.5 cm depth, and then polishing their surface to maintain a uniform roughness. Then, after
washing with deionized water, the rock is being completely dried before the contact angle
measurements. The sessile drop method is used for this study as the microscopic droplets are
applied to the flat and polished surface (McCaffery et al., 1970; Anderson, 1986), after which the

contact angles are measured using the microgoniometer.

7.2.7. Surface roughness

Characterization of the wettability is crucial for understanding the multiphase flow in porous
rock, while the contact angle could also depend on the surface roughness (Wenzel, 1949; Tamai
and Aratani, 1972; Morrow, 1975). A qualitative approach to evaluate the effect of CO>
treatment on rock’s surface roughness is adopted, where the Sloan Dektak3ST Profilometer
provides repeatable and accurate measurements of the height and 2D profile of the surface,
ranging from a few nanometers to one hundred microns. With a 2.5-micron radius diamond-
tipped conical stylus, the contact technique is utilized to measure the surface topography without
any damage, as it scans across the surface of the specimen. All specimens are precisely ground to
take a shape of a disk with 2 cm in diameter and 1cm thickness. Each measurement is conducted
by scanning 1000 um along the specimen surface, with N = 2000 data points collected per scan.
Then, 12 scans are performed per specimen to obtain average representative data by selecting
different starting positions for the stylus. The profilometer is set to the highest scanning
resolution with 12 seconds scanning time duration for each measurement. The root-mean-square
(RMS) method is utilized to calculate the surface roughness, where Z; is the measured height

value and Z, is the arithmetic mean for all height values.
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Figure 7.3. Illustration of the experimental methods utilized to characterize the multiphase flow
behavior of reservoir rock upon CO; injection.
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7.3. Results

7.3.1. Poroelastic properties

The knowledge on the poroelastic properties of reservoir rock is needed to calculate their degree
of saturation with CO; and report the relative permeability curve. Pristine and CO» treated
specimens are tested in the hydrostatic compression cell under the jacketed and unjacketed
conditions to report the corresponding bulk moduli measured during the unloading stage (Figure
7.4). For the jacketed test on Apulian limestone, the pressure is increased up to 30 MPa, since
preceding studies reported pore collapse of this material around 39 MPa (Tarokh and
Makhnenko, 2019). For the other two materials, the jacketed compression test is conducted up to
50 MPa. The results for all materials show that the drained bulk moduli increase gradually to
reach a constant value, indicating that all the microcracks and oblique pores at the early
compression stage are being closed. For Berea sandstone, the drained bulk modulus decreases
from 12.1 GPa to 10.3 GPa. For Apulian limestone, the jacketed bulk modulus K decreases (e.g.,
from 6.3 GPa to 5.0 GPa at P = 30 MPa), meaning the material is getting more compressible due
to the treatment process. The measurements for Indiana limestone show a similar result to
Apulian limestone in terms of CO: treatment — the decrease in drained bulk modulus by 20%,
from 29.5 GPa to 23.1 GPa (at P =30 MPa pressure).

Accurate measurements of the unjacketed bulk modulus K;' are also required to calculate the
degree of saturation and the results of unjacketed experiments are reported in Kim and
Makhnenko (2021). All the unjaketed moduli are measured to be constant during the loading and
unloading stages. K’ for Berea sandstone remained identical after CO, treatment, and being
equal to 30 GPa. For Apulian limestone, the unjacketed bulk modulus decreased from 42.7 GPa

to 34.2 GPa, and for Indiana limestone, K;' also decreased by 20%, from 65.9 GPa to 54.9 GPa
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(Table 7.1). The decrease in the unjacketed moduli of limestones is explained by the observed
dissolution and precipitation of calcite caused by the chemical reaction with the acidic mixture of
water and CO,. However, it is to be noted that apparent precipitation may be related to the
particle migration and rearrangement of calcite particles, which can be suggested as another
reason for the creation of the new non-connected pores (Mangane et al., 2013), as it appears that
CO> treatment causes increases in the total porosity, as well as in the non-connected porosity in
calcite-rich rock, making the overall solid matrix response more compliant (Kim and

Makhnenko, 2021).
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For this study, the measurements of the Skempton’s B coefficient are utilized to calculate the
degree of saturation for the relative permeability curves. The B values are measured for the
pristine and CO; treated reservoir rock specimens at P’ = 4.5 MPa and are reported as functions
of the degree of saturation, that is calculated from equation 7.5. The Skempton’s B coefficient for
Berea sandstone decreases from 0.77 to 0.67, while it increases from 0.47 to 0.53 for Apulian
limestone and 0.32 to 0.40 for Indiana limestone. For limestones, calcite dissolution has been
reported to be the main reason for the increase in the B values, since the porosity increases and
rock becomes more compliant (Kim and Makhnenko, 2021). On the other hand, for Berea
sandstone, the reduction in the undrained bulk modulus K, along with the drained bulk modulus
K is observed and explained by the stress corrosion cracking, hence B= (K,-K)/(1-K/K;")/K, can

decrease (Tarokh et al., 2020).

7.3.2. Relative permeability

Understanding the flow properties of reservoir rock in the water/CO; system is crucial for CO;
injection, as it is closely related to the injectivity and storage efficiency. For the multiphase flow
behavior, the capillary pressure and relative permeability are essential factors that describe the
two-phase fluid displacement in the pore space. This section examines the effect of CO:
treatment on the multiphase characteristic curves of the reservoir rock. The relative permeability
is measured using the core flooding apparatus via the novel method that allows assessing the
CO; saturation from changes in the undrained compressibility of rock upon CO> injection.

The relative permeability curves are determined before and after CO: treatment. Before
conducting the multiphase flow experiments, the intrinsic permeabilities for pristine and CO2

treated specimens are accurately measured at P’ = 4.5 MPa. For Berea sandstone, the intrinsic
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permeability is 1.9x10713 m? for the pristine state, and it increases slightly to 2.1x10°"* m? after
the CO» treatment. The permeability of pristine Apulian limestone is measured to be 7.5x1071°
m?, changing to 8.2x10'> m? for the treated specimen. Similarly, for Indiana limestone, the
intrinsic permeability increases from 8.0x107'* m? to 8.4x10!* m? after CO> treatment. For all
tested materials, the intrinsic permeability slightly increases due to CO; treatment, while the
interpretation is different for the sandstone and limestones. For the limestones, calcite dissolution
appears to increase the porosity, and hence the permeability — similar results are reported in a
number of studies (Bennion and Bachu, 2008; Luquot and Gouze, 2009; Kim and Makhnenko,
2021). For Berea sandstone, the stress corrosion cracking is assumed to be the main mechanism
affecting the permeability without any significant increase in porosity (Tarokh et al., 2020).

The values of Skempton’s B coefficient are measured during the two-phase flow experiments at
each injection rate (10:0, 8:2, 5:5, 2:8, 0:10 for H2O:CO»), and the degree of CO» saturation is
calculated from equation 5. The pristine and CO» treated poroelastic properties measured at the
same effective mean stress (P’ = 4.5 GPa) are adopted for the calculations for each corresponding
material. At the same time, we assume that the poroelastic parameters (K, K;', and ¢) remain
constant at different flow rates. The measured Skempton’s B coefficients decrease significantly
right after starting CO: injection, also being different for the pristine and CO; treated rock (Table
7.2).

Then, the intrinsic permeability value is taken for each pristine and CO; treated material to
calculate the relative permeability from equation 7.3. Finally, with the degree of saturation
calculated from the measurements of the poroelastic parameters and changes in Skempton’s B
values (equations 7.5 and 7.8), the relative permeability curves are reported (Figures 7.5-7.7).

The results are then fitted to the power-law functions in terms of the degree of saturation, similar
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to the Brooks-Corey model. The fitting parameter N, is determined using the least-squares
method for all materials. The additional fitting is provided for van Genuchten model (equations
7.12 and 7.13), where the set of fitting parameters ( «, n, and m) is reported in Table 7.1.

For Berea sandstone, CO; treatment does not seem to significantly affect the relative
permeability curves, with the exponent N, remaining constant at 2.9 and slight increase in the
maximum degree of CO; saturation from 0.70 to 0.73 (Figure 7.5). For Apulian limestone, the
maximum degree of CO; saturation increases from 0.68 to 0.80, while the exponent N, decreases
from 3.8 to 1.3, indicating that the shape of the relative permeability curve turned from a power
law to a quasi-linear function (Figure 7.6). The relative permeability curves for Indiana
limestone are presented in Figure 7.7, showing N,, decreasing from 6.3 to 5.2 and the maximum
degree of CO> saturation increasing from 0.69 to 0.75 after the treatment. The values of S, are
reported with 5% accuracy where the main error comes from the determination of the
Skempton’s B coefficient with the core flooding apparatus at high degree of CO; saturation (Kim
and Makhnenko, 2021). Each experiment is duplicated and very similar results are obtained
(with less than 3% variation), while the average results are provided in the figures and tables.
This study suggests that the multiphase flow response for sandstones is not affected by CO:
injection, while for limestones, the exponent parameter N,, decreases as the maximum degree of
saturation for CO; increases slightly.

In addition to the Brooks-Corey model, the van Genuchten model is applied for fitting the
relative permeability curves for all materials. The « values are reported to increase due to CO:
injection, as they are mostly related to the CO»> entry pressure. Although, when the relative

permeability relationship gets closer to a linear one after the CO; treatment of Apulian limestone
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(Figure 7.6 b), - the van Genuchten model fails to provide a good fit, unlike the Brooks-Corey

model.
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Figure 7.5. Relative permeability curves for a) pristine and b) CO> treated Berea sandstone.
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Figure 7.6. Relative permeability curves for a) pristine and b) CO; treated Apulian limestone.
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CO> treatment appears to cause an increase in the maximum degree of CO; saturation for all
tested materials, although it requires more detailed analyses on the elements that may affect the
capillary pressure, such as the wettability and the surface roughness. Further investigations and
validation of the measured relative permeability curves are presented in the discussion section,

where the capillary pressure curves are coupled with the relative permeability measurements.

Table 7.1. Summary of the results for the porosity (¢), poroelastic properties: K (drained bulk
modulus), K" (unjacketed bulk modulus), and multiphase flow parameters: k£ (intrinsic
permeability), N, (Brooks-Corey exponent), a/n/m (van Genuchten fitting parameters) and Sco>
(maximum degree of water saturation). The drained bulk modulus is reported at P’ = 30.0 MPa,
and the intrinsic permeability is measured at P'= 4.5 MPa).

van Genuchten
K K’ ) N fitting parameters Scoz
P11 | Gpay | [GPay | K™ | 3 [ o 4L ]
m [-]
[MPa'] | ]

Boreg | Pristine [0219 | 121 | 300 | 19x107 [29] 120 | 45 [ 078 | 070
sandstone trggéd 0219 | 103 | 300 | 2.1x10"% |2.8| 130 | 45 | 078 | 073
Apalian | Pristine [0371] 63 | 427 [ 75007 [38] 7 125 [ 080 | 068
limestone trggéd 0388 | 50 | 342 | 82x105 | 13| 17 |21 |094]| 080
| Pristine [0.127 | 295 | 659 | 80<107 [63] 10 | 13 [ 0.65 | 069
limestone trggéd 0.136 | 22.6 | 549 | 84x10% | 52| 12 |13 ]070| 075
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Table 7.2. Summary of the Skempton’s B coefficient measurements during the multiphase flow
test at different flow rates of H,O and CO» (P'= 4.5 MPa).

Skempton’s B coefficient [-]
(H20 : CO> flow rate)

10:0 8:2 5:5 2:8 0:10
Berea sandstone Pristine 0.77 0.14 0.08 0.06 0.04
CO, treated 0.67 0.15 0.09 0.07 0.04
Apulian limestone Pristine 0.47 0.17 0.12 0.08 0.05
CO, treated 0.53 0.13 0.10 0.07 0.05
Indiana limestone Pristine 0.32 0.10 0.07 0.05 0.03
CO, treated 0.40 0.09 0.06 0.04 0.03

7.4. Microscopic Measurements

Characterization of the multiphase flow in rock oftentimes relies on the assumption that the
microscale properties generally remain constant after CO; treatment. However, a number of
studies have reported the chemical effect of CO> at a microscale (Farokhpoor et al., 2013; Al-
Anssari et al., 2017). Thus, the parameters that directly affect the relative permeability —
wettability and surface roughness, have to be measured before and after CO> treatment (Kaveh et

al., 2014; Haeri et al., 2020).

7.4.1. Wettability

Experiments are conducted to assess the effect of CO; treatment on the wettability of reservoir
rock, as it is directly related to the changes in capillary pressure and relative permeability. For
reservoir formations, the pores on the surface may affect the contact angle measurements as they
can be considered as defection or surface rugosity. By using the microgoniometer, the apparent
contact angles for the air/water system are measured for the pristine and CO> treated reservoir
rock (Figure 7.8). More than twenty measurements are taken for each sample at different

locations, and the average values are reported in this study with the overall variations being
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within £5° for each material. For Berea sandstone, the CO» treatment causes a slight increase in
the contact angle from 31° to 34°, so the effect is minor staying within the accuracy range.
However, the contact angle increases from 52° to 75° for Apulian limestone and from 55° to 83°
for Indiana limestone, revealing a significant effect of CO; treatment. It is to be noted that the
measured contact angles are apparent angles that are based on the average plane of the surface
for air/water system, as it does not quantitatively characterize the true contact angle in the
microscale pores for the COj-water-rock system. However, it can be argued that these
measurements provide a qualitative understanding on the effect of CO> treatment on the
wettability of the reservoir rock.

Additionally, as the tested materials in this study are mainly composed of quartz or calcite, the
contact angles of the pristine and CO; treated mineral crystals are measured (Figure 7.9). The
contact angle for pristine quartz is 40°, and it increases to 42° after the treatment. For calcite, the
contact angle changes from 78° to 83°, indicating that the effect of CO; treatment on the contact
angle of minerals is significantly smaller than that for the porous rock that is composed of these
minerals. This implies that the change in the contact angle for reservoir rock cannot result only
from that of the minerals, but should also be attributed to the changes in the surface roughness.
Detailed procedures for the CO; treatment of crystal minerals are elaborated in Kim and

Makhnenko (2021).
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l a) Pristine Berea sandstone m I b) CO, treated Berea sandstone | m

ll e) Pristine Indiana limestone

55M | ) CO, treated Indiana limestone

Figure 7.8. Apparent contact angle measurements for (a) pristine and (b) CO: treated Berea
sandstone, (c) pristine and (d) CO; treated Apulian limestone, and (e) pristine and (f) CO» treated
Indiana limestone. All measurements are conducted for the air/water/rock interface at ambient
room temperature (22°C) and pressure.
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a) Pristine quartz b) CO, treated quartz

40.1deg 42.0deg

I c) Pristine calcite

il

d) CO, treated calcite

Figre 7.9. Apparent contact angle measureents o (a) pristine and (b) CO> treated quartz, nd
(c) pristine and (d) CO; treated calcite.

7.4.2. Surface roughness

One of the main reasons the apparent contact angle differs from the true contact angle is the
surface roughness. Particularly, for porous rock formations, the pores contribute to surface
rugosity, which requires thorough investigation (Cassie and Baxter, 1944). As the surface
roughness is highly dependent on the specimen preparation, for this study, it is evaluated through
the parameter R, - the root mean square (RMS) average of the profile heights over the evaluation
length of 1000 pm. Moreover, to investigate the effect of CO> treatment on the surface
roughness, the ratio of the R, values of the pristine and CO> treated samples (R pris/Ry,co2) 1S

reported. Ten to twelve scans are made for each specimen, and the average value of Ry pris/Ry coz
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is calculated, while only the surface variation for a single measurement is presented in Figure 10.
Ry pris/Rq,co2 values appear to be larger than 1 for all materials, indicating that CO» treatment
smoothens the surface at the microscale. It appears that the chemical effect is more pronounced
for the limestones, where the Ry ,ris/Ryco2 values are reported as 2.4 and 2.2 for Apulian and
Indiana limestones, while the value for Berea sandstone is 1.1.

Wenzel’s relation predicts that a decrease in surface roughness would lead to a reduction in
wettability, hence the increase in contact angle, as it is observed in this study for the CO; treated
specimens (Wenzel, 1936). Considering Young’s equation (equation 7.14), this effect can be
intuitively verified, as the capillary pressure curve for water shifts down - towards smaller
capillary pressure if the contact angle increases. Moreover, as the preceding study showed that
the dominant pore sizes for the tested limestones increased after the CO» treatment (Kim and
Makhnenko, 2021), the surface roughness measurements are in agreement with the theory of
Cassie and Baxter (1944), stating that the apparent contact angles for porous surfaces should
increase with the pore size (Figure 7.10).

In summary, the results align with the previous analyses on the wettability and surface
roughness, indicating that the CO; treatment smoothens the rock surface, resulting in larger
apparent contact angles for the wetting fluid. Therefore, this implies that the surface becomes
more wet with respect to the non-wetting phase, which causes the increase in the maximum CO»

saturation.
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Figure 7.11. Illustrative comparison between the Wenzel’s and Cassie-Baxter models for the
apparent contact angles of pristine and CO; treated specimens.

7.5. Discussion

In the previous sections, the effect of CO, treatment on the poroelastic and multiphase flow
response is experimentally determined, indicating that the compressibilities of limestones
increase due to CO; treatment, while for the sandstone the effect is less pronounced. The relative
permeability measurements suggest that the maximum degree of CO2 saturation increases for all
materials. The evaluation of the fitting parameters for the relative permeability curves shows that
the Brooks-Corey exponents decrease for limestones, implying that the CO; treatment increases
the relative permeability of CO> at the same degree of saturation. In this section, further analyses
on the capillary pressure — saturation curves are presented. The capillary pressure curves for
pristine and CO; treated specimens are reported by adopting the information on the residual
water saturation that can be obtained from the relative permeability measurements. Lastly, a

discussion on the limitations of the presented approach is presented.
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7.5.1. Residual water saturation — capillary pressure curve

Although accurate measurements from the MIP method allow characterizing the capillary
pressure for the mercury/air system, it cannot be directly applied to the water/CO, system
(equation 7.15), because the residual CO, saturation also needs to be considered (Bennion and
Bachu, 2005). The residual liquid saturation S is the irreducible degree of saturation for the
wetting phase, indicating the amount of the latter one that remains in the pores whichever are the
pressure and flow rate of the non-wetting fluid. While the existing studies on CO; relative
permeability and saturation mostly rely on X-ray computed tomography (CT) (Krevor et al.,
2012, 2015; Akbarabadi and Piri, 2013), this technique has a number of limitations in terms of
the possibility to simulate the in-situ stress conditions, as well as in terms of the available image
resolution that neglects the presence of submicron scale pores (Elkhoury et al., 2019). In this
study, a simple method to estimate the residual saturation from the relative permeability curve is
adopted. As the selected reservoir formations have relatively large pores and almost no
inclusions of clay minerals, it is assumed that the effect of hysteresis is minor, which is
confirmed via the experimental observations. Thus, the fitting curves for the discrete
measurements of relative permeabilities are utilized to determine the residual saturation.

From the relative permeability measurements, the equation for the fitting curves can be obtained
by the least-squares method, which allows the calculation of the effective saturation parameter Se
at zero relative permeability. Subsequently, the residual water saturation S,; can be obtained
using equation (7.10) for S.. For Berea sandstone, S, is equal to 0.1 for pristine and CO- treated
specimens. The residual water saturation is calculated to be 0.08 and 0.07 for pristine Apulian
limestone and Indiana limestone, respectively, and these values decrease to almost zero (=0.01)

after CO; treatment. These observations are in accordance with the previous studies, where the
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residual saturation is reported to be in the range of 0.05-0.11 for reservoir rock (Bennion and
Bachu, 2008; Krevor et al., 2012; Pini and Krevor, 2019; Niu and Krevor, 2020). The decrease in
the S, values for limestones implies that higher CO» saturation can be achieved after the CO>
treatment. As the residual liquid saturation values are obtained, the capillary pressure —
saturation curves for the COy/water system can now be determined. By changing the minimum
value of water saturation with respect to the measured residual saturation of CO», the capillary
pressure — saturation curve can be proportionally reformed.

For Berea sandstone, the water saturation decreases at 0.004 MPa capillary pressure, and no
significant effect of the CO; treatment is observed. The CO; entry pressure of Apulian limestone
significantly decreases due to the treatment from 0.04 MPa to 0.01 MPa. This indicates that the
non-wetting fluid (liquid CO: in this case) can more easily intrude into the pores. However, the
effect is less pronounced for Indiana limestone, as its CO» entry pressure decreases only slightly
from 0.009 to 0.008 MPa.

The van Genuchten parameters (o, m, and n) assessed from the relative permeability
measurements (Table 7.1) are utilized to validate the capillary pressure — saturation curves
obtained from the MIP tests (Figure 7.12). The two methods show an excellent agreement, so it
can be argued that the introduced approach for reporting the relative permeability curve is
acceptable. The only discrepancy is observed at low water saturation for Berea sandstone, which
may be caused by a few factors. Firstly, it is the difference between specimen sizes for the core
flooding (10 cm long) and MIP (<1 cm linear dimension) tests. Berea sandstone contains grains
with sizes 70-400 um and pores and cracks with sizes up to 0.1 mm, while for the limestones
they are an order of magnitude smaller. The small size of MIP specimens with relatively large

pores and cracks on its surface may affect the saturation curve measurements (Churcher et al.,
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1991). Secondly, errors in determining the fitting curves can provide another explanation for the
disagreement between the two methods. The relative permeability curve is highly sensitive to the
value of the entry pressure of the non-wetting fluid, where a major decrease in the degree of
saturation occurs. However, as few studies have reported, van Genuchten model has some
limitations in accurately assessing the capillary pressure and saturation at low saturation
conditions (Krevor et al., 2012; Pini and Krevor, 2019). The pore distribution results obtained
from MIP experiments cannot always be directly used to evaluate the relative permeability
curves, and direct capillary pressure measurements at low saturation levels are suggested

(Oostrom et al., 2016).
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Table 7.3. Summary of the measurements of residual water saturation S,;, breakthrough pressure,
measured apparent contact angle, and ratio of the pristine to CO; treated surface roughness.

Residual Apparent Surface
water Breakthrough pp roughness
i contact
saturation pressure [MPa] o Ry pris/Rg,coz
angle [°]
St [-] [-]
Berea Pristine 31.2
sandstone CO; treated 0.10 0.004 343 L1
Apulian Pristine 0.08 0.040 51.9 24
limestone CO; treated 0.01 0.010 75.0 )
Indiana Pristine 0.07 0.009 55.1 29
limestone CO; treated 0.01 0.008 82.9 )

7.5.2. Limitations of the approach

In this study, a novel method is introduced to characterize the relative permeability curve by
estimating the degree of saturation of the two fluids as the poromechanical responses are
accurately measured. Although this method offers significant advantages, there are some
limitations that need to be discussed.

The degree of saturation for the multiphase flow experiment is calculated by measuring the
Skempton’s B coefficient, where it is assumed that the pore fluid is evenly distributed in the
pores (equation 7.5). However, few studies reported that the CO; saturation could be larger in the
upstream and gradually decrease towards the downstream (Krevor et al., 2012; Chen et al.,
2014). Although the undrained condition is maintained for a sufficient time (10 minutes) to
redistribute the fluids before the measurements are performed, this may affect the measured B
values and cause errors in evaluating the degree of saturation of CO».

The novel method introduced in this study calculates the degree of water/CO, saturation by
measuring the poroelastic properties, as the accuracy and validation of this technique need to be
discussed. From the measurement of Skempton’s B coefficient, the bulk modulus of the mixed

fluid of CO; and water (Kymix) 1s calculated (equation 7.5). Since the B values significantly
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decrease as COz is injected, the uncertainty in reported Ky mix values increases, resulting in larger
errors for the reported degree of saturation. Also, for the non-wetting fluid saturation above 20%,
the wetting fluid may not exist as a continuous phase in the pores, limiting the application of the
Wood’s formula and potentially causing uneven pore pressure distribution (Dullien, 1992). The
applicability of this method for anisotropic materials that contain multiple minerals may also be
an issue, as it provides uncertainty in calculating the applied mean stress (equation 7.4) and may
violate the ideal porous media assumption of K,'= K;" increasing the errors in calculated
Skempton’s B coefficients (equation 7.5).

By duplicating the experiments and considering the accuracy of the experimental devices, the
relative errors in determining the material properties are calculated as follows: 3% for the
porosity, 5% for permeability, 3% for Skempton’s B coefficient, 3% for the bulk moduli, and
10% for the degree of saturation. It is to be noted that the fitting parameters for the relative
permeability curve (e.g., Brooks-Corey exponent) may differ by up to 50% due to the error range
in the degree of saturation, so the average value is taken for comparison.

The hysteresis of the CO»/water relative permeability curve for drainage and imbibition is
another potential issue that has been reported in a few studies (Juanes et al., 2006; Bennion and
Bachu, 2007; 2008). This effect is argued to be minor for the tested reservoir rock, where we
only concentrate on the drainage procedure (injection of the non-wetting fluid), assuming no
hysteresis for the capillary pressure and relative permeability.

Lastly, the difference between the lab- and the field-scales needs to be considered. Despite
accurate laboratory measurements of relative permeability and characterization of the
microscopic properties, these findings cannot be directly applied for field-scale problems, as the

preferential flow paths such as wormholes, cracks, and faults may affect the hydraulic behavior
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(Szymczak and Ladd, 2009; Elkhoury et al., 2013). Thus, future work may be suggested to
characterize the upscaling effect for reservoir characterization (Saad et al., 1995). As no direct
measurements of relative permeability have been performed at the field-scale, efforts to upscale
the laboratory measurements have been introduced for the large-scale simulations (Crotti and
Cobeiias, 2001; Benson and Doughty, 2006; Kamali and Hussain, 2017) but further research

needs to be conducted regarding validation of the proposed methods.

7.6. Conclusions

This study characterizes the effect of CO» treatment on the multiphase flow characteristics of
reservoir rock, by comprehensively considering various factors such as poroelastic deformation,
capillary pressure, wettability, and surface roughness. By selecting one silica-rich and two
calcite-rich porous rocks, the chemical effect on the type of the dominant mineral is examined.
Different experimental methods — core flooding, mercury intrusion porosimetry,
microgoniometry, and profilometry are introduced to characterize the changes in relative
permeability, capillary pressure, wettability, and surface roughness of reservoir formations
during CO> injection. A robust technique is implemented to evaluate the relative permeability
curve from the measurements of the changes in poroelastic response upon CO flow in the rock,
and the results are compared with independent evaluations based on the direct capillary pressure
measurements. The capillary pressure curves are affected due to the chemical effect caused by
CO2 injection in water-saturated limestones, where the exponent values for the Brooks-Corey
model decrease, implying that the relative CO; permeability increases with maximum CO
saturation. On the other hand, the exponent value is reported to remain constant for the

sandstone, while its maximum CO; saturation slightly increases. A qualitative analysis of the
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contact angle and the surface roughness is conducted, showing that the CO» treatment smoothens
the surface for limestones and increases their CO> wettability, while the effect is almost
unnoticeable for the sandstone. This implies that CO> treatment may affect the relative
permeability and wettability, highlighting the importance of adopting accurate multiphase flow
parameters for reservoir models, that are often assumed to be constant. In conclusion, this study
thoroughly investigates the effect of CO> treatment on the multiphase flow characteristics of
reservoir rock and suggests that the chemical effect can increase the CO> injectivity in calcite-

rich rock.
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CHAPTER 8: COUPLING BETWEEN POROMECHANICAL BEHAVIOR AND FLUID
FLOW IN TIGHT ROCK

Based on a manuscript published in Transport in Porous Media

Kim, K., Makhnenko, R.Y. (2020) Coupling between poromechanical behavior and fluid flow in
tight rock. Transport in Porous Media. 135(2): 487-512.

Abstract

Proper characterization of the mechanical and flow properties of participating rock formations is
crucial for subsurface geo-energy projects, including hydrocarbon extraction, geologic carbon
storage, and enhanced geothermal systems. Application of mechanical and hydraulic pressures
changes the porosity of rock and modifies flow paths. For low-permeable or “tight” rock that
mainly contains nanoscale pores and serves as the confining layer for underground storage
operations, a significant change in permeability may occur due to a small change in porosity. The
pore volume changes in nanoporous geomaterials are extremely difficult to measure directly, but
can be assessed from the knowledge of the hydromechanical response. Experimental methods to
measure the stress-dependent permeability and poroelastic parameters of fluid-saturated tight
rock are introduced. Eau Claire shale, Opalinus clay (claystone), and Charcoal granite are
selected as representative materials for tight rock and their pore structure and material properties
are carefully investigated. The porosity-permeability relationship for tight rock is established by
adopting a power-law dependence with the exponent value in the range of 15-17, thus being

significantly larger than that for a porous reservoir rock. Consequently, even small perturbations
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of porosity can cause orders of magnitude changes in permeability, possessing a risk on the

sealing capacity of the tight formations.

8.1. Introduction

Establishment of porosity-permeability relationship for rock provides a straightforward way to
couple its mechanical and hydraulic behavior thus being a topic of investigation in geophysical
and petroleum engineering research. Fluid flow through the subsurface rock is affected by the
external stress and internal pore pressure that affect the pore structure and modify the flow paths
(Bear, 1972; Biot, 1973). Porosity and permeability are well-known as essential properties that
can be selected to represent the pore space and hydro-mechanical behavior of subsurface rocks
(Quintard, 1993). For petroleum engineering and sustainable geo-energy applications, such as
enhanced geothermal systems (EGS), geological carbon storage (GCS), and radioactive waste
disposal, understanding these characteristics is of great interest because corresponding reservoir
formations require adequate storage capacity and flow efficiency, while the stability in terms of
leakage should be carefully evaluated for the tight sealing layers (Tsang et al., 2005; Ezekwe,
2010; Rutqvist, 2012; Song and Zhang, 2012). Therefore, finding a relationship between porosity
and permeability possesses a considerable advantage for geoengineering projects (Ahmed, 2006;
Bernabé et al., 2003), especially in the cases where measurements of material properties are
limited (Cui et al., 2009; Trimmer, 1981).

Various approaches have been proposed to introduce a relationship between porosity and
permeability, including the notable Kozeny-Carman equation. Kozeny (1927) and Carman
(1938, 1956) derived an analytical relationship for porous rock by representing the porous media

as a set of parallel and uniform pipe conduits with spherical particles. Generalized parameters
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such as porosity ¢, grain size d, and tortuosity 7, defined as the ratio of the length of the path
traveled by a fluid to the domain unit length, are adopted to correlate the structure of a porous
material with its permeability k:

_ d2 ¢3
7277 (1 _¢)2

(8.1)

Although, subsequent studies questioned the ability of the Kozeny-Carman equation to
accurately characterize the porosity-permeability relationship for natural tight rock and stated
that it required some modifications (Coyner, 1984; Wyllie and Gardner, 1958a, b; Nelson, 1994;
Civan, 2019). It was argued that the power law dependence (k ~ ¢") suggested by Rose (1948) is
more accurate than the Kozeny-Carman equation for low-permeable materials (Civan, 1996).
Bourbié et al. (1987) modified the general power law relationship by adopting the average
material’s grain size d: k/d ~ ¢". Another way of expressing this relationship is through the

sensitivities of porosity and permeability:

5 Y
k=k,| & ,
m 82

where ko is a reference permeability at reference porosity ¢h and n is a porosity sensivity

exponent calculated when k£ and ¢ are expressed in an exponential relationship (Doyen, 1988;
David et al., 1994).

Detailed experimental studies emphasized a number of difficulties in establishing a uniform
porosity-permeability relationship for all subsurface rock (Bernabé et al., 2003), and usually
separate analyses are carried out for porous reservoir rocks and tight sealing layers. For the
reservoir rock, direct measurements of porosity and permeability are viable due to the relatively

large pore sizes (~10° - 10* m). The reported exponent values for the power law relationship
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range from 2 to 7 and are mostly centered at 3 (Bourbi¢ and Zinszner, 1985; David et al., 1994;
Dong et al., 2010). Thus, the results are compatible with the commonly used cubic law and the
Kozeny-Carman equation (Bear, 1972).

In contrast to high permeable reservoir rock, low porous (<10%) and low permeable (<107 m?)
formations are classified as “tight” rock (Law and Spencer, 1993) and include clay-rich
sedimentary rock (mudstones), igneous rock (e.g., granite and gabbro), and metamorphic rock
(e.g., gneiss and quartzite). A few experimental studies were aimed at proposing a porosity-
permeability relationship for tight rock. Extensive review on the flow properties of mudstones
and shales with porosities ranging from 0.2 to 0.8 and permeabilities from ~1072! m? to 107! m?
is presented by Neuzil (1994) and concluded that the Kozeny-Carman equation did not provide
an accurate fit for the porosity-permeability relationship. Revil and Cathles (1999) studied the ¢-
k relationship for the shale-sand mixtures and reported the porosity sensitivity exponent values
for kaolinite, illite, and smectite to be 7-9, 10, and 12, respectively. Dong et al. (2010) reported

the increase of the permeability of silty shale from ~10" m? to ~107"° m?

as the porosity
increased from 0.10 to 0.13, which resulted in the porosity sensitivity exponent value varying
from n = 30 up to 55. On the other side, values of n between 2 to 5 are reported by Zhang et al.
(2015) for the shale from Sichuan basin in China with permeability ~10"'° m? and porosity of
0.03. Yang and Aplin (2010) suggested a porosity-permeability relationship for the mudstones
with an additional parameter, the clay content, that seemed to provide a good fit for fine-grained
clastic sedimentary rocks from North Sea and Gulf of Mexico but required an involved non-
linear fitting.

In crystalline rock, the permeability is usually considered only for the fractured states where

existing fractures act as dominant flow paths for fluid (Raven and Gale, 1985; Pliimper et al.,
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2017) and the cubic law is used for the porosity-permeability relationship in fractured media (Ge,
1997; Witherspoon, 1986). Consistent measurements of intact crystalline rock permeability are
rarely reported. Brace et al. (1968) conducted laboratory experiments to evaluate the
permeability of Westerly granite via the transient method. Changes in the porosity are estimated
from the measurements of the electrical resistivity and the porosity sensitivity exponent n was
found to be equal to 3. Alternatively, Morrow and Lockner (1997) reported the relationship for
seven granite cores from Illinois by measuring the permeability with the steady-state method and
evaluating the porosity change indirectly from the fluid volume discharge, which resulted in the
porosity sensitivity exponent values ranging from 12 to 43. For the purposes of the underground
storage projects, discontinuous fractures in the tight sealing layers are unfavorable and need to be
avoided. So, the hydraulic properties of the matrix should be characterized to estimate the
characteristic times for the linear and non-linear diffusion processes (Berchenko et al., 2004;
Pliimper et al., 2017; Réss et al., 2017).

Use of the Kozeny-Carman equation for tight rock may result in underestimation of the
permeability change due to the variations in porosity. The pore structure of a tight rock is usually
more complex than an assembly of spherical grains (Bustin et al., 2008; Ross and Bustin, 2009).
For example, Opalinus claystone contains relatively long pores (up to a few microns in length)
with the dominant pore throat diameters of just 0.02 um and tortuosity significantly larger than 1

(Figure 8.1).
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Figure 8.1. Surface Electron Microscopy (SEM) image of Opalinus clay with illustration of
applied hydro-mechanical loading and tortuous flow path.

The existing experimental studies stated difficulties in accurately assessing small variations of
porosity and have limitations in providing reliable parameters for numerical models that involve
coupling between fluid flow and mechanical behavior (e.g., Bower and Zyvoloski, 1997;
Noorishad et al., 1984; Vilarrasa et al., 2010; Schulz et al., 2019). Therefore, the establishment
of a more appropriate porosity-permeability relationship for tight rock needs serious
consideration. In this study, we present an experimental method aimed at direct measurements of
the stress-dependent permeability and poromechanical parameters of saturated tight rock.
Subsequently, the change in porosity can be calculated and the porosity-permeability relationship
for tight rock is established. Shale, claystone, and granite are selected as representative

geomaterials and their properties are measured and analyzed.
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8.2. Background

In geo-energy applications, the elastic deformation of participating formations is usually
preferable to avoid unrecoverable deformations, failure, seismicity, and loss of integrity
(Rutqvist et al., 2010; Chen, 2011; Salimzadeh et al., 2017). Therefore, we focus on the
poroelastic response and measurements of the corresponding material properties. Porous rock
consists of the solid matrix and pore space that is usually filled with fluids. Porosity ¢ is used as
an index property to efficiently characterize the porous media, where it is defined as the ratio of
the pore volume V), to the total volume of the material V: ¢=V,/V. Porosity changes due to the
variations in external and internal pressures, and therefore it is essential to understand the
poromechanical behavior of fluid-filled porous rock. For a representative elementary volume
(REV) of a saturated rock, the applied total mean stress P = o= (o71+0o2+03)/3 and pore fluid
pressure p/ can be taken as the dynamic parameters that govern its behavior, where o7, o2, and o3
are the three principal stresses (0:>02>>03). Then, the Terzaghi effective mean stress can be
expressed as P’ = P - p/ (Terzaghi, 1923).

The kinematic parameters associated with the total mean stress P and pore fluid pressure p/ can
be introduced as the volume strain &, and the increment of fluid content ¢ (Biot, 1941). Volume
strain is the sum of three normal strains: & = & + & + &3 and describes the bulk deformation of
the rock element. The increment of fluid content is defined as the fluid volume AV entering the
solid frame per unit volume of the element: { = -AV/V. The adopted sign convention is
compression positive, meaning that the principal stresses are positive in compression and
negative in tension, volume strain is positive when the rock element is compacting, and the

increment of the fluid content is positive when fluid exits the porous material (Rice and Cleary,

1976).
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Biot (1941) introduced a general constitutive relationship for an isotropic fluid-saturated porous
media using a set of poroelastic constants. In this work, we adopt the poroelastic constants that
are defined under the three boundary conditions: unjacketed, drained, and undrained (Detournay
and Cheng, 1993). Under the unjacketed condition, the variation in the mean stress P is equal to
that of the pore pressure p/: AP=Ap/. Unjacketed bulk modulus K’ and unjacketed pore modulus

K" can be defined as:

s
K =y (8.3)
* AV
Ap’=AP
v
S =V, (8.4)
P ap! =AP

Under the drained condition, fluid can freely move in or out of the pores while the pore fluid
pressure is set to be constant (Ap’=0). Drained bulk modulus K can be calculated from the change
in the volume of the material due to the applied mean stress:

AP
K=v2Z (8.5)
AV AP'/ZO

Biot coefficient « is introduced as the ratio between the volume of fluid expelled from the
element during the drained loading and the change in the element volume. In addition, the

relationship for « can be expressed through the ratio between the drained and unjacketed bulk

moduli:
AV

a=—2=> _- K (8.6)
AV Apf—O KS'

The undrained condition is defined by zero change in the increment of fluid content: £=0,

indicating that the fluid cannot move in or out of the porous material causing changes in the pore
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pressure if external loading is applied. Skempton's (1954) B coefficient is introduced to
characterize the undrained loading, where it is defined as the change in the pore pressure due to

the change in the mean stress:

'

AP oo

(8.7)

The elastic change in the porosity ¢ caused by the application of the effective mean stress P’ and

pore pressure p/ can be expressed using the introduced poroelastic constants (Detournay and
Cheng, 1993):

I-¢ 1 1 1 ~

—d=Ad= — P —¢| —— 4 8.8

N

N

The increment of fluid content £ in the porous element is linked to the fluid flux g through the

fluid continuity equation:

or
_+V- :0 8.9
ot 1 (8.9)

For the laminar and steady-state flow in a fully saturated element, Darcy’s law relates fluid flux
to the change in pore pressure dp/ through the permeability k and viscosity of the fluid z (Bear,
1972):

f
g =—§a§7 (8.10)
f i

The permeability characterizes the degree of fluid movement through the rock and, for tight rock,
it appears to strongly depend on the effective mean stress, k& = k(P") (Neuzil, 1994; Bernabé,
1986). Subsequently, by measuring the stress-dependent permeability and calculating variations
in porosity with the effective mean stress P’ (through the measured poroelastic parameters in
Equation 8.8), the porosity-permeability relationship can be established.
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8.3. Experimental methods

Measurements of hydraulic and poromechanical properties of porous rock can be conducted in a
single test performed on a fluid-saturated specimen subjected to external loading (Wang, 2000).
However, accurate assessment of tight rock properties is a challenging task that requires weeks
to moths due to the time scales of saturation and pore pressure diffusion processes (Section 8.4).
For example, conventional triaxial compression test on fluid-saturated rock is conducted in a
load frame that needs to be operating continuously for a few weeks, demanding considerable
energy consumption and continuous monitoring. In this work, a more time and energy efficient
approach is used. Drained (dry) and unjacketed bulk responses of tight rock are measured in the
hydrostatic cell (Section 8.35), while the fluid flow and the undrained response are characterized

in the core flooding device (Section 8.3¢).

8.3.1. Material

Three materials are utilized for this study: Eau Claire shale, Opalinus clay, and Charcoal granite.
The pore size distribution is measured via mercury intrusion porosimetry (MIP) method.
Maximum intrusion pressure of 400 MPa can be applied to force the mercury to penetrate in a
rock sample with a pore size diameter as low as 4 nm. The results of the pore size distribution
measurements are presented in Figure 8.2.

Eau Claire shale is a heterolithic carbonate and fine siliciclastic unit present across west-central
Illinois, where it overlies high permeable reservoir sandstone and is considered to serve as the
caprock for the CO; storage in Illinois Basin (Bauer et al., 2019). Tested Eau Claire shale

contains 42% quartz, 40% K-feldspar, 16% dolomite, and 2% mica. The dominant pore size is
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between 30 and 60 nm. Despite being named "shale," the rock contains a small portion of clay
minerals and is not fissile, so its drained properties change insignificantly with fluid saturation.
Opalinus clay is a potential host rock for nuclear waste storage and caprock for CO; storage in
Switzerland. Shaly facies extracted from the Mont Terri underground rock laboratory represent a
ductile Jurassic shale with an excellent retention ability (Bossart and Thury, 2008). Tested
material contains 50% clay (illite, kaolinite, chlorite, and smectite), 24% calcite, 20% quartz, 5%
organic matter and traces of other minerals. The dominant pore throat diameter for Opalinus clay
is 15 nm.

Charcoal granite, quarried in Cold Spring, Minnesota, is a medium-grained (0.2 to 8 mm),
crystalline, Precambrian granodiorite. The material contains 15% quartz, 15% plagioclase, 47%
feldspar, 10% biotite, and 13% hornblende (Althaus et al., 1994). Even after 3 months of fluid
injection, the flow through the intact cores of Charcoal granite could not be established and its
permeability is evaluated to be below 1022 m?. Therefore, the thermal treatment method is used
to induce microstructural changes in the rock in a consistent way. The pristine granite specimens
are heated to 300°C for 72 hours, before cooling it back to the room temperature. For the

damaged granite, the dominant pore size is equal to 8§ nm.
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Figure 8.2. Pore size density distribution of Eau Claire shale, Opalinus clay, and Charcoal
granite.

The pore volume of a tight rock mainly consists of nanoscale pores, which makes it difficult to
measure accurately. Mercury Intrusion Porosimetry allows determination of the porosity by
measuring the cumulative pore volume. As the applied pressure increases, pores with a smaller
throat diameters are getting filled, and the cumulative mercury volume at the maximum pressure
can be taken as the total pore volume. Thus, the porosity can be calculated with the measurement
of the total specimen volume (at zero mercury pressure). The disadvantage of the method is that
it utilizes specimens of a size smaller than 1 cm?, and the measured porosity values can vary by
2-5% due the specimen surface preparation (Kuila and Prasad, 2013). For the validation of
reported porosity values, the mass of fully water-saturated cylindrical specimens (diameter D =
50.8 mm and length L = 102 mm) is measured after the permeability tests. By knowing the
density of the pore fluid p; the porosity can be calculated from the difference between the

saturated and dry mass. The two methods show agreement within 3% and the porosity of Eau
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Claire shale, Opalinus clay, and Charcoal granite are reported as 0.10, 0.13, and 0.02,

respectively.

8.3.2. Hydrostatic compression tests

The hydrostatic compression test provides a robust way to determine jacketed (dry) and
unjacketed bulk moduli of rock (Tarokh and Makhnenko, 2019). It is performed in a pressure
vessel filled with hydraulic oil, where pressure is controlled by a hydraulic pump with 70 MPa
capacity (Figure 8.3a). The pressure transducer measures the hydrostatic pressure, whereas the
deformation is obtained locally on the rock specimen surfaces with the sets of resistive strain
gages. For Eau Claire shale, a cylindrical specimen (D = 30 mm and L = 60 mm) is used with
installed axial (&) and lateral (&u) strain gages. The specimen is cored perpendicular to the
bedding planes and it is assumed that the lateral strain is equal to the radial one, so the volume

strain & can be calculated as:
& =&, 28, (8.11)

For Charcoal granite and Opalinus clay, three normal perpendicular strains: &, &y, and &: are
measured on the prismatic specimens (50 x 35 x 35 mm) and the volume strain is calculated as
the sum of three orthogonal normal strains:

&y =&, tE, &, (8.12)
After the specimens are instrumented with the strain gages, they are covered with polyurethane
liquid membrane that solidifies after a few days and prevents confining fluid penetration into the
rock. The hydrostatic pressure is applied after the membrane-coated specimens are submerged in
the confining fluid, and the strain gage readings are recorded. Loading and unloading are

repeated at least two times for validation of the accuracy of the measurements. By plotting the
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mean stress (or hydrostatic pressure) versus the volume strain, the jacketed (dry or drained) bulk
modulus K can be determined.

After the jacketed test, the membrane is removed carefully by retaining the strain gages attached,
and the loading-unloading procedure is repeated under the unjacketed conditions. During the
loading, the confining fluid intrudes into the pores and the equilibration between the hydrostatic
pressure and the pore fluid pressure (P = p/) can take up to tens of hours due to the low
permeability of the tight rock. The pore pressure is assumed to be equal to the applied
hydrostatic pressure when the strain gage readings become constant for at least 3-4 hours. For
each specimen, full saturation with hydraulic oil can be assured by applying the cell pressure
higher than the capillary pressure for the fluid to intrude the pores of the smallest size.
Consequently, unloading in the unjacketed test is performed in steps of a few MPa with a few
hours to a few days equilibration time between each step, depending on the pore pressure
diffusion time for each particular material. Further detailed discussion on saturation and the
diffusion times for each tested rock are elaborated in Section 3d Eventually, measurements of
volume strain versus the hydrostatic pressure under the unjacketed conditions provide the
unjacketed bulk modulus K.

Shaly facies of Opalinus clay become fissile when the pore fluid dries out, so they are tested with
the in-situ fluid (brine) inside with the initial saturation after specimens’ recovery from a
borehole being about 85-90%. The unjacketed test on Opalinus clay is conducted by gradually
applying 60 MPa pore pressure with hydraulic oil (P = p/) for 15 days and then unloading the
specimen for 30 days to assure full pore fluid pressure dissipation. It is assumed that the full
liquid saturation (no air bubbles) of the shale is reached by oil pushing the pre-existing brine into

the smaller pores and filling the remaining pore space. Instead of conducting a dry jacketed test,
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a drained compression test is performed on Opalinus clay to obtain its drained bulk modulus
Krainea. The test is conducted in the high-pressure (70 MPa) triaxial cell with pore pressure
control pumps and measurements of axial/lateral deformations (Makhnenko and Podladchikov,

2018).

(a) (b)

Figure 8.3. Sketches of the experimental devices: (a) Hydrostatic compression cell used for
jacketed (dry) and unjacketed (oil-saturated) experiments, and (b) core flooding device used for
flow and undrained compression experiments.
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8.3.3. Flow tests

Under the assumption of Darcy’s flow, the permeability of rock can be measured by two
common techniques: steady state method and transient method. The steady state method involves
creating a constant pressure gradient through a specimen subjected to external stresses by
applying the upstream pore pressure higher than the downstream one. Thus, the permeability can
be calculated after the flow stabilizes, which requires long experimental times for tight rock (Suri
etal., 1997).

As an effort to overcome this drawback, the transient method (also known as the pulse decay
method) was introduced by Brace et al. (1968). The transient pulse decay method estimates the
permeability from the pressure diffusion across the specimen after applying an instant pulse
pressure at the upstream. The two ends of the rock sample are initially subjected to equal fluid
pressure and the pulse induced pressure difference of the upstream and downstream channels is
monitored as it decreases with time. Further works of Hsieh et al. (1981) and Neuzil et al. (1981)
indicated the practicallity of the method for crystalline rock and shale, but also the dependence of
the results on the boundary conditions and accurate knowledge of the storage capacity of tested
materials, measurements of which are challenging for the tight rock (Hart et al., 2005) and, in
general, require the knowledge of the compressibilities of the mineral phase, pore, and the fluid
(Zimmerman, 2017). Boulin et al. (2012) compared the use of the steady state method and the
transient method for tight rock and concluded that the former one would provide more accurate
results for permeabilities as low as 1022 m?,

Selection of the pore fluid for measuring the permeability of tight rock is also crucial in terms of
accuracy and experimental time, where use of inert gas with low viscosity has been suggested as

an alternative for liquid based permeability measurements (Klinkenberg, 1941; Bloomfield and
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Williams, 1995). Despite shorter time scales for saturation and flow tests with a gas, the
permeability measurements can be affected by numerous issues: type of the gas used (Sakhaee-
Pour and Bryant, 2012; Alnoaimi and Kovscek, 2019), gas slippage which requires correction
factors (Klinkenberg, 1941; Rose, 1948), potentially uneven gas pressure distribution in the
pores (Mehmani et al., 2013), presence of other fluids in the pore space (e.g., brine in the case of
in-situ shales), and small variations in temperature and pressure in the controllers that can
significantly affect the recorded inflow and outflow volumes, and hence, the accuracy of the
results.

Therefore, due to the complexities associated with the use of the transient method and gases as
the working fluids, we adopt a more intuitive steady state method with water as the pore fluid to
determine the permeability of rock without any additional assumptions. The tests are performed
on right cylindrical specimens (D = 50.8 mm and L = 102 mm) using the core flooding device
and three syringe pumps (Figure 8.3b). The confining pressure is applied via 70 MPa capacity
pump filled with hydraulic oil. Two 25 MPa capacity syringe pumps are connected to the core
holder: one - for the upstream pressure control and the other one - for the downstream pressure.
All the pumps can be operated in pressure, volume, and flow control modes. From Darcy’s law,
the flow rate ¢; can be expressed as AV/At in a single direction, and once reaching steady state
condition, dp//dx; becomes Ap//L in the direction of flow, where Ap/ is the pore pressure
difference along a distance L. The expression for calculating the permeability k& [m?] of a
specimen with a cross-sectional area A takes the following form:

LAV,

= 8.13
A-At-Ap” (8-13)
In the core flooding test, the confining pressure is only applied in the lateral direction and the

lateral stress is the major principal stress. In the axial direction, the stainless-steel platens provide
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passive restraint and inhibit the deformation of the specimen. From the generalized Hooke’s law,
the induced axial stress becomes oux = 2 vows, and the total mean stress can be expressed as P =
201 (1 + v)/3 (Kim et al., 2018).

Pure deionized water is used as the pore fluid for Eau Claire shale and Charcoal granite, while
for Opalinus clay — the in-situ brine is utilized. The tests are performed at constant room
temperature (22°C) and the viscosity of the pore fluid g4 is taken as 0.001 Pa-s. While preserving
the total mean stress constant, the differential pore pressure Ap' = p/uy — plaown = 2 MPa (upstream
minus downstream pressure) is applied to induce the flow through the fluid-saturated specimen.
Changes in the volumes of both pumps are observed over time, and as the absolute volume
change rates (AVy/ Af) of these pumps become identical, steady-state flow is assumed and the
permeability of the rock can be calculated from Equation 8.13. Measurements of permeability
are repeated at different effective mean stress levels by preserving constant average pore
pressure p/ = (p/up+p sown)/2, while the total mean stress P is varied. As a result, the permeability -
effective mean stress relationship (k - P") can be obtained.

Figures 8.4a and 8.4b demonstrate the results of flow tests performed on the most permeable
rock under consideration - Eau Claire shale and the least permeable rock - Opalinus clay. For
Eau Claire shale, approximately 400 mm? is collected at the outflow controller for two hours.
Opalinus clay appears to be much less permeable: reaching steady-state flow and collecting 200
mm? of brine at the downstream controller (with the accuracy of 1 mm?®) takes at least two days
for a single flow test. Measurements of permeability - effective mean stress relationship for a
tight rock require a few weeks to assure reporting the precise numbers at each step. In addition,
for Opalinus clay and Eau Claire shale, the flow tests are repeated in the reverse direction to

check for a potential pore throat clogging. The measured permeability values are within 5% of
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those observed for the reverse direction indicating that the clogging effect can be neglected
considering the accuracy of reported results. Charcoal granite is a crystalline rock that does not

contain any clay and calcite, so clogging is not expected and reverse flow tests are not

performed.
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Figure 8.4. Volume change of the inflow and outflow controllers during a permeability test on
(a) Eau Claire shale and (b) Opalinus clay.

8.3.4. Saturation

The poroelastic parameters of rock should be measured under the condition of full saturation,
meaning that all interconnected pore space is occupied by one pore fluid. For the unjacketed
tests, full saturation needs to be confirmed to guarantee even distribution of the pore pressure and
homogeneous deformation. Hydraulic oil is used as the pore fluid because it has neither chemical
effect on the rock nor electrical effect on the strain gages. During the unjacketed test, the cell
pressure is gradually increased to 50-60 MPa within a few days to ensure full saturation with the

confining fluid (oil). Achievement of full saturation can be validated by evaluating the values of
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required capillary pressures to overcome for replacing another fluid. This can be done by

interpreting the results of MIP tests via the Young-Laplace equation:

;  4o,cos0,
pl = (8.14)

The interfacial tension between the hydraulic oil and air is taken as gy, = - 0.036 N/m - the most
conservative case for hydraulic oils (Blinks and Clint, 2002), and the pore throat diameter d can
be calculated from the MIP test. The oil-air-rock contact angle €, is assumed to be 0°, based on
the values from previous studies and direct measurements for smooth surfaces (Wenzel, 1936;
Ethington, 1990). Thus, the calculation of capillary pressure provides the saturation curve for the
hydrostatic compression test using hydraulic oil as the confining fluid (Figure 8.5a). Full oil
saturation can be achieved for Eau Claire shale and Charcoal granite at pressures above 15 MPa,
and it could require more than 60 MPa to access the smallest pores in Opalinus clay. However,
the clay specimen is tested with 85% of initial brine (wetting fluid) saturation and after 15 days
of 60 MPa oil pressure application, it is stated that it becomes 100% liquid saturated
(Makhnenko and Podladchikov, 2018).

The pore pressure diffusion process needs to be taken into account at each step of loading or
unloading to assure that pressure equilibrium has been reached before strain measurements. For
the hydrostatic compression tests on tight rock, enough time is given at each step for pressure
diffusion: 30 minutes to 3 hours for Eau Claire shale, 6 to 48 hours for Opalinus clay, and 6 to 24
hours for Charcoal granite. This can be confirmed by calculating the diffusion coefficient ¢ as a
function of permeability £, fluid viscosity 14, and measured poroelastic constants (Detournay and

Cheng, 1993):
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Given viscosity i1 = 0.07 Pa-s and bulk modulus K, = 1.3 GPa of the hydraulic oil, the ¢ values
for oil-saturated specimens can be determined. For Opalinus clay, the fluid properties of water
(twater = 0.001 Pa‘s and Kyawer = 2.24 GPa) are used to calculate c. The corresponding
characteristic diffusion time z... for specimens of linear size L with drained boundary conditions
on all sides can be calculated by tc.r ~ L*/4c, where it is determined as ~20 min for Eau Claire
shale, ~5 hours for Opalinus clay, and ~2 hours for Charcoal granite (see Table 8.1), implying
that the experimental times for each step of our tests are sufficient to reach pore pressure
equilibrium.

For the tests conducted in the core flooding device, full saturation is achieved by applying the
back pressure technique (Lowe and Johnson, 1960; Makhnenko and Labuz, 2016). Its purpose is
to achieve 100% saturation by forcing any gas into the solution of the pore water. Measurements
of Skempton’s B coefficient are performed at gradually increasing back pressures while keeping
the Terzaghi effective mean stress P’ constant. When the rock is not fully saturated, the B value
increases with pore pressure, as more air is forced into solution and the value of pore fluid bulk
modulus Ky increases (Equation 8.16). A measured B value that is constant and independent of
the magnitude of the back pressure indicates full saturation (Figure 8.5b). Once the air is driven
into the solution, the air-water mixture behaves as a fluid with a bulk modulus equal to that of
pure water, Kyawer = 2.24 GPa.

The change in the mean stress during the undrained test can be calculated from generalized

Hooke’s law as AP = 2A 011 + v,)/3, where v, is the undrained Poisson’s ratio of rock since the
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specimen is deforming under the undrained condition. The Skempton’s B coefficient is then

calculated from the change in pore pressure Ap/ caused by the increase in the mean stress AP.

B 1 B 1 B o
T AP ~2(14v)-Ac, a (8.16)
f - Ccor > f = - Ccor a + ¢ K L - 1
A > K, K"

Measured Skempton’s B coefficient needs to be corrected because the pore water lines (that
connect the specimen and pore pressure transducers) are compressible and provide an extra
volume for the pore fluid to dissipate (Bishop, 1976). This effect is considered through the
correction factor Ce,r, Which appears to be very small for the core flooding device (Ceor = 0.5%10"
2) and its contribution to the measured B values is within 0.005. The undrained Poisson’s ratio vy
needed for calculation of AP is not measured in this study, but can be calculated from other

poroelastic constants as (Rice and Cleary, 1976)

y _3v+B(1-2v)(1-K/K,)
3-B(1-2v)(1-K/K))

(8.17)
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Figure 8.5. (a) Saturation curves indicating oil pressures needed for achievement of full
saturation in the hydrostatic compression tests. (b) Increase of the Skempton’s B values with

applied pore pressure during the application of back pressure saturation technique in the core
flooding device.
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8.4. Results

8.4.1. Hydrostatic compression tests

Jacketed and unjacketed hydrostatic compression tests are conducted on Eau Claire shale,
Opalinus clay, and Charcoal granite (Figures 8.6-8.8). The loading-unloading procedure is
duplicated to check the repeatability of the test, and the unloading response is used for the
determination of the bulk moduli (K and Kj;'). Results for jacketed tests performed on Eau Claire
shale and Charcoal granite show that the slope of the hydrostatic pressure - volume strain curve
increases until it becomes constant at pressures above 20 MPa, most likely due to the closure of
crack-like pores (Walsh, 1965). On the other hand, the results for the unjacketed tests show a
linear response throughout the whole loading-unloading procedure. For Eau Claire shale,
measured axial and lateral strains are almost identical, indicating the validity of isotropic
deformation assumption (Figure 8.6). The drained response from the triaxial test on Opalinus
clay does not appear to be strongly stress-dependent, but shows pronounced differences in axial
and lateral deformations, which is hindered in the unjacketed test where the role of the
orientation of cracks and pores in the material is diminished (Figure 8.7). For Charcoal granite,
we observe anisotropy for both the drained (dry) and unjacketed response. The normal strain in
one direction is 30% different from the two other directions. This difference decreases to 20% in
the unjacketed test, but does not disappear indicating the solid matrix anisotropy for the granite
(Figure 8.8). Even though the degree of anisotropy can decrease at elevated pressures due to the
crack closure (Carvalho et al., 1997), the intrinsic matrix anisotropy can still play an important

role in bulk and solid response of rock (Hart and Wang, 2010; Tarokh and Makhnenko, 2019).
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Figure 8.6. Results of hydrostatic compression tests performed on Eau Claire shale under (a)
jacketed (dry) and (b) unjacketed conditions.
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Figure 8.7. Results of hydrostatic compression tests performed on Opalinus clay under (a)
drained (brine-saturated) and (b) unjacketed conditions (fully saturated with brine and oil).
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Figure 8.8. Results of hydrostatic compression tests performed on Charcoal granite under (a)
jacketed (dry) and (b) unjacketed conditions.

For Eau Claire shale, K and K;' are measured as 17.0 GPa (at P’ > 30 MPa) and 49.3 GPa,
respectively. Drained and unjacketed bulk moduli of Opalinus clay are measured to be the lowest
among the three tested materials: K = 1.8-2.7 GPa and K" = 8.9 GPa. Charcoal granite
demonstrates the stiffest response among three rocks with K = 46.4 GPa (at P> 30 MPa) and K’
= 63.2 GPa. Measurements of K and K,' provide calculation of Biot coefficient = 1 - K/Ky/,
which is found to vary from above 0.9 for Eau Claire shale at low pressures to 0.27 for Charcoal
granite at elevated pressures. The results of hydrostatic compression tests for all three materials

are shown in Figure 8.9 and are summarized in Table 8.1.
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Figure 8.9. Drained (dry) and unjacketed behavior of (a) Eau Claire shale, (b) Opalinus clay, and

(c) Charcoal granite.
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8.4.2. Flow and undrained compression tests

Permeability £ and Skempton's B coefficient are measured for Eau Claire shale, Opalinus clay,
and Charcoal granite. Constant and pore pressure independent values of B are confirmed before
conducting permeability tests to secure the achievement of full saturation. During the subsequent
permeability measurements, the difference between the input and output pore pressures are
maintained at a constant value of 2 MPa, and the inflow and outflow volume changes are
recorded at each step for 2 hours for Eau Claire shale, 15 hours for Charcoal granite, and at least
50 hours for Opalinus clay. While maintaining constant average pore pressure, the confining
pressure is controlled to measure the permeability and Skempton's B coefficient at different
effective mean stress values. For Eau Claire shale, the permeability is measured in the range of
2-3x107'® m?, while B decreases from 0.68 to 0.30 with increasing pressure. Opalinus clay shows
the lowest permeability in the range of 4-15x1072! m?, while the B value is the largest among the
three tested rocks varying from 0.91 to 0.81. Permeability measurements for Charcoal granite
provide k in the range of 1-5x107"” m? and the Skempton's B coefficient values are the smallest
among the three materials, changing from 0.26 to 0.06. The results for stress-dependent B and &

are demonstrated in Figures 8.10a and 8.10b and all measurements are summarized in Table 8.1.
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Figure 8.10. (a) Skempton’s B coefficient and (b) permeability as functions of effective mean
stress for Eau Claire shale, Opalinus clay, and Charcoal granite.

Table 8.1. Summary of measured and calculated poroelastic and flow properties for Eau Claire
shale, Opalinus clay, and Charcoal granite (stress-dependent parameters are reported at P’ = 10

MPa).
: Material Eau Claire shale Opalinus clay Charcoal granite
¢[-] 0.10 0.13 0.02
V(-] 0.18 0.30 0.22
Measured k [m?] 2.8x1071® 6.5%102! 2.7x107"
parameters B[-] 0.51 0.89 0.22
K [GPa] 10.0 2.7 18.3
K;'[GPa] 49.3 8.9 63.2
al-] 0.80 0.70 0.71
Vu [-] 0.27 0.42 0.23
Calculated ¢ m7s] 2.3x107 1.7%10° 4.6%10°
parameters
n[-] 15 16 17
Al-] 13 13 18

The absolute errors of the reported parameters can be evaluated from the precision of the

experimental devices. The syringe pumps utilized for both hydrostatic compression and flow

tests have the accuracy of 1 mm? for the volume and 5 kPa for the pressure, and the strain
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measurements are consistent with the accuracy of a few microstrain (10%). Some errors,
however, are associated with calculation of the applied mean stress from the knowledge of
drained and undrained Poisson’s ratios in the core flooding device. Based on the provided
accuracies and the repeatability of test results, the relative errors are determined as: 3% for
porosity ¢, 5% for drained Poisson’s ratio v, 2% for permeability £ (5% for Opalinus clay), 3%
for Skempton’s B coefficient (5-10% for Charcoal granite), 2% for dry bulk modulus K (5% for
Opalinus clay), 2% for unjacketed bulk modulus K', 4% for Biot coefficient & (7% for Opalinus
clay), 10% for undrained Poisson’s ratio v, 10-15% for the diffusion coefficient ¢, and 10% for

porosity sensitivity exponent #.

8.5. Discussion

The solid (unjacketed) compressibility of the tested rock is found to be stress independent, while
the drained moduli gradually increase and Skempton’s B coefficient values decrease with applied
pressure until reaching constant values due to the closure of pre-existing crack-like pores. The
flow properties also change with the effective mean stress, with the strongest effect being
observed for Charcoal granite (k decreases from 5x10" to 1x10'° m?) and Opalinus clay (k
decreases from 10x107?! to 4x1072! m?), while the permeability of Eau Claire shale changes from
3x1078 to 2 x10'® m? with the increase of P’ from 2 to 20 MPa. The data reported data is within
the order of magnitude of typical values reported for Charcoal granite (~102° - 102! m? by South
and Daemen, 1986), shaly facies of Opalinus clay (~102! - 10%° m? by Croisé et al., 2004;
Marschall et al., 2005; Romero et al., 2012), and Eau Claire shale with porosity of about 0.1 and

10% of clay content (107'® - 10'7 m? by Neufelder et al., 2012).
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Considering the anisotropy of the tested rock, we acknowledge that the reported permeabilities
could take slightly different values if the applied loading would be isotropic during the core
flooding tests. In addition, the permeabilities reported in this work correspond to the flow in the
direction perpendicular to apparent bedding planes in Opalinus clay and Eau Claire shale cores
and the vertical direction for the extracted block of Charcoal granite. The vertical (perpendicular
to the bedding planes) flow direction is considered in the context of tight rock being a sealing
layer for geo-energy problems. Measurements of the flow in the other directions are limited by
the size of the cores for shales and time constraints in case of the granite. The permeability
anisotropy in granites is reported to be relatively small — about 20% for Chelmsford and Barre
granites (Bernabe, 1986) and up to 200% for Inada granite (Kiyama et al., 1996). The directional
dependence of flow properties in shales could be significantly more pronounced with the ratio of
vertical to horizontal permeability taking the values up to 100 (Grainger, 1984; Armitage et al.,
2010; Loucks et al., 2012; Bhandari et al., 2015). For Opalinus clay, the reported permeabilities
for parallel vs perpendicular to the bedding planes directions can vary from a factor of 3
(Romero et al., 2012) up to 10 (Marschall et al., 2005). It has to be noted that the permeability
anisotropy might not affect the power law relationship between ¢ and £, since the permeability in
different directions often change in the same manner with applied effective mean stress
(Bernabe, 1986; Kiyama et al., 1996; Romero et al., 2012).

Measurements of the unjacketed moduli are challenging for the tight rock because of the
difficulties associated with assuring its full saturation and pore pressure diffusion at each stage of
loading. The validity of the reported results can be examined by calculating the upper and lower
bounds for the mineral moduli proposed by Voigt (1889) and Reuss (1929). The Voigt average

(upper bound) can be calculated as: Ky = X ¢ Ky where Kj; is the solid modulus and ¢ is the
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volume fraction of the i-th constituent. The Reuss average (lower bound) is introduced as: 1/K; =
Y @¢/Ksi. The values of mineral moduli are adopted from Mavko et al. (2009) as Kguarz = 37.0
GPa, Kredspar = 63.0 GPa, Kaoiomie = 95.0 GPa, Kpica = 58.2 GPa, Koy = 2.0 GPa, Keaicie = 73.3
GPa, Korganic = 1.0 GPa, Kpiugiociase = 75.6 GPa, Kpiorire = 59.7 GPa, and Kiornpiede = 90.0 GPa. The
measured K;' value for Eau Claire shale is 49.3 GPa and it falls within the calculated bounds of
48.0 GPa and 54.5 GPa. Opalinus clay also satisfies the calculated lower 3.5 GPa and upper 26.1
GPa boundaries, with the measured K" = 8.9 GPa. Interestingly, measured K" = 63.4 GPa for
Charcoal granite is close to the calculated upper boundary of 64.2 GPa for the mineral modulus
of the material. It can be caused by the low porosity of the rock, but also may be due to the lack
of knowledge of the exact mineral composition of the tested specimen. Given the linear response
of all three rocks during the unjacketed unloading, measured K;' values are assumed to be valid.
We acknowledge that bulk moduli of some clays and organic matter can be larger than the
adopted values, but it has a little effect on the provided estimate of the upper and lower
boundaries.

Evaluation of the stress-dependent porosity is a requisite for establishing the porosity-
permeability relationship. However, directly measuring the change in the porosity of tight rock is
remarkably challenging due to the pore volume variations on the order of microstrain. It is
proposed instead that the poroelastic parameters of the rock are accurately determined for the
fully-saturated specimens, thus providing the calculation of the change in porosity (Equation 8.8)
with the initial porosity value ¢ measured via Mercury Intrusion Porosimetry. Calculation of the
change in porosity requires the knowledge of the unjacketed pore modulus K;". Direct
measurement of K" is very sensitive to the small pore volume variations (Tarokh et al., 2018),

hence this parameter is estimated only for Opalinus clay by using a pore pressure controller with
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a capacity of 4 MPa and an accuracy of pressure measurements of 0.4 kPa and volume
measurements of 1 mm?®. K" is evaluated to be 7+2 GPa, so K’ = K;"” can be assumed
(Makhnenko et al., 2017). For Eau Claire shale and Charcoal granite, the unjacketed pore
modulus has not been measured. Given that pore pressure in the flow tests is around 8 MPa and
assuming that K" can take values as low as 0.5 K, it can be estimated that the second term on
the right hand side of Equation 8.8 could contribute to 20% of overall porosity variation.
However, in this work, the main interest is in the change of porosity with the effective mean
stress P', while the pore pressure p’ is preserved constant. Hence, the second term in Equation 3.8
remains constant once we reach the testing conditions and contributes by less than 0.1% (within
the accuracy of our measurements) to the total porosity value. Therefore, only the first term on
the righthand side of Equation 8.8 is utilized for calculation of porosity variations.

The porosity-permeability relationship can be established by adopting the power law with the
porosity sensitivity exponent #n (Figure 8.11a). For all the tested rocks, a linear fit with R? values
above 0.98 can be observed between the logarithms of permeability and porosity. The porosity
sensitivity exponent values are determined as 15, 16, and 17 for Eau Claire shale, Opalinus clay,
and Charcoal granite, respectively. The exponent values for tight rock (15-17) are significantly
larger than those for sandstones (~3-5) (Mavko et. al, 2009), indicating that in the former
materials, small perturbations of porosity may result in a substantial changes in permeability.
Additionally, the Kozeny-Carman equation can be rearranged in a form of power-law flow-units
function that includes the nonzero-transport threshold, cementation effects, and the gate or valve
effect for the isolated pores (Civan, 1996; 2000). Empirical parameters /- the effect of the pore
connectivity on the pore to solid volume ratio and y - the interconnectivity are adopted along

with assumption of the cement exclusion factor being equal to 1 (Civan, 2001) to write:

291



i Y -
¢/ ¢, 1/ ¢y=9/6,

The parameter £ can be obtained by plotting the relationship between log[(k/ko)/(#/ ¢o)] vs log
[(&/d0)/(1/¢o - ¢/ do)]. Figure 8.11b shows that the experimental data fits well (R*> = 0.97) with the
Civan’s (2000) equation with £ values calculated as f~ 13, 13, and 18 for Eau Claire shale,

Opalinus clay, and Charcoal granite, respectively. It can be stated that the parameter [ is

analogous to the porosity sensitivity exponent » and takes similar values for the tested tight rock.
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Figure 8.11. Porosity-permeability relationships for tight rock with reported values of (a)
porosity sensitivity exponent # (Equation 8.2), and (b) pore connectivity parameter £ (Equation

3.18).
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A fraction of small pores in tight rock that does not participate to the fluid flow could
significantly influence the reported data. Percolation theory characterizes the fluid flow in a
random porous media and is based on mathematical and statistical calculations where the pores
are assumed to be pipes or cracks (Broadbent and Hammersley, 1957; Gueguen and Dienes,
1989). The fraction of connected pores is introduced in the equations for permeability to explain
the random distribution of pores, where the percolation threshold porosity ¢. is considered
(Stauffer, 1985). Below ¢, k is equal to zero, meaning that no flow would occur, while as ¢
increases over ¢, the corresponding k values increase. Mavko and Nur (1997) included the
percolation threshold porosity ¢ to the Kozeny-Carman relation by replacing ¢ by (¢ — @),

which notably improved the fit for porous and well-sorted rocks.

1 (¢_¢c)3 dz

ke =—— _ (8.19)
727 (1-(¢~4.))

The major drawbacks of the percolation theory are that the employed parameters cannot be
experimentally determined, leading to limitations in practical applications. Moreover, the
oversimplification of the pore structure and hydraulic behavior may not be applicable for tight
rock, where the pore sizes are incredibly smaller and the morphology of the pores is much more
complex.

We employ the theoretically derived Kozeny-Carman relationship with the percolation threshold
porosity and compare it with the data for Opalinus clay based on the procedure introduced by
Makvo and Nur (1997). The tendency curves are calculated for four different percolation
threshold porosity ¢@. values (0.001, 0.01, 0.03, 0.05), while the effect of tortuosity 7is evaluated
by comparing 7~=2.5 for tight rock (Ghanbarian et al., 2013) to 7=1.0. As ¢ and 7 increase, the

tendency curves move downwards, but the sensitivity of permeability from porosity change
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remains to be strongly underestimated (Figure 8.12), independently of the value of 7. Therefore,
we state that a power-law type relationship with a higher exponent value provides a significantly
better fit, while the Kozeny-Carman relationship is unable to capture the strong dependence of

permeability on the little changes in porosity for tight rock.
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Figure 8.12. Comparison of Kozeny-Carman and power law porosity-permeability relationship
for Opalinus clay with tortuosity zas (a) 7= 1.0 and (b) 7= 2.5.

Measurements of tight rock poromechanical properties and permeability are essential for the
success of geo-energy applications. Mechanisms controlling fluid flow through the low-
permeable barriers and pore fluid dissipation in them dictate the capacity and efficiency of
geologic storage of CO> and radioactive waste (Tsang et al., 2005; Angeli et al., 2009). Flow
properties that are highly dependent on porosity are important for creation of dynamic
permeability pathways in reservoir and barrier formations (Réss et al., 2018) and may lead to

undesirable CO; leakage to the near surface (Tian and Ague, 2014). In addition, fluid flow
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initiation in deforming Earth crust needs to be properly understood (Bredehoeft and Norton,
1990), because of its importance for crustal pore pressure development (Walder and Nur, 1984)
and triggering of intermediate depth subduction zone seismicity (Pliimper et al., 2017). This
study shows that small variations in tight rock porosity can be accompanied by large variations
in permeability meaning that porosity-permeability relationship with low exponent values (such
as Kozeny-Carman) may mislead the assessment of the subsurface flow. Instead, the ¢k
relationship for tight rock needs to be measured for each participating formation to properly
assess the integrity of the sealing layers (Angeli et al., 2009) and avoid the induced seismicity

(National Research Council, 2012).

8.6. Conclusions

In this study, we propose an experimental method to evaluate the porosity-permeability
relationship for tight rock by coupling its mechanical and flow responses. We select Eau Claire
shale, Opalinus clay, and Charcoal granite as the representative materials. Flow and mechanical
tests are conducted simultaneously by utilizing the core flooding device that allows
measurements of permeability and undrained parameters, and the hydrostatic cell, where
jacketed and unjacketed compression tests are performed. A special effort is taken to achieve full
saturation of the rock that often times requires elevated pressures (above 8 MPa) and long pore
fluid pressure diffusion times (days to weeks). In addition, for Opalinus clay, a drained triaxial
test is conducted instead of the jacketed test, because the in-situ pore fluid plays a crucial role in
material integrity and it could not be tested dry.

Due to the nanoscale size of the dominant pores in the tight rock, small variation of porosity
cannot be measured directly, but is calculated as a function of effective mean stress via

measurements of the poroelastic rock properties. By integrating the experimental results, the
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porosity-permeability relationship can be established with a porosity sensitivity exponent n. Our
measurements demonstrate that the relationship for tight rock has a significantly larger exponent
value n ~ 15-17, as compared to the porous rock such as sandstones with n ~ 3-5. This implies
that a small porosity change may induce a significant change in permeability for tight rock,

potentially causing undesired consequences such as fluid channeling and leakage.
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CHAPTER 9: IMPLICATIONS AND FUTURE WORK

9.1 Implications

A laboratory-scale experimental framework for the effect of CO: injection on the
poromechanical and multiphase flow responses of subsurface formation is presented in this
thesis. A hydro-mechanical-chemical coupled constitutive model is adopted, and the involved
parameters are defined and accurately assessed for the reservoir formation. In this section, a
practical implication of this study to geologic carbon storage is discussed with the existing
limitations that may be improved in the future work.

The implication of this study can be described in four major aspects. First, characterizing the
effect of CO; injection on the poroelastic response of reservoir rock can provide an
understanding of its short-term behavior. In an industrial CO; storage site at In Salah, Algeria, it
was observed that surface uplift occurred during the injection process, which may jeopardize the
integrity of the system and cause an undesirable damage for subsurface infrastructure (Rinaldi
and Rutqvist, 2013). Also, as the CO: injection instantly increases the pore pressure, changing
the effective mean stress closer to the failure criteria, properly understanding the short-term
response for CO; storage becomes crucial. Moreover, for the limestone reservoirs, such as the
one in Weyburn project in Canada, alteration of the pore structures due to dissolution was
reported, implying the chemical effect of CO> injection may affect this poromechanical response
(Verdon et al., 2013).

Secondly, as the CO> injection projects aim for thousands of years of permanent CO; storage, the
time scale of the applicability of the constitutive relationships needs to be extended to consider

the time-dependent response of reservoir rock. In Weyburn project, a long-term pressure buildup
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of 5-6 MPa was monitored from the modeled pore pressures after stopping the CO: injection
(Verdon et al., 2013), implying that the time-dependent behavior must be considered for safe
permanent CO> storage. As this study reveals that the chemical effect can promote the time-
dependent deformation, it is believed that the findings may provide more accurate understanding
of the long-term response of reservoir rock.

Thirdly, this study suggests a chemo-poro-visco-elastic coupled model to describe the reservoir
rock response during CO: injection. While most existing studies merely report the effect of CO»
treatment on separate rock properties such as stiffness, creep, and permeability (Rohmer et al.,
2016), the coupled model solely includes the parameters that can be directly measured in
laboratory experiments.

Lastly, characterizing the effect of CO, treatment on the multiphase flow provides an
understanding of the CO> injectivity and storage capacity, where the relative permeability can be
measured at different degrees of saturation. Additionally, the maximum degree of saturation of
water and CO; can be evaluated, which is directly related to the storage capacity of the CO»
storage sites. A schematic illustration of the implication of this study is presented in Figure 9.1.
Although the constitutive equations considering the time-dependent behavior and chemical effect
are introduced, they can not be directly utilized for the field-scale geologic carbon storage due to
the discrepancy in the scale. Moreover, as faults or cracks exist in the large-scale reservoir, the
poromechanical properties and the constitutive equations adopted at the lab scale become
inapplicable for the fault region. Therefore, for the short-term response, the poromechanical and
hydraulic properties of the fault zone need to be separately determined, that generally has a
larger deformation and permeability, compared to that of the intact material (Caine et al., 1996;

Cappa and Rutqvist, 2011). The scale effect also needs to be considered for the long-term
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response. While the bulk viscosity values of reservoir rock measured in this study are reported in
the order of 10'5-10'¢ Pa-s, Karato (2010) stated that the reservoir-scale viscosity values for the
solid Earth materials are generally in the range of 10'°-10*2 Pa-s, much higher than the
laboratory-scale measurements. The main reason for this discrepancy is elaborated in Chapter 5,
where the field-scale rock formations can be much more permeable and compressible due to the
presence of fractures, which eventually reduces the compaction effect on the time-dependent
deformation. This implies that there are limitations to this study, as artificial pore pressure
buildup measurements are taken for the time-scale of only a few hours right after the rock
specimens were taken out of the equilibrium. Despite these limitations, it can be argued that the
effect of CO, treatment on the time-dependent response is investigated in a laboratory-scale

experiment, that can further be extrapolated for the reservoir application in future work.

Brine saturated
reservoir

Figure 9.1. Schematic illustration of the implication of this study to geologic carbon storage.
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Another important limitation that can be suggested for future work is the time-dependent
response under deviatoric loading. For this study, the viscous behavior of reservoir rock is
monitored under hydrostatic loading, as it may not be the case for many subsurface rocks. As it
has been reported that reservoir rock for GCS at 1-3 km depths is subjected to significant
deviatoric in-situ stresses, it becomes important to experimentally characterize the time-
dependent behavior under shearing (van der Meer, 1992). Although some preliminary
experiments revealed that the viscous response might differ under deviatoric loading from the
hydrostatic loading, it still requires further work, as there exist discrepancies among the existing
studies (Rohmer et al., 2016).

An important application of the experimental work to geologic carbon storage is to evaluate the
stability of the system. As it is important to avoid any inelastic response for safe CO» storage, the
stress state can be assessed with respect to the yield conditions to assure it is within the elastic
regime. For example, the stress state of the reservoir condition can be evaluated by adopting the
Mohr-Coulomb failure criteria for Apulian limestone. As the strength and poroelastic properties
are accurately measured for the pristine and CO; treated specimens in Chapter 3, the P'-g
diagram is presented in Figure 9.2. The analysis shows that for the limestone, it is important to
consider the chemical effect on the poromechanical properties, since the stress state moves
significantly closer to the failure criteria by altering the failure envelope. Moreover, from the
pore pressure buildup, it can be seen that the time-dependent response may also jeopardize the
stability of the system, indicating the importance of considering it for geologic carbon storage
projects. It is to be noted that by measuring the strength properties of any joints with potential

failure, the stress state can also be compared with its failure criteria to guarantee stability.
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Figure 9.2. P'-q diagram for pristine and CO; treated Apulian limestone.

9.2 Future work

Based on the experimental work presented in this thesis, future work is proposed.

First, further investigation may be continued to complete the full coupling of the hydro-
mechanical-chemical model for reservoir formation. Although chapter 6 adopts a chemo-poro-
visco-elastic model and determines the chemical parameters by measuring the poromechanical
properties, the analysis contains assumptions on the chemical perspective that require
verification and calibration. As the reservoir formations at field scale GCS sites are generally
multimineralic, the chemical effect of CO, treatment on the other composing minerals (K-
feldspar, albite, anorthite, and others) needs to be considered (Rochelle et al., 2004). This future
work could be conducted by installing ion electrodes and pH probes and measuring the chemical
aspects of the pore fluid. However, difficulties may exist in measuring the chemical responses at
high-pressure conditions, and conducting calibration for all the existing chemical reactions.
Additionally, the study on the multiphase flow behavior in reservoir rock may be extended. A

novel method is proposed in this thesis to evaluate the degree of saturation of CO; and water by
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accurately measuring the poroelastic properties. Although the independent mercury intrusion
porosimetry measurement provide some verification, further validation may be achieved by
using X-ray CT scanning, as it can visualize the water and CO> distribution in the pores. Also,
the in-situ contact angle and interfacial tension measurements can be conducted to provide an
enhanced understanding of the multiphase flow behavior.

Studies on the sealing layer material (tight rock) have been conducted, where the poromechanical
and hydraulic characteristics have been assessed. As the fluid flow is directly related to the in-
situ stress state, a coupled porosity-permeability relationship is established. For GCS,
understanding these responses is of great interest since the potential leakages can be evaluated
for the tight sealing layers. However, to properly assess the sealing efficiency, the relative
permeability and breakthrough pressure of CO> need to be accurately evaluated (Kaldi et al.,
2011; Makhnenko et al., 2017). Future work can be proposed on characterizing the multiphase
flow response and breakthrough pressure of the tight sealing layers. In this section, some
preliminary measurements are presented.

The relative permeability curves for the sealing layers are presented in Figure 9.3. The novel
methods introduced in Chapters 3 and 7 are implemented for tight rock. The two-phase flow tests
can only be conducted at a 1:1 ratio for the selected tight rocks because the minimum flow rate
the syringe pump can apply is 0.001mL/min and exceeding this limit leads to pressure buildup at
specimen interface. For Charcoal granite, the fitting exponent parameter N, is calculated to be
1.9, while the maximum degree of saturation for CO> is determined as 0.59. In contrast, the
relative permeability curve for Opalinus Clay provides N,, = 5.5 with the maximum degree of
CO> saturation as 0.60, which is in agreement with previous studies on shales (Bennion and

Bachu, 2008). The discrepancy between the exponent parameters of the two materials can be
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explained by preferable pathways that may exist in crystalline rock. N, = 1.9 for Charcoal
granite can be considered relatively low for a tight rock, where the pore space exists mainly in
terms of microcracks. It is possible that water and CO» are flowing through the granite’s pore
network without much interaction between them. Further investigations on relative permeability
can be conducted on measuring more discrete points for the k. — S curve, and also monitoring the

evolution of the relative permeability curve with time and hysteresis.
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Limited measurements of the breakthrough pressures are provided for different effective stress
conditions and compared for the tested materials in this study (Figure 9.4). Preliminary results
show that the breakthrough pressures for Opalinus Clay are measured as ~2 MPa at different
effective stresses. This implies that the nature of the breakthrough itself is not affected by the
pore deformation, but once it exceeds the breakthrough pressure, the CO» permeability can be

promoted by increasing the injection pressure.

14
M Berea sandstone
Pristine Apulian limestone
__12 1| 4 Co0, treated Apulian limestone
n“j # Pristine Indiana limestone
S ¢ CO, treated Indiana limestone
iy 10 ® Opalinus Clay
%)
o
% 81
2
%

g 4] J
o)
=

2 -

0 T T 1 rrrrrg T LA LR L B L | T T v rrrrrg T T v rrroy

0.001 0.01 0.1 1 10

Breakthrough pressure [MPa]

Figure 9.4. CO; breakthrough pressures for reservoir and caprock materials at different effective
mean stresses.

The effect of CO; treatment on the breakthrough pressure of reservoir formation is estimated
from the capillary pressure saturation curves provided in chapter 7 (Figure 9.2). The chemical
effect of CO; injection decreases the breakthrough pressures for limestones, while it does not

change for the sandstone.
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Future work may also be extended to the practical application for GCS projects. The scale effect,
starting from the microscopic to the macroscopic, and finally to the macro to the field scale,
needs to be understood. Another important aspect that may be studied in the future is the effect
of temperature, which is assumed to be constant for this study. As CO» changes its phase into the
supercritical at high-temperature/pressure conditions (p/ > 7.3 MPa and T > 31 °C), the
poromechanical and hydraulic experiments can be conducted using supercritical CO» as the pore
fluid. Moreover, on top of the HMC model, the constitutive equations may be extended to
include thermo-hydro-mechanical-chemical (THMC) coupling, where additional sets of material

parameters should be introduced.
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CHAPTER 10: CONCLUSIONS

This study aims to establish a comprehensive experimental framework to characterize the effect
of CO; treatment on the poromechanical and hydraulic characteristics of subsurface rock.
Representative materials for the formations participating in geologic carbon storage are selected,
and a series of experiments are conducted to accurately evaluate their hydromechanical
responses. Berea sandstone is selected as the representative material for silica-rich rock, while
Apulian and Indiana limestones are chosen for calcite-rich rock. For the sealing layers, two
caprock representative materials, Opalinus Clay (shale) and Eau Claire shale are tested, and
Charcoal granite represents the basement rock. The experimental methods for the core flooding
device, hydrostatic compression system, triaxial compression system, and mercury intrusion
porosimetry are presented. A poroviscoelastic constitutive model is adopted, where the involved
parameters are accurately determined for the short- and long-term responses. For the multiphase
flow, the relative permeability curves are determined by introducing a novel method, where the
degree of saturation is estimated from the changes in poroelastic properties upon CO: injection.
The chemical effect of CO; treatment on the multiphysical processes of reservoir rock is studied
by monitoring the change in the poromechanical and hydraulic characteristics, where the pristine
and CO; treated specimens are compared and a hydro-mechanical-chemical model is suggested.
Furthermore, the porosity-permeability relationship is established for tight rock by coupling the
poromechanical and flow behavior, as it is important to assure their permeability remains low to
prevent the leakage through the sealing layers. The findings of this thesis are separately reported

in each chapter and the summary of the essential discoveries are as follows.
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1.

The effect of CO, treatment on the compressibility is investigated for the reservoir rocks and
their composing minerals. By measuring the bulk moduli of the rock frame and the
composing minerals, it is shown that the chemical effect for the sandstone is minor, while
calcite dissolution and precipitation affect the limestones’ behavior by creating new
connected and non-connected pores.

The time-dependent response and the effect of CO» treatment are explored. A decrease in the
jacketed and unjacketed bulk moduli of limestones is reported as 20%. For Berea sandstone,
the unjacketed bulk modulus remains unchanged, while the jacketed bulk modulus decreased
by around 15%. The CO> treatment decreases the bulk viscosity by 50-60% for all materials,
promoting more rapid viscous deformation. It appears that the permeability of all tested rock
increases due to CO; treatment by 10-15%, while the power-law porosity-permeability
relationship remains unchanged. The effect of CO; treatment is different for sandstone and
limestones, where the dissolution and rearrangement of calcite particles is believed to be the
main reason for changes in limestone properties, while apparent extension of microcracks
caused by stress corrosion is assumed to be the governing mechanism in the sandstone.

A hydro-mechanical-chemical model is suggested, as the poroviscoelastic properties are
monitored during the treatment process. From the variation of the rock’s porosity, the
chemical effect of CO; treatment is included in the constitutive model. The data on two
monomineralic limestones (Apulian and Indiana) is used to validate the model. The
predictions for the hydro-mechanical-chemical vs the hydro-mechanical models differ
concerning compaction/dilation. If the chemical effect is not considered — the porosity is
expected to decrease with time, while its increased is observed during the CO» treatment,

highlighting the importance of considering the chemical aspect in the constitutive model.
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4. The impact of CO; treatment on the multiphase flow in reservoir rock is studied, with
measurements of the microscale properties such as capillary pressure, wettability, and surface
roughness. The capillary pressure curves for limestones alter due to the chemical effect of
CO> injection, indicating that the relative permeability increases with maximum CO»
saturation. This implies that the chemical effect can increase the CO» injectivity in calcite-
rich rock, emphasizing that it is important to adopt accurate multiphase flow parameters for
reservoir models describing the injection processes.

5. An experimental method is proposed to evaluate the porosity-permeability relationship for
tight rock representing the sealing layers for CO> storage by coupling its mechanical and
flow responses. The porosity-permeability relationship is established by integrating the
experimental results with a porosity sensitivity exponent, based on accurate measurements of
the poroelastic and hydraulic responses of the materials. The analysis presents that the
relationship for tight rock has an exponent value around 15-17, while it is significantly larger
than that for the porous rock. This indicates that a small change in the porosity may
remarkably alter the permeability, which is important for the sealing layers.

Lastly, the implications and future work based on the findings in this thesis are presented. The

general applications of the proposed approaches to reservoir modeling are discussed, as well as

the limitations regarding the scale effect and deviatoric loading. Future work is proposed for the
measurements of the chemical aspects for the hydro-mechanical-chemical coupling model, and
validation of the multiphase flow study with different methods. Then, some preliminary results
on characterizing the two-phase flow behavior in tight rock are introduced with breakthrough

pressure measurements.
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